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The Use of Complex Wells for Reserves Optimization in the Mabruk Field
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is the most extensively developed. The Mabruk
carbonate reservoir, located at a depth of 3500

Abstract: The Mabruk field, located in the
Sirt Basin, is made up of four oil accumulations,

namely North Mabruk, East Mabruk, Central
Mabruk, and West Mabruk. The latter one, where
fair reservoir characteristics were encountered,

* National Oil Corporation, Libya
** Compagnie des Petroles Total Libye (CPTL), Libya

Jt. is characterized by steep variations of facies

together with a complex compartmentalization,
resulting in massive reservoir heterogeneity.
Several attempts were made by various
companies since the late fifties to develop the field
with vertical wells. But due to the small thickness
{45 ft) and low reservoir permeability, the
performance of vertical wells is generally poor.
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Since 1995, the approach used by Compagnie des
Petroles Total Libye (CPTL) succeeded in
developing and increasing the reserves in the West
Mabruk field by using sophisticated drilling
techniques. The use of horizontal and multi-
lateral wells allowed coping with the low
productivity and alleviated the impact of
heterogeneities. Reservoir simulation was also
utilized to predict the areas that will be poorly
swept, and plan infill drilling. A gradual increase
of forecasted recovery from 19% in 1995 to 28%
today resulted from this approach.

The next stage of the Mabruk development will
be to capitalize on the knowledge gained in West
Mabruk, to adapt in the other parts of the Mabruk
field (particularly the East and Central areas).
Also, a review of the well performance and the
improvement in geological understanding should
lead to further improvements in future well design,
including: well geometry, spacing, simulation and
intervention strategy, and water injection scheme.

This paper discusses the development
philosophy followed so far, and the foreseen
improvements currently under study to further
improve the ultimate recovery factor in the field.
Preliminary results from the ongoing
investigations are also presented.

INTRODUCTION: MABRUK FIELD
HISTORY

The Mabruk field is located in Block NC 17 in
the Sirt Basin (Fig. 1). The most sizeable oil volumes
are located in the West and East panels of the Mabruk
reservoir (Fig. 2), a carbonate member of the Heira
marine shales, in the Paleocene. The West Mabruk
(Fig. 3) has been so far the most extensively
developed, due to its relatively fair reservoir
properties (porosity of 15 to 25%, and permeability
of 1 to 100 md). It is characterised by
compartmentalisation of the structure, induced by
heavy faulting. Large and unpredictable property
variations were however, the main drawback in the
field preventing a full-field development until the mid
1990°s.

The history of West Mabruk started in 1959 when
the field was discovered by Exxon, with well AOI,
encountering oil in the Mabruk and Garian reservoirs.
Between 1959 and 1961, Exxon drilled 26 wells and
implemented a five spot water injection pilot test
(250m spacing) in West Mabruk. However, following

1a 14 ) 22 20
_TUNISTA i
\
'\‘ /-_{J_I_EARAH B‘(, Binghazi 34
'l. i fpetaret] CYRENAICA |
o) | \ PLATFORM
A R
(n) L S = l %
B ( " _ ozl
\ SIRT BASIN 'y |
\ // H
) i b -
! /s |
7\ 7 :
L1 N "."‘“f""‘"\ -2
AL KUFRAH BASIN l
\, ."'\..._,_\_ |
\. S —-L. 20
o 100 200m \ SHap S 1 Z
e 5§
Fig. 1. Mabruk Block NC17 location.
NORTH
MABRUK
km
CENTRAL
VIABRUK
MBRUK
WEST MABRUK),

Fig. 2. Panel location and corresponding discovery/appraisal
wells.

corrosion problems and early water breakthrough, the
idea of a full development was given up. Sirte Oil
Company resumed the development in 1982, shot a 3-
D seismic, drilled 4 wells but, also abandoned due to the
poor performance of vertical wells. Subsequently, Lasmo
took over but gave up as well. Since the beginning, the
IOIP estimate has decreased from 1 BSTB to about
half this value. The real development of the field only
started in 1995 with CPTL as an operator, and the use
of horizontal and multi-lateral wells. The development
included a two-year pilot phase prior to finalizing the
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development scheme. Water injection was implemented,
first at peripheral locations, then in pattern, over the entire
panel.

To date, almost 35 million STB of oil have been
recovered from West Mabruk, and the current rate
is around 15,500 BOPD from 35 producers, the
reservoir pressure being maintained by 28 injectors.
Of the 63 active wells, 26 are vertical (dating from
the early development attempts), 26 are horizontal
and 11 are multi-lateral. Horizontal and multi-lateral
wells are drilled with 6" open-hole drains in the
reservoir. Regular 3D model updates are carried out,
with reservoir history-matches, in order to identify
remaining opportunities (well interventions, re-entries
or infill wells). Reservoir management is an integral
part of the development, and the field is closely
monitored with regards to well performance, water
injection at voidage replacement, etc. The ultimate
recovery factor for West Mabruk has progressed
from 5% in 1988 to 28% today.

In the 7 years of development history by CPTL,
a more precise knowledge of the Mabruk reservoir
has been acquired. This will particularly help in the
full development of the other panels, starting with
the East and Central areas, planned this year (2004).
Also, the influence of the reservoir characteristics
on the wells completed in Mabruk is better
understood, as presented in the next section.
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Fig. 3. West Mabruk structure showing the extent of fault panels.

THE MABRUK RESERVOIR: CURRENT
KNOWLEDGE

The Mabruk reservoir is heterogeneous in both
lateral and vertical directions. Rapid changes of facies

and fracture networks are combined with a complex
structural context, characterised by faulted blocks
that are not necessarily recognisable from seismic
data. The reservoir characteristics are degraded
towards the flanks of the reservoir, which translates
into a lack of natural (aquifer) support. The Mabruk
oil is practically free of dissolved gas and provides
no significant energy. This has motivated the decision
to perform water injection at a very early stage in
the field.

The lateral and vertical heterogeneity has
influenced the chosen well design. By adopting
horizontal and multi-lateral wells geometries, the
chance of intercepting good facies or fracture
networks was increased. See Figure 4 for a
schematic of the current well design. Horizontal and
multi-lateral wells, of open-hole design, have been
used extensively since 1995 and contributed to the
success of Mabruk so far. The benefit from fully
open-hole horizontal and multi-lateral wells should not
however, hide their drawbacks which are being
recognised:

o The higher cost and drilling risks,

o The absence of stimulation in most of them

(because of cost and feasibility considerations),
» The lack of future down-hole monitoring and
well intervention capabilities (isolation or
stimulation of specific drains or parts of drains),
due to the open-hole nature of these wells.

The behaviour of horizontal and multi-lateral wells
has actually not been as good as one could have
expected in terms of productivity and developed
reserves, especially in some parts of the field. Looking

ESP or SRP

6" open hole\"-“\\y

Fig. 4. Typical current well design used in the Mabruk reservoir.
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at the historical performance of the West Mabruk
wells, itis indeed possible to relate productivity, water-
cut development and pressure support to the local
reservoir characteristics. For this, a systematic review
of all Mabruk wells was recently performed, which
aimed at improving the understanding of the field,
while alsc identifying possible data gathering and
intervention opportunities. The review strongly
suggested that the Mabruk wells performance
depends on the prevailing fracture environment, as
follows:

e Fracture-dominated: this type of environment
characterises the production in the Northern panel
of West Mabruk, where large fracture corridors
have been recognised by fracture characterization
studies. The effects on well performance and its
link to well design, confirmed by the well review,
are as follows: )

- Rapid water breakthrough is observed, due to
the interception of open fractures. This affects
the ultimate recovery, generally lower than for
other environments,

- There is no clear correlation between drilled
length and well performance. The longer multi-
lateral drains seem to actually perform worse,
in terms of productivity and reserves, possibly
due to the fact that a limited number of
fractures are contributing to production.
Productivity of vertical wells can be as good
as for horizontal ones (when they intercept
fractures). Reserves developed by multi-lateral
and even horizontal wells is disappointing
compared to vertical wells, due to the
impossibility to isolate fracture-related water
breakthroughs,

- Drain azimuth with respect to fracture
orientation seems to play a significant role, with
the NE-SW direction - perpendicularly to the
main fracture direction - improving productivity
or injectivity, although the correlation is not
straightforward.

e Fissure-dominated: this type of environment,
characterised by a good equivalent permeability
by low microscopic sweep efficiency, is found
mainly in the southern part of the South panel, in
West Mabruk. The review results for the
corresponding wells are as follows:

- Water breakthrough is not so problematic as it
is for the fractured environment, with a positive
impact on reserves,

- As for the fractured environment, correlation
between drilled length and productivity is not

straightforward, and some vertical wells
perform better than horizontal and multi-lateral
wells. The poorer wells (in terms of
productivity and reserves) are however
vertical so horizontal geometry seems to
increase the chance of intercepting good facies
and fissure networks,

- Productivity/injectivity is, again, possibly
improved by NE-SW azimuth directions.

e Matrix-dominated: this environment, where no
significant fracture of fissure network is
encountered, is found mainly in the Central panel
and the northern part of the South panel, in West
Mabruk. The results of the well review for the
concerned wells shows that:

- As expected, water production is not yet a
problem in this environment, and there is even
an acceleration potential with infill drilling at
tight spacing,

- There is a much clearer correlation of liquid
rate and productivity with the drilled length.
Productivity is generally lower than for the
fractured/fissured environment, but is clearly
improved by drain length. Reserves are also
well correlated with the drilled length,

- Drain azimuth is not seen as an influencing
parameter.

This improved knowledge led to the belief that
well design should be adapted to the fracture
environment, which resulted into a specific
investigation: the Well Concept Study.

THE WAY FORWARD: STUDIES OF NEW
WELL DESIGNS

A Well Concept Study was initiated in 2003, in
order to optimise the design of future wells for the
Mabruk further development (both on the East and
Central undeveloped areas, and at infill locations in
West Mabruk). The outcome will be a set of
recommendations affecting not only future drilling
practices but also completion and stimulation methods.
The ability to effectively stimulate wells is seen as a
major contributor to the success of the future designs.
The methodology was to first define the reservoir
requirements needed in each fracture environment:
o High productivity: as confirmed by the well review,

for the fractured and fissured environments,

efficient connection of the fracture/fissure
network is needed, but does not necessarily
require long drain length. On the other hand, long
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lengths are needed in matrix environments, as they
provide larger productivity and reserves. Fracture
plugging and matrix damage should be avoided or
cured, through appropriate stimulation, avoiding
large sections of the drain not producing, which
would explain the poor performance of some of
the longest existing wells,

Efficient pressure support: well design should be
optimised to allow pressure support while avoiding
early water breakthrough. The currently low
water-cut in the matrix environment points at the
opportunity for smaller spacing. The distance
should be optimised (larger in higher permeability
or fractured/fissured environments than in poor
permeability or matrix formations), but also a
balanced production and injection between the
reservoir layers needs to be obtained,

Practical well intervention: the current “fully open-
hole’ well design does not allow practical down-
hole monitoring and water shut-off, despite the
need for such interventions in many existing wells.
The drawback has been lower developed
reserves. Future well design should offer the
possibility of such interventions so that reserves
are maximised.

Based on the above analysis, the investigation of
the following well concepts was proposed, the
objective of the Well Concept Study was then to
fine-tune the design parameters and determine
their technical and economical viability:

For a fractured medium: see Figure 5. The
proposed design is that of a lined, cemented,
perforated and stimulated single-horizontal well,
oriented perpendicular to the fracture direction,
with large spacing and line-drive. A large length
would ensure that a maximum of conductive

[ FRACTURE-DOMINATED |

-long single-harizontals|
ined { cemented

-perforated and
stimulaied selectively
-large spacing

-line drive injaction

N

-high praductivity
{distiibuted batween

afl fractures)
-delayed breakthrough
~future WSO

Fig. 5. Proposed well design adapted to a fractured-dominated
environment.

fractures would be intercepted, and save on the
number of wells. Such large length would however
require that each fractured zone is individually
perforated and stimulated, so that production and
injection is not affected by uneven damage. The
cemented liner would also ensure selective water
shut-off. The large spacing avoids early
breakthrough.

o For a fissured medium: see Figure 6. The proposed
design is a lined and cemented short trunk, possibly
with one or two short open-hole laterals targeting
each main pay zone, with large spacing and 3-
spot injection. Large open-hole length is not
necessarily required, but more than one drain
would improve the chance of intercepting the
fissure network. The cemented liner in the trunk
would ensure future water shut-off (of a whole
leg at a time, no isolation required within each
leg), isolation of legs while drilling (to prevent
differential damage between legs) and also a
selective light stimulation program (acid or bleach
circulation at TD). The 5-spot ensures optimum
volumetric sweep for these relatively small wells.

e |
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Fig. 6. Propased well design adapted to a fissured-dominated
environment.

e For a matrix medium: see Figure 7. The proposed
design would be a lined, cemented horizontal
backbone with open-hole lateral legs, drilled at
small spacing, with line drive. Productivity would
be ensured by the very large open-hole length,
the spacing would be small enough to provide
pressure support. The lined and cemented
backbone ensures the same functions as the trunk
of the fissured medium design, with possibility of
leg isolation and selective stimulation.

Note that the Figures 5-7 are proposed designs
and the quoted lengths/distances are qualitative



6 A. Gaaim, Y. Bigno and A. Al-Faia

MATRIX-DOMINATED -long multi-lateral
-6 open-hole legs from

lined back-bone

-legs individual
stimutation
-small spacing

o -close injection
P -high productivity
{large OH length}
-futura WSD

Fig. 7. Proposed well designs adapted to a matrix-dominated
environment.

indications only, and were fine-tuned during the

study. The technical feasibility of the 3 designs is

also being investigated, with answers to the
following questions:

¢ Technical and cost impact of drilling a
sufficiently large diameter in the reservoir (8.5"),
subsequently lined and cemented (7" liner),
common to all three designs. This represents a
major change compared to the current well design,
for which the 7" liner is set at the top-reservoir,
with an impact on costs,

e Feasibility of proposed geometrical parameters
(lengths, angles, etc.), of completion and
stimulation requirements, and cost impact,

The preliminary results of the study show that
the proposed well concepts are technically
achievable. Although they will cost more, the
associated gain in productivity and reserves should
largely compensate for the incremental CAPEX. The
increase in productivity estimated by the study was
very large, due to the adapted geometry but also the
assumed effectiveness of stimulation methods. The
gain in reserves was extremely encouraging.
Recovery factors ranging between 40 and more than
50% were indeed obtained by sector model
simulations. While lower recoveries are expected in
full-field situations, figures in the range of 35 to 40%
could still be expected in West Mabruk, compared to
about 28% currently booked. This represents a gain
of 7 to 12% recovery. The gain will be even superior
in East-Central Mabruk, where only 16% recovery
is currently expected. These results are however,
subject to more in-depth studies, such as:

¢ Further sensitivities on reservoir parameters and
uncertainties,

e A more detailed review of the technical feasibility
of the new wells, with cost estimates, that will
help fine-tune the economical evaluation,
However, nothing will better confirm the

encouraging results than some field trials. As the
success of the new designs will largely depend on
the effectiveness of stimulation, it is proposed to test
innovative stimulation methods in one or several
existing horizontal or multi-lateral wells. Then, several
pilots could be drilled in the field within a few months
following the completion of the study.

CONCLUSIONS: REACHING 40%
RECOVERY IN MABRUK?

The early years in the Mabruk development have
been characterised by a lack of reservoir knowledge,
in a field where lateral and vertical heterogeneities
have a major effect on well performance. This lack
of knowledge meant that reservoir properties could
only be assessed as wells were being drilled. This,
and other difficulties such as the presence of seismic
‘blind” zones, made Mabruk a very challenging
development. Since 1995, however, a lot of ground
has been covered in the recognition of properties,
their mapping, and the reduction of seismic risks,
through data acquired in new wells but also by
performing subsurface characterization studies. A
better understanding of the fracture network, and its
influence on well performance, was in particular a
very valuable knowledge, which could subsequently
be translated into improved well concepts, currently
under evaluation.

The principles behind the choice of new well
designs were motivated by the fulfilment of the main
reservoir requirements ensuring efficient
development of the Mabruk reservoir: the need for
productivity (and injectivity), the need for effective
pressure support (through water injection), and the
benefit from an appropriate well life-cycle. This last
point relates to the ability to perform data gathering
and water shut-off activities in order to maximise
reserves.

From the preliminary results of the study, the
foreseen improvement in productivity from the new
well concepts could be very significant, and is to be
confirmed by field trials and pilots. It will certainly
alleviate the need for large number of wells in the
undeveloped parts of Mabruk (East and Central).
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Even more importantly, the improvement in reserves
is very encouraging. It shows that recovery factors
from even difficult reservoirs such as Mabruk can
match the highest levels obtained in the oil industry,
reaching in this case the 40% level, possibly more.
The application of such analysis and studies, and
possibly the adoption of similar well concepts in other
difficult fields could prove very attractive to the long-
term development of resources in Libya.

Simple open-hole multilateral wells have been
commonly drilled in the 1990s in different worldwide
locations!"”"!, some of them using similar *“fishbone”
geometries™ *. The application of multi-lateral well
technology has been particularly extensive in the
Middle East, especially in Oman®7l. However, the
Mabruk field in Libya has benefited from multi-lateral
wells since the end of the 1990s, with an overall
success®l.
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Abstract: Mature-fields production optimisation
faces many challenges, among which geoscience-
related problems are of paramount importance.

The Welfare method developed by TOTAL
addresses many of these problems, as it is aimed
at characterising reservoir behaviour and
detecting insufficiently drained areas, as well as
proposing and testing of re-engineering
scenarios.

The method uses an in-house developed
software that is based on mono-variant and rmulti-
variant statistical analyses of mainly production
data, as well as geological, reservoir and fluids
data. It includes an iterative integration of all,
quantitative or qualitative, geoscience and
production data with the statistical computation
results.

Each well production history is summarised by
selected characteristic values, called Production
Indicators that are calculated and mapped all
over the reservoir area. In this way, field
compartments and sectors with different
production characteristics clearly appear and are
interpreted with the help of static and fluids data.

Previously unknown features often appear,
such as production-impacting fractures (sealing
surfaces, fracture corridors, axes of water or gas
breakthroughs, etc.), areas with increased
vertical reservoir connection, spatial distribution
of impacting heterogeneity, or field sectors of
different value. The uniformity, or to the contrary,
a large variation range, of well production
behaviours throughout the reservoir area
indicates the degree of lateral continuity that
characterises reservoir properties. The knowledge
of this, and related interpretations, led to a
reservoir diagnosis, and to a qualification of the
degree of predictability of production behaviour
of future infill wells. These results are
subsequently used to determine the location of
under-produced areas, and a new scenario of
Juture field re-engineering can then be tested and
future production calculated.

Selected examples illustrate these aspects.
Variable field heterogeneity and linear frends
impacting production are presented.

An example of fluvial-deposited silici-clastic
reservoirs shows why the field had to be divided
into separate areas for water injection. A second
field, made up of vertically repeated deltaic
sandstone reservoirs, could be split into
significant areas with a clearly distinct dynamic

behaviour. Re-engineering proposals were based
directly on their knowledge.

Another example concerns a platform
carbonate reservoir that developed on a paleo-
high. Calculations with Welfare proved, in a very
fast way, an increased vertical connectivity near
the top part of the structure that is fully compatible
with the sedimentary and diagenetic settings. This
knowledge and the distribution of, for instance,
produced water salinity led us to proposing a
modification of the water injection pattern and
additional development drilling that proved very
productive.

The experience acquired over a few tens of
fields demonstrates that most of the fields can be
processed with the Welfare method and software.
Fields with long production history and many
wells (say more than 40 years of production and
more than 1500 wells) can be easily processed,
as demonstrated by one of our examples.

Our experience was gained from reservoirs
covering most of the silici-clastic and carbonate
depositional environments, and a variety of
structural settings and fluids characteristics.

Welfare is a key tool to IOR as it allows spotting
un-drained hydrocarbons and thus increasing the
quantity of recoverable reserves, and as it
facilitates the optimisation of field re-engineering,

INTRODUCTION

Oil and gas field exploitation classically faces
many difficulties. Mature fields bring their own lot of
additional challenges that need to be thoroughly
addressed, in order to extract, in the most economical
way, barrels of oil that remain to be produced. Mature
fields often started producing long ago, when
techniques for extracting information from the
reservoir were not as developed as they are
nowadays; consequently, the quantity and quality of
data may be rather variable throughout the reservoir
history. This might drastically impact future field
development and economics, if we were not in the
position to investigate field behaviour and reservoir
characteristics with the necessary accuracy. What
we want is clearly to maximise hydrocarbon
recovery, optimise economics and exploit natural
resources in the best way.

In order to master the recovery of remaining and
bypassed hydrocarbons we must maximise the
amount and the quality of information that can be
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extracted from any available data. Therefore,
processing all data as thoroughly as possible and
integrating them is of great importance. For instance,
production rates highly depend on field geological
characteristics, reservoir properties and fluids
properties; the knowledge of these three allows the
understanding of reservoirs for which production
history files are available.

In order to obtain the most and the best from the
available data, TOTAL has developed an in-house
computer-assisted method, called Welfare, dedicated
to an efficient fast track processing and interpretation
of reservoir-related numerical and qualitative data.

THE WELFARE METHOD

Welfare does not use the classical history
matching required by numerical reservoir simulation
models, which can last several months or more.
Instead, it organises and integrates all dynamic and
static data at the same scale, with the spirit of data
mining "3, Tt is powerful and fast: a study lasts a
few weeks only, sometimes less.

The method includes a data processing and a
related, iterative, synthesis that takes into account
both static and dynamic results. It can be described
as a “computer-assisted brainstorming”, in which the
software is the tool to answer questions that arise
during the study. Nevertheless, there are several
steps, ranging from a validation of numerical data
and a first synthesis of qualitative data, computations
and interpretations that lead to a field diagnosis for
each reservoir for which production data are available,
breaking the field into sectors, proposing field re-
engineering, and testing of scenarios and previsions.
Some of the steps may be used in different ways, to
further enforce results with other methods.

The numerical data processing primarily uses the
production history record, known per completion (one
branch of a well equals a completion, in this sense)
and, preferably, per reservoirtl. Numerical geological
data (such as hydrocarbon pore volume, net-to-gross,
porosity, permeability) and/ or seismic characteristics
(such as attributes or interval velocities) can also be
included, according to the needs. The numerical
processing is based on mono-variant and multi-variant
statistical data analyses'™ which can include all
numerical data together, at the same scale. The
processing options and the necessary control are
derived, atevery step of the work, from the synthesis
of all aspects of reservoir characteristics, Iterations

between processing and interpretation improve the
results until they are considered satisfactory.

Production history files are numeric tables of
varying parameters (such as oil flow rate, water flow
rate, cumulative values, water cut, gas-oil ratio) vs.
time or each other After an adequate preparation
(with a homogeneous presentation that will enable a
proper use of the tables), the data validation is
implemented, through cross-checking and, if
necessary, cross-correlation. Production data are
smoothed or modelled for each well and each
reservoir. Time-related drifts are corrected and
readings recorded at different dates, hence at
different degrees of reservoir depletion, can then be
compared. Key values, called Production Indicators
that correspond with singular evolution points (hinge
points, maximums, slopes of selected parts of curves)
are calculated and filed.

The dedicated software generates histograms,
cross-plots and maps all connected by dynamic
links!®!. In this way, all production characteristics,
including apparent “’anomalies”, can be duly
investigated. For each mapped Production Indicator,
areas showing a given behaviour are selected and
their whole distribution is interpreted. Then,
deterministic synthesis maps are built to gather the
useful information. They summarise reservoir
behaviour, and show ranked areas with high or low
production, water inflow, breakthroughs, etc. Classes,
obtained from a multivariant statistical clustering of
production parameters, are ranked and interpreted,
in order to cross-check deterministic results.

All along, syntheses of geological and geophysical
data, available at the same scale as dynamic data,
are used to calibrate observed dynamic behaviours,
and their apparent “anomalies”. There is an iterative
work to explain dynamic facts from reservoir geology
and to evaluate how salient geological features impact
production.

Reservoir Diagnosis

The Welfare method is aimed at visualising the
salient aspects of a reservoir, evidencing previously
unknown features, finding out what heterogeneity
impacts production the most, defining compartments
and/or sectors with a homogeneous or nearly
homogeneous reservoir behaviour, i.e. at highlighting
features important to a good understanding of the
reservoir area. This field diagnosis is needed to
propose adequate solutions for field re-engineering.
It must evidence the variable size and location of
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areas with a given dynamic behaviour and
characterise the boundaries between them.

Compartments are defined from different data,
which include pressure patterns, Productivity Index
maps, Production Indicators distribution and linear
features. Sectors are defined as areas with
comparable production behaviours. One or several
sectors may correspond to a compartment. When
compartments cannot be defined, then sectors
become predominant. There is a characteristic
behaviour pattern for every reservoir in every
field.

Evidencing a Degree of Heterogeneity

Some fields are very simple, with a sub-regular
pattern of dynamic behaviours: in Figure 1 below,
ranked classes 1 (poorest) to 4 (best) follow a nearly
radial pattern. Class 1 produces a lot of water and it
clearly indicates a water influx from the west, which
is related to a stronger aquifer support. Class 4 is
located in two central areas and has a lower water
cut and a higher oil flow rate Qo; it is located further
away from water influx areas and it probably
corresponds to higher hydrocarbon pore volume
values.

Class Qo
1
N
2
Eers———
3 A
B

Fig. 1. Reservoir with a simple behaviour pattern.

In this carbonate field, re-engineering is
relatively simple to define, and it is based on a
choice of the less produced parts or less water-
invaded areas.

On the contrary, other fields may show a high
degree of variation of dynamic properties. For
example, the silici-clastic field of Figures 2 and 3
shows a highly varying pattern, which is clearly visible
on Production Indicators maps (as shown in the oil
decline rate, Fig. 2) and on classes of production
behaviour (Fig. 3).

Fig. 2. Reservoir showing a large degree of variation of the Qo
decline (larger declines in blue).

Fig. 3. The same reservoir, seen at the light of a six-class
visualisation; it is highly heterogeneous, as some regions are
largely different from others, and as large variations occur in
every area (best classes in red, worst ones in blue).

Examples of Production-Impacting Linear
Features

Previously unknown boundaries are commonly
evidenced. This is very important, because it obviously
has direct implications on the reservoir behaviour
understanding and on re-engineering. Very often, the
newly evidenced boundaries are faults at a sub-
seismic scale, but they can also correspond to facies
variations or diagenetic patterns. Boundaries may be
tight, or simply tighter than the surrounding areas, or
behave as drains facilitating the propagation of water
from the aquifer or from injectors, or gas from the
gas cap or from injectors (Figs. 4 and 5).

These cases involve linear axes that can be
associated with structural discontinuities. Calibration
on seismic and/ or on regional tectonic trends is
necessary to finally interpret and refine the patterns.

The impact of evidencing such preferential axes of
dynamic behaviour may be very high on are-engineering
project. Not all redevelopment patterns are suitable. The
individual injection arrays must be adapted to real
constraints that were previously unknown.

Evidencing Compartments Through Dynamic
Lineaments Mapping

In a South American silici-clastic field with more
than 1500 wells and a production period over 40
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100 %

Fig. 4. In this silici-clastic reservoir from South America, the
water cut distribution follows trends which can be calibrated on
previously mapped faults (in black). Many more faults may be
suggested (in white), and their mapping needs to be refined
according to the structural knowledge.

Fig. 5. In this carbonate reservoir from the Middle East, the
ratio between the maximum and final oil flow rate indicates
trends with a larger decrease, themselves indicating a tighter
formation ; the alignments suggest structural patterns.

years, production indicators mapping revealed
previously unknown features!”!, These are visible as
alignments of wells showing distinct production
behaviour from nearby wells (Fig. 6). Overall, well
production was poorer in aligned wells, as it could be
demonstrated with a mono-variant statistical analysis
of several Production Indicators, confirmed by a multi-
variant statistical analysis generating ranked classes
of well behaviour.

The structural study showed that a first trend of
lineaments was parallel to the main trend of normal
faults in the field. A second trend was almost
perpendicular to it, and was not corresponding with
previously mapped faults from 2D seismic. It could
be demonstrated that it was the direction of another
group of normal faults, present at a sub-seismic scale.

Fig. 6. Dynamic lineaments (shown by arrows) are evidenced
from contrasting values of production indicators in aligned wells.

This indicated the need for a seismic reprocessing
and the acquisition of 3D seismic, and that
(reyprocessing had to be designed to highlight subtle
faults.

The major consequence of the presence of
lineaments that behave as trends of much lower
permeability is that the field bears many more
compartments than those initially thought to exist.
Lineaments are partial barriers to water flows and
to oil sweep and are potentially detrimental to the
efficiency of water injection. Therefore, the design
of new injection patterns must be adapted to this new
constraint, in order to maximise their efficiency.

Such results are critical for field re-development,
as well patterns can be adjusted to heterogeneity.

Evidencing Sectors, Including Natural Water
Input Areas

In a West African field (Fig. 7), oil-bearing deltaic
to coastal sandstones below a primary gas cap were
produced through natural depletion and solution gas
drive, with nearly 30 wells. After data validation and

Fig. 7. Sectors definition in deltaic sandstones. A peripheral ring
is more water-invaded (areas F and G), while best area A is
located atop the structure (blue triangles = water injectors;
others= producers).
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curve smoothing (water cuts, GOR) or modelling
(oil flow rates), Production Indicators were
calculated for each well. Around 20 of them were
selected and mapped. This led to generate
synthesis maps showing the areas with better (A
area) and worse (G areas) reservoir behaviour
(from larger oil flows and lower water cuts to
smaller oil flows and higher water cuts). Several
ranked areas with clearly identified characteristics
were defined in this way.

This work clearly highlights areas prone to water
influx. Based on well density in every area and on
the corresponding dynamic and geological
characteristics, sectors prone to receive infill wells
were selected. This selection can be refined
afterwards, through grid reservoir models. It greatly
helps in drastically reducing the size and the
complexity of these models.

Evidencing an Area with a High Vertical
Transmissibility

In a West African carbonate field with nearly
50 producing wells and 7 water injectors, an area
with a better vertical transmissibility was evidenced
by mapping the “b” value of the 1/b exponent of
oil rate decline curves (Arp’s Equation).
Significantly lower “b” values, below 0.3, are
encountered around the structure apex. It was
demonstrated that this upper area corresponds with
interruptions of three intervening beds of anhydrite
and tight dolomite (Fig. 8). This is due to non
deposition and dissolution during relative sea level
falls that occurred on the salt-related paleo-high
where sedimentation took place. Carbonate spread
dissolution during the falls, increased porosity and
permeability in the same area.

NW SE

Fig. 8. Simplified reservoir geometry, with a central area of
better vertical transmissibility related to interrupted internal
barriers and carbonate reservoir dissolution.

These reservoir characteristics indicate that oil is
drained differently in different parts of the field.
Salinity values mapping (Fig. 9) was used to trace
where injection water (at 35 g/l) moved into the
oil reservoir, which has a connate water salinity
of 250 g/l areas less drained were near the
structure apex. An increase of production rate was
proposed to drain it and water injection flow rates
were adjusted to direct the water front toward the
concerned wells. Proposed additional drilling
proved very productive.

Fig. 9. Produced water salinity in producing wells, showing
higher values in the poorly swept central area ; arrows indicate
the injection water motion.

FIELD RE-ENGINEERING AND
PRODUCTION PREVISIONS

Once the reservoir diagnosis is completed, i.e.
once its characteristics and behaviour during
production have been duly investigated and
understood, and whenever necessary for each
production mechanism or EOR/ IOR step,
proposals for field re-engineering can be made.
They take into account the distribution and density
of already existing wells in each of the sectors
ranked according to their quality (with reference
to oil flow rate, water cut, GOR) and the prevailing
production mechanism. Newly acquired
knowledge on barriers and drains is largely used
to define the re-engineering scheme.

Additional wells may be proposed, or simply
redistribute injectors and producers in order to
focus the sweeping fluid toward the best
producers. Workovers or stimulations can also
be proposed. Each scenario can be tested with
Welfare, in order to evidence its impact on
hydrocarbon recovery.
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Production prevision curves can be generated for
each sector, compartment or group of wells. They
may take into account successive scenarios and

production mechanisms (Fig. 10). In this way, the
benefits from each scenario can be evaluated and
compared, which leads to select the optimum solution.

WATER INJECTION

|~ STARTING DATE

4 ;:D!DE{DICTION - '
|

Qo 200 WELLS <
15000+
100001
50001 Lk‘,
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73-09 B7-05 01-01 14-10
60000 !
ol iy
| i
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Qo fh{
200001 u"ff’L |
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Fig. 10. Examples of curves for different group of wells and re- engineering scenarios. The graphs show the situation at the starting date

(Year 2000) and forecasted production.

CONCLUSIONS

The use of production and static data, with the
spirit of data mining, and the interpretation of
Production Indicators, is an efficient and fast way to
map reservoir performance, provided necessary
precautions are taken. These precautions noticeably
include the consideration of what production
mechanism is involved, its degree of continuity
through time, the distribution of well activation
methods and the distribution of well completions. They
also relate to the many uncertainties which usually
exist in a mature field.

Production Indicators study is well adapted to find
out what major production behaviour patterns occur
in the reservoir (inversion approach). After their
calibration with geological and geophysical
knowledge, and the identification of geclogical
features impacting production, the zones with
remaining potential are selected and proposals for
reservoir re-engineering are made. Recommended
areas or solutions largely take into account the new
information provided by the Welfare study. Field re-

engineering is, therefore, much more relevant to
existing reservoir complexity, and therefore more
efficient.

The Welfare method is extremely powerful for
both reservoir diagnosis and efficient proposals of
re-engineering. By spotting un-produced or
bypassed hydrocarbons, and by testing re-
engineering scenarios, this method allows large
improvements of production. It helps to maximise
hydrocarbon recovery, producing natural resources
in the most efficient way. It is a key tool to add
value to producing fields.

The experience currently acquired by TOTAL
concerns a few tens of fields. They correspond to
most of the depositional environments, reservoir
geometry patterns, and a variety of structural settings
and fluid characteristics. Welfare can be applied to
most of the fields, but it is particularly efficient for
mature fields with long production histories, a large
number of wells, with an irregular data array.

The use of Welfare studies may largely contribute
to a good field understanding before EOR/ IOR
programmes are implemented.
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Re-Development of a Mature Field
For Production Acceleration, Intisar 103E Field

E. Senturk, M. Lahwel, B. Bzezi and M. Eighmari*
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Abstract: This paper presents a successful
re-development and production acceleration
project of Intisar E Field, Upper Girs A, B
and C reservoirs of the Zueitina Oil
Company. The project was implemented from
1999 to 2002 on the bases of a reservoir
simulation study. The re-development plan
comprised drilling 6 vertical injectors and 6

horizontal producers, and re-completion of

existing 8 wells as commingled and/or dual
producers. As a result of this project, the oil
production potential of Upper Gir reservoirs
has been increased almost by three folds from
an average of 0,400 STB/D in 1999 to 20,000
STB/D in September 2002, The incremental
reserves are predicted at 33.4 MMSTB until
the vear 2022,

* Zueitina Oil Company, Libya

INTRODUCTION

Intisar 103E Field is located approximately 260
km to the South of Benghazi in the Sirt Basin,
Concession 103. The field was discovered in 1968
by drilling well E1-103 down to a total depth of 10,890
ft in Upper Sabil. The well was drilled on a structure
similar to the giant reef fields at 103A and 103D. In
103E field, however, the reef proved to be wet. Figure
1 shows the location of the field in Concession 103
of the Zueitina Oil Company.

As of December 2002, a total of 40 wells have
been drilled in the field. Among these wells, 23 are
vertical producers, 6 horizontal producers and 11
water injectors. The well location map is shown in
Figure 2.

The Intisar 103E Field comprises seven
separate producing reservoirs, designated from top
to bottom as Elgiza A and B, Upper Girs A, B and
C, Lower Girs and Shoal. The reservoir structures
are four way-dipping anticlines with varying
closures from 50 ft to 150 ft. All reservoirs are
carbonates, mainly limestone, stacking on top of
each other. The cross-section shown in Figure 3
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Fig. 1. 103E field location.
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Fig. 2. 103E field well locations.

depicts all reservoir units from Elgiza down to
Shoal (Upper Sabil).

Among the seven reservoir pools in the field, the
Upper Girs are the largest reservoirs with respect to

EB E1 E3

original oil in place and reserves. Table | presents
the original oil in place and reserves distribution among
the pools.

The Upper Gir A, B and C reservoirs comprise
an OOIP (original oil in place) of 264 MMSTB, which
constitute about 70% of the total field initial oil in
place of 391 MMSTB and 89% of the field total initial
reserves of 121.7 MMSTB.

The Gir A reservoir, with an OOIP of 168.4
MMSTB, is the largest compared to Gir B and C
reservoirs having OOIPs of 79 MMSTB and 17
MMSTB respectively.

The reservoir rock is limestone with a rather high
porosity of 23-28%, but low permeability of 10 — 20
md. These reservoirs are not in communication and
stacking on top of each other. They are separated
by non-communicating tight layers. Figure 4 illustrates
the cross-section indicating the thickness, porosity and
relative vertical layout of the subject reservoirs, which
were subdivided into several layers for the simulation
modeling. Gir A was subdivided into 5 layers
designated as A1, A2, A3, A4, A5; Gir B into 3 layers
as B1, B2 and B3 and; Gir C into 2 layers as C1 and
C2. The accumulation of the oil in these separate
reservoir pools has taken place due to presence of

Table 1. 103E Field QOIP and reserves distribution.

O0IP Qil Reserves
MMSTB MMSTB
Elgiza A& B 28.5 23
Upper Girs, A, B & C 264.2 108
Lower Girs 91.2 94
Sheal 7.1 z
Total 391 121.7

Cen)
L —

2 Lower Gir Producers

Fig. 3. Cross-section along the field (E6 to E28).

Kheir Shale
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Fig. 4. E23 open hole log interpretation in Gir A, B and C,

tight formations (cap rocks) at the reservoir tops
designated here as T1 for Gir B and T2 for Gir C.

STRATIGRAPHY AND TRAPPING
MECHANISM

The general stratigraphy and structure has been
controlled in the 103 area by its presence in the area
of the shelf edge in Upper Palacocene times between
the Marsa Brega trough and the Gialo/Amal high.
Reefal biocherms developed on this shelf edge through
the Upper Palacocene after which there was a
transgression or subsidence in the very late
Palaeocene resulting in the deposition of the Kheir
marls and shale. During the Eocene, there was
predominantly shelf carbonate deposition with the
grain size being determined by provenance and water
depth. Locally the sedimentation has been influenced
by drape over the reef resulting in locally shallow
water depths in the immediate area of the reef
resulting in rather gentle homoclines providing up to’
150 feet of closure. The oil accumulated in 103E in
the Shoals, Gir and Elgiza formations being trapped
by the above homoclines. Figure 5 illustrates the
generalized stratigraphic section of 103E area.

GEOLOGY OF THE GIR ‘A’, ‘B’ AND ‘C’
IN THE. 103E AREA

Several cross-sections in the area indicate that
the geology of the Upper Girs in the 103E area is
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Fig. 5. Generalized stratigraphic section, 103 E area.

quite monotonous. The same sequence exists at other
fields in the area, however, the thickness varies. Table
2 compares the relative thickness of Upper Girs in
the 103E and 103D fields, which are about 15 km
apart.

Table 2. Thickness of Upper Girs in the area.

Zone 103E Field 103D Field
Thickness at E13 Thickness at D4

Gir ‘A’ 268 134

Tight Zone ‘1’ 10 15

Gir ‘B’ 135 220

Tight Zone ‘2’ 82 95

Gir ‘C’ Not defined Not defined

In the area of interest, there appears to be little
faulting above the Palaeocene. The traps that have
been found in the Gir and El Giza at 103A, 103D,
and 103E are formed by gentle domes draped over
an underlying reef with up to 150 feet of closures.
The sedimentation, however, was influenced mainly
by underlying old structure on the shelf edge and by
the overall deformation of the Sirt Basin.
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PETROPHYSICAL PROPERTIES OF THE
RESERVOIR LAYERS

The gross thickness of Gir ‘A’ at 103E averages
270 feet and thickens to the west towards E2. The
net oil pay of Gir A is estimated at 80 feet. The
average gross and net oil pay thickness of Gir B are
135 feet and 60 feet respectively. The net oil pay in
Gir C is estimated at 25 feet.

The petrophysical properties of the sub divided
layers in each reservoir are shown in Table 3.

Table 3. Petrophysical properties of sub-layers.

Gir A

Layer Al A2 A3 Ad | A5
Thickness. ft 44.7 34.4 32.5 62.3] 96.3
Porosity (log%) | 23.8 28 25.8 21.7| 214
Sw (log%) 34.3 26.1 54.2 100 | 100
Core Kh (mD) 0.2-3.1| 7.7-10.7 [ 7.2-7.7 | 4.8 | N/A
Core Ky (mD) | 1.1-3.8]| 5.8-84 |6.2-75 [ 3.7 | N/A

GirB&C
Layer Bl B2 B3 Cl
Thickness.ft 27.9 28.2 75.3 31.7
Porosity (log %)| 25.2 23.2 21 24.6
Sw (log%) 32.2 42.8 787 | 49.9
Core Kh(mD) 64-17.2] 3.9-9.6] 11.3 [ N/A
Core Ky (mD) 0.9-16.2| 0-3.6 2.3 N/A

The C2 zone in the Gir C reservoir is considered
the top of the shallow water carbonates, which
extends toward the Kheir Formation and has been
termed the Lower Gir.

RESERVOIR DRIVING MECHANISM

The porosity is, in general, high, above 20%, in all
reservoirs but contrary to that, the permeability is
relatively low, particularly in Gir A at a neighborhood
of 3 md to 8 md. The range of permeability of Gir B
and Gir C are relatively higher than Gir A at ranges
of 10-15 md. Due to the low reservoir and aquifer
permeability, the strength and response of the aquifer
to the production is not significant. Therefore,
particularly at early production stages, the reservoir
pressures in each reservoir declined significantly and,
consequently, a peripheral water injection scheme was
initiated after 1980 to arrest the declining pressure.
Figures 6 and 7 show the history and decline trends
of reservoir pressures in the Gir A and Gir B
reservoirs. In spite of low early production rates, the
reservoir pressures declined by 40% percent from
around 3000 psia to 1800 psia in the centre of the
reservoir. It is obvious that initial peripheral water
injection did not help too much in arresting the pressure
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Fig. 6. Gir A production/injection/pressure performance history.
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Fig. 7. Gir B production/injection/pressure performance history.

decline or in improving the production rate of the field.
This was mainly due to; 1) poor injectivity due to low
permeability and 2} distant proximity of the injectors
to the main producers in the centre of the reservoir.

OIL PROPERTIES

The following table (Table 4) shows the range of
PVT properties in the Gir A, B, and C:

Table 4. Reservoir oil properties.

Deg. Pb GOR
API psia SCF/STB
Gir A 35 390 185
Gir B 36 560 282
GirC 39 460 346

FIELD DEVELOPMENT HISTORY

The field development is comprised of three
phases as follows:

Phase 1 - 1968 to 1976. A total of 12 wells
were drilled during this period. The first 2 wells, E1
and E2, were drilled deep down to the Lower Sabil
and the other 10 wells were drilled shallow, down to
Upper Girs. Initially, Upper Gir reservoirs were
developed with 4 producers in Gir A and 3 producers
in Gir B. Due to lack of aquifer strength and the
consequent depletion of reservoir pressures, two
peripheral wells, E2 and E6 were completed in 1980
as commingled injectors in Gir A and B to arrest the

declining pressures. The production from Upper Girs
utilized artificial Gas Lift. The gas was provided by
the associated gas produced from the nearby giant
fields, 103D and 103A.

During this period, Elgiza A and B reservoirs were
also produced from three wells with electrical
submersible pumps for a short time between 1976 to
1978. Figure 8 presents the field well lay out during
this phase.

g

Ef1

E13
1]

:

Fig. 8. Well lay out from 1968 up to 19835.

Gir A Producers
Gir B Producers
Injector

Phase 2: 1985 to 1995. The field was further
developed by drilling additional 16 vertical wells of
which 6 were drilled deep to the Upper Sabil Shoal
reservoir. Due to continuing decline of reservoir
pressure in Upper Girs, particularly towards the
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centre, an additional three wells, E16, E20 and E28,
were completed as peripheral commingled water
injectors.

During this period, the deeper reservoirs, Lower
Girs and Shoal were tested extensively. The Shoal
reservoir was completed and produced from the wells
E15 and E27. The potential of Shoal proved to be
limited with about 2 MMSTB of reserves, however,

Lower Girs proved to contain around 10 MMSTRB of

reserves. Lower Gir was developed after 1996 with
two wells, E15 and E17. Figure 9 presents the field
well lay out during this phase.
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Fig. 9. Well lay out from 1985 up to 1995.

Phase 3: Production Acceleration Phase from
Upper Girs, 1999 to 2002, In 1998, a simulation
study was performed for Upper Girs, A, B and C in
order to better define the remaining reserves,
reservoir production mechanisms, aquifer responses,
effect of peripheral water injection and investigate
better production scenarios including horizontal wells
for further developments. On the basis of this study,
additional 6 vertical injectors and 6 horizontal
producers were drilled and 8 existing wells were re-
completed as multiple zone producers from 1999 until
2002. Figure 2 presents the field well lay out during
this latest phase, which is referred to as ‘Production
Acceleration Project’.

UPPER GIRS A,B,C SIMULATION STUDY

A reservoir simulation study for Upper Girs was
performed by HOT Engineering using their SURE
simulator in 1998. The simulation model covered the
three Upper Gir reservoirs A, B and C with three

separate aquifers as shown in Figure 10. Prior to full
field implementation of the study recommendations,
the simulation model was set up, further modified
and updated in-house. The orientations of the
horizontal wells were optimized using the new in-
house model, which included the later SURE version
with PEBI gridding technique. The model proposed
to drill horizontal wells for an optimum and
accelerated production scenario.

During this study, the model indicated that the
peripheral injection from five wells, E2, E6, E16,
E20 and E28, was not effective in pressure
maintenance and displacement of oil towards the
producers in the centre. In order to establish an
effective recovery efficiency, and accelerate the
production from the field it was necessary to; 1)
drill infill injectors to support the pressure in all
three reservoir units 2) drill horizontal wells in Gir
A to sweep significant oil remaining and, 3) re-
complete some single zone producers as multiple
zone producers (commingled and/or dual
completions). The model indicated that the Gir A
sill retains the major remaining oil reserves in the
field. Therefore, the study proposed that all
horizontal wells should be drilled in the Gir A.

RE-DEVELOPMENT (PRODUCTION
ACCELERATION) PLAN V8.
ACHIEVEMENTS

The re-development plan (or Production
Acceleration Project) was based on the optimum
depletion scenarios of the Simulation Study and its
in-house updates. The plan involved; (1) Re-
completion of some single zone producing wells either
commingled or dual, and (2) Drilling 12 new wells as
explained below.

1. Well Re-completions

This plan was comprised of:

a) Re-completion of 7 Upper Gir single zone
producers (El, E3, E4, E13, E14, E19 and E26) as
multiple zone (dual zone) producers. Among these
wells; El, E4, E13 and E26 were completed in 2000
and the remaining in 2001 and 2002.

b) Re-completion of the Upper Gir A producer,
E17, in Lower Gir as a producer. This well was re-
completed in 2001.

¢) Re-completion of the Shoal low oil producer,
E27, as a dual zone injector in Upper and Lower
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Fig. 10. Upper Gir ABC simulation model.

Girs. This job was also completed in 2001 and injection
started in both reservoirs.

It is important to note that two wells, E21 (dual)
and E23 (co-mingled) had been re-completed before
the re-development plan.

The re-completions increased the production
capacities in the subject wells significantly. Figure 11
indicates the increased production trend from well
E21, which was converted from Gir A producer to a
dual (multiple) zone producer in Gir A and Gir B.

In addition to the effect of re-completions, the
oil production of the existing wells increased
significantly after 1999 due to the good response
to the new infill injection system. The following
Figure 12 indicates the production performance of
well E19, which shows a steady increase of the
oil rate after 1999 mainly due to the effect of the
nearby new injectors, E29 in the south-east and
E33 in the north.

2. Development Drilling

Prior to the re-development phase there were 28
wells drilled up to E28. The re-development drilling
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plan included the drilling of 12 new wells (6 infill
water injectors, 6 horizontal producers) as shown on
the map in Figure 2. The drilling of these 12 wells
was completed at the end of September 2002 as
shown in Table 5.

Table 5 — Actual drilling schedule.

Well Type Drilled

E29 Injector 05/1999
E30 Injector 06/1999
E31 Injector 07/1999
E32 Injector 12/2000
E33 Injector 02/2001
E34 Hor.Producer (03/2001
E35 Hor.Producer (5/2001
E36 Injector 04/2001
E37 Hor.Producer 06/2002
E38 Hor.Producer 07/2002
E39 Hor Producer 08/2002
E40 Hor.Producer 09/2002
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Wells E39 and E4Q were initially planned to be drilled
as vertical wells. However, as per the latest in-house
updates of the simulation study, and successful results
from the previous horizontal wells, the subject two wells
were re-planned and drilled as horizontals.

New Water Injectors: Six water injectors were
drilled as vertical infill wells in the three reservoirs
Gir A, B and C. They were completed in all three
reservoirs dually with two tubing strings and dual
packers in such a way that water is injected in Gir A
separately from one string and in Gir B and C
commingled from the other string. Figure 13 illustrates
a typical dual injection completion in the field. The
injection proration between Gir B and C is verified
with periodic spinner surveys.

Horizontal Wells: A total of six horizontal wells
were drilled in the Gir A reservoir. The horizontal
lengths of the wells ranged between 1800 ft and 2100
ft depending on wells locations. They were
completed all in Gir A as 8.5” open holes in the upper
most 15 - 20 ft of the reservoir, which has about 80-
90 ft of net pay in the centre of the field. Figure 14
shows a cross section and layout of the horizontal
well, E37.

The oil production rates from the horizontal wells
ranged between 1750 STB/D to 2500 STB/D, which
confirmed the simulation predictions. Compared to
the existing vertical producers with average oil rates

9-5/8 casing

< l % Double grip dual packer
E GirA
= — FH Hydrostatic single string packer
l 3 GirB

i

3 GirC

Fig. 13. Typical dual injection completions in Upper Girs.
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Fig. 14. Cross section around E37 trajectory.

of about 350-450 STB/D, the incremental
production from the horizontal wells is considered
to be guite significant. In November 2002, out of
the total 429,730 STB of Gir A monthly oil
production, 310,290 STB (72%) was produced
from the 6 horizontal wells.

PRODUCTION PERFORMANCE

Figure 15 shows the historical production and
injection performance of Upper Gir reservoirs.
During the first development phase with 12 wells,
the initial oil production reached its peak rate at
around 8000 STB/D in 1976 and consequently
declined down to 2000 STB/D in 1986, mainly due
to lack of pressure support. As new wells were
further drilled after 1985 and put on stream during
the second development phase, the oil rate
gradually increased to its highest level of 8000 B/
D in 1994 when a total of 28 wells were drilled in
the field. From then on, the decline trend continued
down to around 6000 STB/D until 1999, The Upper
Girs average oil production rate from 1976 to 1999
is around 5000 STB/D.

Incremental Oil Production: The Upper Girs
production potential has been increased from an
average of 6400 STB/D in 1999 to 20,000 at the end
of September 2002. The major incremental
production has been achieved mostly from the 6 Gir
A horizontal wells (10,500 STB/D), which constitute
about 52% of the total field production. Table 6
compares the production potential before and after
the production acceleration implementation.

Table 6. Comparison of production potential.

0il Production rate (§TB/D)
In 1999 09/2002 Increment
Gir A 3.712 14.324 10.612
Gir B 2.497 3.576 1.079
Gir C 200 1.862 1.662
+ Total 6.409 19.762 13.353

Figure 16 demonstrates the actual vs production
forecasts from the simulation study. [t is obvious that
the actual field production confirmed the simulation
prediction to a very high degree.

After the pick oil rate at around 20,000 STB/D is
reached, it would not be possible to maintain the high
plateau rate and the decline will start immediately. In
spite of this decline, the incremental reserves and
economics are quite substantial from this project.
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The incremental oil reserves have been estimated
at 33.4 MMSTB (i.e. from 74.6 MMSTRB in the ‘No
Development Case’ to 108 MMSTB in this re-
development project).

The re-development project is quite attractive
economically. Assuming an oil price of 20 US$/bbl at
2% escalation per year, the incremental economic

0

1976 1380 1385 1990 1885 2000 2005 2010 2015 2020 returns are estimated at NPVs of MMUS$247 and

pos MMUS$314 with 10% and 5% discount rates

Fig. 16. Gir ABC simulation study oil rate predictions. respectively until 2020.
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CONCLUSIONS

1) The field performance after implementation
of the re-development project confirmed the reservoir
simulation study results and recommendations.

2) The project was implemented very
successfully as the oil production potential has been
increased from 6400 STB/D to 20,000 STB/D by;

- drilling 6 vertical water injectors, and 6
horizontal producers, and,

- converting § existing single zone producers to
dual zone producers.

3) Re-completion of wells using the co-mingle/
dual completion has saved significant cost from
drilling additional wells, thus improving the NPV.

4) The oil reserves increased by 33.4 MMSTB
from 74.6 MMSTB to 108 MMSTB.

5) The incremental economic return is estimated
at NPVs of MMUS$247 with 10% discount and
MMUS$314 with 5% discount rates at an oil price
of 20 USS$/bbl.
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Nakhla Oil Field, Concession 97, Libya
Development Strategy and Improved Oil Recovery
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Abstract: This paper presents the development
strategy and the improved oil recovery potential
of the Nakhla field. The Nakhla oil field is located
in Concession 97 (GS.P.LA.J.) and is producing
from the heterogeneous and compartmentalized
Upper Sarir Sandstone since June 1995. Total
production of the existing eight (8) vertical wells

* Wintershall, Libya.

and one (1) horizontal well is approx. 22 MMSTB
as of year end 2002. Seven vertical wells are
hvdraulic fractured and three wells are dry holes
due to volcanics or technical problems.

Within the next development phase (II) six (6)
additional producers are planned. Based on the
good experience all new wells will be drilled
vertically and post hydraulic fractured. Updated
static and dynamic simulation models have been
used to optimize the development concept.
Through natural depletion ultimate recovery
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estimates currently stand ar 12.0% or 112
MMSTB.

Further development (Phase I} is planned, but
ongoing PreSDM and seismic interpretation has to
be implemented to re-evaluate the geological and
dynamic reservoir model. Ultimate recovery
including Phase I estimates stand at 152 MMSTB
or 16.3% of oil initially in place (OIP).

To increase the ultimate recovery even further
the ‘Improved Oil Recovery (IOR)’ potential is
currently under investigation. Available input data
was reviewed and new SCAL and PVT including
special IOR/EOR data was requested. Laboratory
results will be available by end of year 2003 and
will be implemented into a new compositional
reservoir simulation. In the meantime a
preliminary analytical screening was performed
to identify viable IOR/EOR techniques and to
estimate ‘Performance Indicators’ of the West and
East field regions.

Estimated ‘Performance Indicators’ vary
between 13% - 19% for immiscible injection gas
and 17% - 19% in case of miscible injection gas.
In addition to improving oil recovery, the re-
injection of produced gas would avoid gas flaring
and confirm Wintershall’s policy to protect the
environment. Water flooding is predicted to give
good recoveries, too. However, low permeabilities
may prevent or restrict injectivity into the reservoir.
Further investigations are necessary and will be
performed on a full-field compositional model.

INTRODUCTION

The Nakhla oil field is situated in the south-eastern
part of the Sirt Basin in Concession 97, (Fig. 1). The
field is a NW-SE fault bounded horst structure
operated by Wintershall Libya.

T e
\'\‘Tunisin h ‘ . Moditerranean Sea
- - T
£y g
Wi it Benghazi

=

.
4 FE
Algeria /\/ y
175 e

|
HuNe / 1

P Jakhira —As Sarah |
-

.
N Nakhla

137N
B-Structure

1375 ; HEN
% Tuama

o Niger

amid

) m.,,[ 97

S ey

Fig. 1. Concession overview of Nakhla oilfield.

The field’s reservoir is a Sarir Sandstone of the
Lower Cretaceous age consisting of three
subdivisions. A lower Sarir Sandstone is covered by
The Middle Shale section which is overlain by The
Upper Sarir Sandstone. The individual thickness of
all three members vary throughout the trough, and
only the upper sandstone is oil bearing.

The current knowledge of the Nakhla oil field
proved the heterogeneity of the Sarir Sandstone and
in some areas volcanics have replaced the sandstone
entirely. The existing wells have penetrated regions
of poor reservoir quality in the west and moderate to
good in the east. The seismic coverage indicates a
complex tectonics.

Since June 1995 Nakhla is on stream and has
produced approx. 22 MMSTB from eight vertical
wells and one horizontal well till year end 2002. Based
on natural depletion ultimate recovery estimates
currently stand at 62.0 MMSTB; i.e. 6.6% of OIIP
(Status: Dec. 2002),

Within the field development so far (Phase I) seven
of the eight vertical wells are hydraulic fractured. The
horizontal well is an open-hole completion.

Currently, the Nakhla oil field can be classified as
immature and further development of the structure
is planned within development phases II and III.

Objectives of this paper are to present briefly the
actual field status and the development strategy
followed so far to accelerate the oil recovery by
natural depletion. The development concept of the
planned phase II and phase III will be presented.

Further this paper discusses oil recovery
improvements scheduled or currently under
investigation on:

« Improved Oil Recovery

and

« Enhanced Oil Recovery.

Preliminary results from a first look analytical
screening will show viable IOR/EOR techniques and
how a ‘Performance Indicator Screening’ has been
performed to estimate recovery factors for the West
and East regions of the Nakhla field.

CURRENT NAKHLA DEVELOPMENT

The current Nakhla Development is based on a
static/geological model which incorporates structural,
facies and petrophysical evaluations. The structure
has been shaped by various tectonic events and can
be described as an extensional north-tilted horst block
in the Hameimat Trough (Fig. 2).
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Fig. 2. Structural setting of Nakhla oilfield.

In accordance to Robertson Research studies!"
and using GR-curves the facies breakdown was
evaluated. Channels have been assigned below 22
API, sandflat facies type between 22 - 45 API and
above 45 API as floodplain facies type (Figs. 3 and
4). The following volumetric ratios have been
evaluated:

D Alluvial Fan
Nakhla Facies Types

L ewmiss SR 5

[:I Basement

Fig. 3. Depositional model of Sarir Sandstone.

11-87

Channel
(30.5%)

Sandflat
(34.5%)

Floodplain (35.0%)

Fig. 4. Facies model of Sarir Sandstone.

Channel 30.5%
Sandflat 34.5%
Floodplain 35.0%

The petrophysical model is based on well results
and on log data. Interpretations confirmed poor to
relative good reservoir properties, e.g. permeabilities
in the western region vary between 0.25 — 10 md
and in the east region between 5 — 12 md. Overall,
the reservoir is very heterogeneous and
compartmentalized.

Based on available G and G data including a 3D
seismic interpretation update a new integrated
geological model has been created in May-June 2002
(Fig. 5). The high resolution of the static model with
3.75 million grid cells (250 columns * 150 rows * 150
layers) honours the complex tectonic framework and
the heterogeneity in horizontal and vertical direction
(Figs. 5 and 6).
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Fig. 5. Porasity distribution of Sarir Sandstone.
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Fig. 6. Fence diagram along G7-, G1- and G10-97 showing
blocked well data and possible porosity distribution.
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Further volcanics spots had to be considered in
the model due to drilling results of wells G5-97, G12-
97 and G13-97. A conceptual assumption volcanic
occurrence is presented in Figure 7, but volcanic sills
and dykes are often below seismic resolution.

Well G4-97
Well G13-97

Well G5-97 Well G12-97

Fig. 7. Volcanic sills and dykes (conceptual).

Finally, the geological model and the evaluated
porosity distribution were upscaled to 250%150%18
layers to be used in the dynamic reservoir simulation
model.

A full-field simulation model was performed in
July 2002 and initialized on available PVT™ and core/
SCAL data (Table 1). The geological model was not
updated by the dry hole results of well G13-97, but
of course pre-evaluated production of G13-97 was
removed (Fig. 8).

Table 1. Simulation model parameters, post G13-97.

Grid size: 250 x 150 x 18 (T/A 675/216 M
PVT model: cells)

k/Pc model: PERA, March, 2000

2000/200 Wintershall Lab and ETL,

Prod. start: June 29th, 1995

Gl1, G2, G3, G4, G6, G7, G10, G11
Producers, hor.: G9

G5, G8, G12, G13

Gl, G3, G4, Go, G7, G11

Producers, vert.:

dry holes

hydr. fracs:

Depth {it]

11602 13482

Fig. 8. Simulation model — phase 1, existing producers: GI-GI1.

Based on the gas-solution-drive only, the ultimate
recovery estimates currently stand at 62 MMSTB
or 6.6% (status: Dec. 2002).

NAKHLA DEVELOPMENT STRATEGY

The estimated ultimate recovery of 6.6% within
the Nakhla development phase I leaves potential to
increasing the oil production independently of having
good or poor reservoir properties. The ongoing
development of the Nakhla field will include further
appraisal work like Pre-Stack Depth Migration
(PSDM), Reservoir Characterization as well as FMI
Interpretation.

Within the phase II development, the drilling of
six (6) additional producers is planned in the proven
area of the field (Fig. 9). Established on the geological
model as of July 2002, plus considering a sealing fault
to the southern compartment, the existing reservoir
simulation model was modified to predict the field
performance.

Fig. 9. Simulation model — phase II, existing producers: GI -
Gll, phase II wells: G14 — G19 (well locations subject to
revision).

The simulated reservoir pressure after a production
period of almost 33 years is shown in Figure 10.
Furthermore the final oil saturation is presented in
Figure 11. Cumulative production is predicted at 111.9
MMSTB and ultimate recovery stands at 12.0%.

In order to handle the projected increase of oil
and wet gas production the current Nakhla Gas Oil
Separation plant (GOSP) capacity will be extended
from 15,000 BOPD and 15 MMSCF/D to 30,000
BOPD and 40 MMSCF/D. The produced gas will
be fully utilized to eliminate gas flaring and to protect
the environment.

To increase the Nakhla production, further
additional development well locations have been
identified in the reservoir model as of July 2002,
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Fig. 10. Final pressure map — phase II, existing producers: G1 —
G11, phase IT wells: G14 —G19 (well locations subject to revision).

Based on economic evaluations, additional seven (7)
development wells could be drilled. Of course, the
ongoing field development and studies will provide
further feedback to confirm the proposed phase Il
well locations, but the proposed well spacing would
leave opportunities for further wells.

Seven (7) additional development wells of
Nakhla phase II1 have been investigated using the
dynamic reservoir simulation of July 2002.
Considering the dry hole results of wells G5-97,
G12-97 and G13-97 an incremental production of
40.5 MMSTSB can be produced within the Nakhla
development phase III.

Fig. 11. Final oil saturation map — phase 11, existing producers:
G1-Gll, phase IT wells: G14 - G19 (well locations subject to
revision).

IMPROVED OIL RECOVERY

To avoid flaring of produced gas and to maintain
reservoir pressure in the Nakhla oil field an ‘Improved
Oil Recovery (IOR)’ feasibility study was performed
in year 2000, The scope of investigation was the
western region with relatively good reservoir
properties.

In general, the feasibility study proved an
increased oil recovery by gas injection, but due to

missing lab experiments some uncertainties on major
input data are still existing. Therefore, the following
recommendations were made:

* develop a new geological model.

» verify the injection gas comp.

¢ perform PVT laboratory experiments,
including minimum miscibility pressure.

* update relative permeabilities.

« re-evaluate capillary pressure relationships.

Currently, all recommended studies are in progress
and will be compiled in a new full-field reservoir
simulation compositional model. However, in the
meantime, analytical screening was performed to
identify viable IOR/EOR processes and to estimate
‘Performance Indicators’ of the West and East
Nakhla regions.

Performance Indicators

Developed by ECL Technology (formerly
Subsurface Engineering Unit of AEA Technology)
‘Performance Indicators’™! is a preliminary screening
tool based on analytical models to estimate the balance
of viscous or gravity forces, sweep efficiencies efc.
Parallel sensitivity runs can be performed to assess
the impact of uncertainty on the flow mechanism and
the viability of each IOR/EOR process.

A reservoir study on ‘Performance Indicators’
provides a qualitative understanding of expected
displacements for single IOR/EOR processes and
allows the elimination of unviable techniques in the
case of a particular field.

Analytical Models

Two analytical models have been created based
on log porosities from well G3-97 to represent the
western region and well G7-97 for the eastern region
of the Nakhla field. Permeability distributions are
generated from evaluated laboratory porosity/
permeability correlations (Fig. 12). Accordingly to
the O/k correlations, high permeability streaks have
been included in the analytical model. Unfortunately,
the model assumes connectivity of these streaks
between wells and does not present the heterogeneity
of the Nakhla geology.

IOR/EOR CASE STUDIES

Reference to the estimated ‘Performance
Indicators’ is the Nakhla development phase II as
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Fig. 12. Analytical screening models.

currently the most likely case (Table 2). The starting
conditions used for the IOR/EOR screening and for all
recovery factor calculations include: assuming an IOR/
EOR start in the year 2006, approximately 29 MMSTB
to be produced until year 2003, in addition to reducing
the QOOIP from 933 MMSTB to 904 MMSTB.

Table 2. Nakla C97/1 - development strategy and lORlE.OR
case studies.

IOR/EOR Oil recovery

Start in 2006 West East
Depletion 12.0%

Lean gas 13.3% 19.1%
Separator gas 13.3% 19.1%
Enriched gas 17.6% 25.2%
Waterflood 14.0% 14.6%
CoO, No source No source
Nitrogen 15.6% 22.4%

Gas Injection

Hydrocarbon gas injection was investigated in a
pattern flood mode, because of the complex field
compartmentalization. Three different gas
compositions were used to consider miscible and
immiscible conditions:

* Separator gas

* Lean hydrocarbon gas

» Enriched hydrocarbon gas.

In general, the low vertical permeability caused
by claystone layers or lenses mean that gas can
segregate slowly in the reservoir. This can be
beneficial for gas injection and further claystone
layers are probably not continuous between wells and
may provide a tourtous route for the gas to move
upwards. This improves the gas sweep. However,
the areal heterogeneity cannot be adequately modelled
using an analytical model.

In case of re-injection of ‘Lean gas’ (Table 2)
the secondary recovery is predicted as 13.3% in
the west and 19.1% in the eastern field region.
The same results have been estimated for
‘Separator Gas Injection’, because of unchanged
immiscible conditions (Table 2). To get a miscible
flood a 10%- 15% NGL enrichment is required and
recoveries by ‘Enriched Hydrocarbon Gas’
increase to 17.6% and 25.2% for west and east
regions respectively (Table 2).

Water Flooding

A viscous dominated pattern water flood was
performed to predict secondary recovery by pressure
maintenance. The analytical model assumes good
connectivity and no lateral heterogeneity between
wells. The model, therefore, will predict no unswept
reservoir regions and the actual sweep efficiency will
be over-predicted. A risk factor has been introduced
to compensate for the analytical model disadvantages.

The risked water flood secondary recovery is
predicted at 14.0% and 14.5% for west and east
regions respectively (Table 2). In addition the
analytical method does not assess any injectivity
issues, which would prohibit any water flooding in
the first place.

CO2 Flooding

Technically CO, flooding is an attractive EOR
process, because it is naturally miscible with reservoir
fluids. Enhanced recovery factors in the range of
enriched hydrocarbon gas injection has been
predicted. However, there is no source of CO, known
in the vicinity of the field (Table 2).

Nitrogen Flooding

Nitrogen has to be generated in the field which
will have an additional impact on economics.
However, in the analytical study, the ‘Minimum
Miscible Pressure (MMP)” for the nitrogen case has
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been predicted to be lower than the MMP of
hydrocarbon gas.

Based on a partial miscible flood the enhanced
recovery is estimated at 15.6% and 22.4% for west
and east regions respectively (Table 2).

Chemical Processes

The Nakhla reservoir temperature of 288°F would
be too high for a Xanthan polymer to be stable.
Further, the injectivity into the low permeability
reservoir would be a problem.

Surfactant without a co-deployed polymer does
not have a sufficient natural viscosity to provide a
stable flood and will not be an option.

UNCERTAINTIES

To prove the quality of the analytical models major
input parameters ranges have been used to examine
the impact of uncertainties (Table 3).

The results of this uncertainty study shows no
effects on the water flood efficiencies as the flood is
viscous dominated.

Table 3. Uncertainty parameters.

Minimum Minimum | Most | Maximum
likely

Kv/Kh multiplier 0.1 1.0 10
Production rate @ west [BOPD] | 300 500 |[800
Production rate @ east [BOPD] |300 1.500]2.700
Reservoir dip angle (deg.} 5.0 7.0 10

Well drainage area (width/length)|0.5 1.0 2.0
Reservoir pressure (psia) 3.000 4,200 4.500

The pattern gas flood is evaluated to be stable,
too, but the uncertainties do affect the gas segregation
in both field regions and reduce the vertical sweep in
the west region of Nakhla.

Assuming higher permeabilities and formation net
pay as represented around well G3-97 an additional
sensitivity run was conducted. The results show
slightly higher recovery factors of 14.1% in case of
water flooding and 14.5% for hydrocarbon gas
injection.

CONCLUSIONS
The Sarir Sandstone in the Nakhla oil field is very

heterogeneous, tectonically complex, and the current
development has proved regions of poor as well as

relatively good reservoir qualities. In addition some
sandstone areas have been completely replaced by
volcanics.

Since production start mid 1995 till year end 2002
cumulative 22 MMSTB have been produced from
eight (hydr fractured) vertical wells and one
horizontal. The current ultimate recovery estimates
stand at 6.6%. Further development requires a fully
integrated approach of a multi-disciplinary team to
manage geological and engineering uncertainties.

The results of G and G and reservoir studies as
well as drilling results will be evaluated and
implemented into the existing geological and dynamic
models. This will serve as a means of enhancing the
placement of future drilling locations and will help to
reduce imminent risks for the complex Nakhla oil
field reservoir.

Following this approach, Nakhla development
phase II was designed and will be optimized
continuously. Based on the good drilling and
production experience of vertical hydraulic fractured
wells it is planned to drill six (6) additional
development wells in the same manner. The full-field
simulation model adjusted by the G13-97 well results
was used to perform a production forecast. Total
production of 112 MMSTB was predicted and
ultimate recovery estimates stand at 12.0%.

To extend the productive drainage area it is
planned to continue the development with phase II1.
Additional seven (7) development wells were
investigated in the existing reservoir simulation mode]
(geol. model as of July 2002). Ultimate recovery
estimates stand at 16% and cumulative production is
predicted to be 152 MMSTB.

Considering the heterogeneity and low
permeabilities of the Nakhla reservoir, hydrocarbon
gas injection is predicted to have secondary recoveries
of 13% and 19% for west and east regions
respectively. Enrichment of the injection gas can
increase the recoveries by 17%- 25%.

Water flooding is predicted to have good
recoveries too, but major disadvantages of the
simplified analytical model makes it difficult to
extrapolate the results onto the real Nakhla reservoir.
Furthermore, a CO, source is not known in the
vicinity of Nakhla. Nitrogen flooding requires cost
intensive generation plants and chemical processes
can be denied due to the high reservoir temperature.

Based on these results and recommendations, a
new full-field reservoir study based on compositional
simulation will be performed incorporating 1) a new
geological model post PSDM, 2) updated SCAL and
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relative permeability measurements as well as 3)

accurate laboratory experiments on MMP and

swelling test.
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Hydraulic Frac Stimulation of the Sarir Sandstone
in Nakhla Oilfield

Bernd Leonhardt”
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Abstract: The Nakhla Oilfield is located in volcanics or volcanoclastic sediments

concession 97 within the Sirt Basin about 60
km south of concession 96. The field was
discovered by drilling well GI1-97 in 1970. 13
wells were drilled to date: nine of them are
producing on natural flow, three found

* Wintershall, Libya.

replacing the entire or at least the oil-bearing,
upper part of the reservoir, one technically
failed in the Zelten Formation.

All wells are producing from the Lower Cretaceous
Sarir Sandstone. Low porosities of 10 to 14% and
poor perineability ranging from 0.1 to 20 md only
allow a moderate production. Therefore, hydraulic
frac stimulation of seven vertical wells was
performed between 1995 and 2002.
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State-of-the-art real-time analysis was
performed in all hydraulic frac stimulations to
evaluate and optimize the frac operation on-the-
fly. Hydraulic frac simulation findings were
compared to post-frac well tesi results obtained
Jfrom pressure buildup analysis. Within their limits
of accuracy the frac parameters (e.g. frac half-
length) obtained by both methods match
reasonably well.

This paper also summarizes the lessons learned
from the treatment executed and their impact on
Juture operations and field development.

The production behavior of fractured and
unfractured wells and the resulting additional
production capacity is presented and discussed.
1o date, about 45% of the cumulative oil produced
from Nakhla oilfield can be assigned to the
hydraulic frac treatments.

Especially during the last two years, a lot
of effort was made to understand and describe
the reservoir and its rock mechanical
parameters better than before. The outcome
was also implemented to improve the approach
to plan and optimize future hydraulic frac
stimulations.

Finally, the good experiences with hydraulic
Jfrac treatments in the Nakhla oilfield, were
driving the decision to apply this technology
also in other wells producing from the Sarir
Sandstone in the future, dependent on their
drive mechanism.

OVERVIEW

Geology. Located in the Hameimat trough in the
south-east of the Sirt Basin in Concession 97 (Fig. 1),

Bu Attifal

ca7mi

Map not 1o Scale

Fig 1. Location map of Nakhla Oilfield.

the Nakhla Oilfield was found by drilling well G1-97 in
1970. The development of the field started in 1993.

The main productive formation is the so-called
Upper Sarir Sandstone, which is forming the
uppermost layer of the Sarir Group. The Sarir Group
consists of two sandstones (Upper and Lower Sarir
Sandstone), which are separated by the Sarir Shale
Member. The Upper Sarir Sandstone is a well
consolidated sandstone, which can be described as
deposits of an ephemeral fluvial system, with channels,
sheet flood and inter-channel sand flats (Fig. 2). Thus,
clean sandstone layers alternate with shale streaks.
It was deposited in the Early Cretaceous (eventually
Late Jurassic) age.

The Nakhla structure is a WNW — ESE trending
Sarir arm (Fig. 3). Its northwestern end is in contact
with the Amal/Nafoora-Augila Basement High via a
broad saddle. In the Southeast the field is bordered
by the so-called “B-High” where the basement has
been reached by well B1-97.

Reservoir Parameters. The Upper Sarir
Sandstone in the Nakhla oilfield is at a depth of 11,700
to 12,500 ft. The net pay is in the range of 130 to 400
ft. and the porosity is 10% to 14%. Reservoir

Fig. 2, Fluvial facies model, sheetflood dominated sand bed river
(changed after Miall 1996).

Fig. 3. Structure map Nakhla Oilfield — top upper Sarir Sand-
stone,
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parameters and especially average permeability are
improving from NW to SE, while higher pay heights
have been drilled in the Northwest compared to
Southeast. The permeability range is from tight (0.1
md) to fair (20 md). The main reservoir parameters
are summarized in Table 1.

Table 1. Reservoeir parameters of Upper Sarir Sandstone
(Nakhla OQilfield).

Age Lower Cretaceous (or Late Jurassic)
Depth 3565 - 3760 m ss 11,700 to 12,330 ft s5
Area above
OwC 60 km? 14,700 acres
Net pay 40-125m 130 — 400 ft
Porosity 10-14 % 0.10-0.30
Permeability 0.1-12 md 0.1 -12md
Initial water
saturation 30-55% 0.30-0.55

Initial reservoir

temperature | 140 °C @ 3703 mss | 284 °F @ 12,150 ft ss

Initial reservoir

pressure 414 bar @ 3703 m ss| 6000 psi @ 12,150 fi ss
Initial ail in
place’ 148 MM m? 933 MMstb

! Status July 2002.

Qil Properties. The oil is a light oil API gravity
of about 42°. Due to paraffins and waxes, pour peint
is high, about 100°F. Live oil viscosity is low, 0.35 cp
at initial reservoir conditions. The oil properties are
summarized in Table 2.

Table 2. Oil properties (Nakhla Oilfield).

Oil gravity 0.810-0.816 gfcm? | 42 — 43 “API
Pour point +40 °C +104 °F
Viscosity @

in situ conditions | 0.35mPa- s 0.35 cp

Gas-oil-ratio 223 m? (V")/m-1 1230 scf/sth

Formation volume

factor 1.65 m¥/m? 1.65 rbfstb

FIELD HISTORY AND STATUS

Early Development Phase. The first two wells
(G1-97 and G2-97) were drilled in 1970 and 1982,
respectively. Initial production rates from the early
wells drilled were found to be 1200 to about 2000
bopd. To improve production, Wintershall Libya
decided to carry out hydraunlic prop frac treatments
in the existing and future wells.

The first development phase started 1993 and went
through 1997. During this period six additional wells

(G3- to G8-97) were drilled, of these wells G5-97
encountered volcanics, while G8-97 technically failed
in the Zelten Limestone.

Since in the mid 1990’s there was no provider for
hydraulic frac stimulation services in the country,
Wintershall Libya negotiated with three companies
in order to make this service available in Libya. Finally,
the jobs were awarded to Dowell Eastern (now
Schlumberger Well Services).

Between 1995 and 1997, the six producing wells
were successfully stimulated by hydraulic prop frac
treatments. Comparison of the post-frac versus the
pre-frac productivity index reveals an average
productivity improvement (fold-of-increase) in excess
of 3 (Fig. 4).
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Fig. 4. Pre and post-frac productivity indices (pls) Nakhla Oil-
field.

Recent Status of Field Development. After
G8-97, five additional wells were drilled to date. While
(G9-97 is a barefoot completed horizontal well with a
3000 ft section in the Upper Sarir Sandstone, the
subsequent wells were again planned vertical to
delineate the extent of Nakhla oilfield to the East,
West, North and South.

G10-97 in the East encountered as the first Nakhla
well the initial oil water contact within the Upper Sarir
Sandstone. Well G11-97 in the west, struck oil, but
found extremely low permeability of 0.1 md. on
average. G12-97 in the north and G13-97 in the south
hit volcanoclastic sediments replacing the entire, or
at least, the oil-bearing, upper part of the reservoir.
Well G11-97 was hydraulically fractured in November
2002. (Fig. 5)

Future Field Development. The recent
development concept foresees two more phases
called Nakhla Phase II and Phase III. Phase II
consists of a significant investment in surface facilities,
such as upgrading of the existing Gas Oil Separation
Plant (GOSP) and utilizing the gas via pipeline to the
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Fig. 5. Example of comparison of frac simulation and well test
analysis results.

existing Jakhira GUP, furthermore drilling of six
additional vertical wells including hydraulic frac
treatments. The next Phase III at the current stage
of planning comprises of drilling seven more vertical,
hydraulically fractured wells. Location of new wells
is influenced by previous drilling results and based on
the continuously updated geological and reservoir
simulation model.

OVERVIEW OF PREVIOUS
FRAC TREATMENTS

Review of Previous Frac Jobs. To date seven
wells have been hydraulically fractured in the Nakhla
Oilfield: G1-, G2-, G3-, G4-, G6-, G7- and G11-97.
All of these jobs have been pre-designed and
optimized during execution by using a state-of-the-
art, commercially available software package. This
allows real-time analysis (RTA) and 3D frac
simulation.

To allow RTA, job data like pressures,
temperatures, pump rates and proppant
concentrations were online transmitted to a laptop
computer and fed into the program. Before
performing the main frac, a data frac was carried
out to provide specific data like the actual friction in
the well and the leak-off coefficients for the different
frac fluids used. In order to achieve this, bottomhole
gauges were used during the frac.

Comparison of the actual data versus the expected
data from designs allows changes in the pump
program on-the-fly to permit an optimization of the
treatment at any time during job execution. Post-job
analysis and results obtained from the frac simulation,
especially the frac half-length Xf and the
dimensionless fracture conductivity FCD, can later
be compared with information from other sources like
pressure buildup (well test) analysis.

The frac-half length can directly be compared,
while the frac conductivity can be crosschecked
qualitatively. The following rule of thumb applies:
in order to achieve a good conductivity (FCD>10-
20), the proppant concentration in the frac should
exceed 2 1bs/ft* in reservoirs having permeability
like in the Nakhla Oilfield. An example is given in
Figure 5 and the complete comparison can be
obtained from Table 3. It can be seen that the data
from both methods agree quite well within their
limits of accuracy.

Table 3. Comparison of frac parameters from simulation
and well test.

Well Frac half-length Proppant Dimensionless

name | Frac Well test | concentrate frac conduct.
simulation | analysis Frac simulation| Well test analysis

G1-97 | 240 [ 218-267 ft| 1.4 Ibs/fé =14

G2-97 [ 160 ft 133-182 ft| 2.8 Ibs/ft2 >33

G3-97 | 260 ft 282 1t 1.5 Ibs/fi2 16

G4-97 (200 1t 190-212 ft| 2.1 Ths/M2 >23

G6-97 | 280 ft 283-302 fr| 1.4 Ibs/fe >15

G7-97 [ 210 ft 217-224 ft] 3.8 lbs/fi2 >50

G11-97 170 1 N/A 3.6 Ibs/fi2 *

Lessons Learned from Previous Frac Jobs.
All job parameters like pad volume, total fluid and
proppant pumped were reviewed and compared
to the post job evaluation. This resulted in a
significant reduction of pad volume compared to
total fluid pumped (Fig. 6a), while the average
proppant concentration pumped was increased
(Fig. 6b).

Overall, the lessons learned so far can be
summarized as follows:

* Apad volume of 20% to 25% of the total fluid

volume pumped is sufficient to complete the
frac job successfully.

E=ER Carrier
&= Pad
== % of Pad of lotal fluid]

Fiuid, bbis
Pad {% of total fiuid)

G397 Ga.97 G6-57 G787 G2.67 G197 G11.97

Fig. 6a. Fluid volumes pumped and percentage of pad of total
fluid volume (Nakhla Qilfield),
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Fig. 6b. Proppant amounts pumped and average proppant
concentration in frac fluids (Nakhla Qilfield).

* An average proppant concentration of 5.0 to
5.5 ppg in the carrier fluid over the whole job
is anticipated to give optimal results.

* Technical procedures have been optimized to
minimize risk of equipment failures during frac
job execution.

Production Enhancement by Hydraulic
Fracturing. To evaluate the production gain by the
prop frac stimulations, decline curve analysis (DCA)
was used on a well-by-well basis (Fig. 7a). Integration
of the monthly production over time gave the two
cumulative production figures, i.e. with and without
hydraulic frac treatment (Fig. 7b).
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Fig. 7a. Oil rates G1-97 with and without hydraulic frac treatment,
pre-frac oil decline obtained from decline curve analysis (DCA),
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Fig. 7b. Cumulative oil production G1-97 with and without
hydraulic {rac treatment. Cumulative production without frac
from DCA.,

The same method was applied to each of the
hydraulically fractured wells to obtain the cumulative
production for both cases for total Nakhla Qilfield
(Fig. 8). To date (status as of May 2003) 23.4
MMSTB of il have been produced. The estimated
cumulative production without frac treatments
amounts to 12.8 MMSTB. Thus, the additional
cumulative oil production gained to date by the
fracturing project is about 45% of the actual total
production.

It has to be stated clearly that part of the oil
recovered is just production acceleration. However,
part of it is also actually additional recovery, since
the hydraulic frac treatments extend the time on how
long the well can be economically produced and defers
the point in time when the bottomhole flowing
pressures will drop below bubble point.
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Fig. 8. Cumulative oil production Nakhla Qilfield with and without
hydraulic fracs. Cumulative production without fracs obtained
from well-by-well DCA.

PREPARING FOR THE FUTURE

Nakhla Stress Field. To improve our
understanding of the field, a lot of effort was made
especially during the last two years by carrying out a
number of measurements and studies. To a large
extent, these have been geological and
sedimentological studies. Nevertheless, they contain
extremely valuable rock mechanical information,
which was used to optimize hydraulic frac planning.
On the other hand, rock mechanical measurements
carried out on Nakhla core material provide additional
input to geological modeling.

Combining interpretations from FMI logs
(Formation Micro Imager) with core measurement
results provided a complete picture of the in situ stress
directions of Nakhla Qilfield (Fig. 9). The maximum
horizontal stresses run NE-SW, i.e. perpendicular to
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Fig. 9. Fault pattern of Nakhla Oilfield and directions of principal
horizontal stresses.

the main faults of the field. The stress trend is similar
to the regional trend in the Cyrenaica area (Fig. 10).

Rock Mechanics. One of the main input
parameters for frac simulation programs are in-situ
rock mechanical parameters such as Poissen’s Ratio,
Young’s Modulus and formation closure stress lumped
over certain intervals.
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N %%-\‘K
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Fig. 10. Regional stresses (taken from World Stress Map, release
1997).

Usually, measurement of these in-situ values
in the lab is cost intensive. Fortunately, reasonably
good data can be obtained from open hole logs
(Fig. 11). However, since some correlations are
included in this process, laboratory measurements
are required to verify or calibrate the calculations
(Fig. 12).

Using these input data, the frac simulator pre-
dicts the vertical and lateral propagation of the frac
and the resulting bottom hole net pressure for the
whole frac operation. During job execution this
pressure is compared to the actually observed net
pressure (Fig. 13).

TVE (T emmte LOMMy PN smbes  im bme dmn e [ T
ey | =

Fig. 11. Example G11-97: input logs and derived rock mechanical
model for frac simulation.

Thermal Decay Time (TDT) Logging. To
examine the aquifer influx in Nakhla Oilfield, TDT
logging was carried out in well G10-97 one year
after the well had been put into production. No
change in water saturation behind pipe and
especially at the oil-water-contact was observed.
Thus, it could be verified that the aquifer in Nakhla
Oilfield is very weak or inactive.

OUTLOOK

Nakhla Oilfield. The next step in future field
development is the so-called Nakhla Phase II,
which has already been started: drilling of the first
well and construction of a 12” pipeline to Jakhira
GUP is already ongoing, upgrading of existing
surface facilities will be completed by the end of
2004.

A-major frac campaign will be executed as
well in 2004. Due to the broad database gained
from the previous frac jobs and all the work carried
out, a general main frac design can already be done
and has only to be slightly adjusted to the actual
drilling results of the Nakhla Phase II wells.

Adjacent Oilfields. The Upper Sarir
Sandstone is also target formation of other
exploration and appraisal drilling in Concession 97,
which is ongoing or planned for the coming years.
In these wells generally, hydraulic frac treatments
costs involved are integral part of the drilling and
well completion budget.
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CONCLUSIONS AND
RECOMMENDATIONS

Five important lessons have been learned from
the work carried out to date:

1. The Upper Sarir Sandstone is generally a good
candidate for hydraulic frac treatments.

2. Productivity improvement achievable by prop
fracs is significant, The frac treatment improves the
economics of field development, and also enhances
the recoverable oil reserves.

3. Best results can be expected from more
aggressive frac designs.

4., Thorough frac planning is required in order to
fulfill this target and get decent frac coverage over
the entire pay.

5. Hydraulic fracturing should be applied early in
the lifetime of a well.

However, hydraulic frac stimulation is not the
solution to everything and not advisable for all
applications. QOilfield wells with a strong underlying
aquifer and/or existing gas cap are, in most cases,
not optimal candidates for hydraulic frac treatments,
since changing (oil-water or gas-oil) fluid levels will
ata point in time cone into the frac. If this occurs, the
unwanted phase might preferentially be produced
instead of the oil.
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Re-establishing Reservoir Performance by Revaporization of
Condensate in the Nubian Sandstone Reservoir
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Abstract: The Nubian Formation is a
significant hydrocarbon reservoir in the NC 98
Concession of Libya. It consists of a low to
medium permeability, fine grained, sandstoie.
Reservoir fluids in the Nubian are either very
rich retrograde condensate gas or volatile oil.

In either case, the reservoir pressure is at or

slightly above the saturation pressure. Because
the gas-containing reservoirs are very rich in
condensate, small decreases in pressure often

* Hycal Energy Research Laboratories Ltd.
#* Waha Oil Company.

result in high volumes of condensate
accumulation. Similarly for the volatile oil case,
small decrease in pressure result in large
fractions of the volatile oil turning into the
vapor phase. Both of these phenomenon can
result in adverse relative permeability effects
which can reduce the permeability to the
primary hydrocarbon being exploited.
Laboratory experiments were conducted to
charactrerize the phase behavior of the
reservoir fluids. Conventional core analysis
provided good coverage of the petrophysical
description of the reservoir rock. Subsequent
core flow experiments determined base line
flow te reservoir gas followed by the
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impairment to permeability at a series of

pressure decrements. The pressures modeled in
the laboratory were chosen to closely
approximate anticipated field condirions.
Laboratory results indicate a moderate to severe
effect on permeability, caused primarily by the
high critical saturation of condensate necessary
for flow of condensate to occur. To mitigate the
effect of condensate on permeability,
laboratory experiments were performed to
determine the viability of condensate removal
through revaporization by gas injectrion.

INTRODUCTION

The NC 98 concession, operated by Waha Oil
Company, consists of low to medium permeability
sandstone. The reservoir fluids occupying the pores
of the rock tend to be volatile oils or very rich
condensate bearing gas. In either case, the pressure
drawdown required to cause economic production
of gas or oil would require the flowing bottom hole
pressure to be below the fluid saturation pressure.
When the flowing bottom hole pressure drops below
the dew point of the gas, large quantities of
condensate will form in the pores affected by the
pressure drop. The resultant condensate will not flow
through the rock until critical condensate saturation
is established. The critical condensate saturation is
controlled by pore geometry and to a lesser extent
by fluid distribution in the pores. Similarly, as the
flowing bottom hole pressure drops below the bubble
point of the volatile oil, large quantities of gas will
form; the gas will not flow until critical gas saturation
is established. In both cases, the formation of separate
phases causes flow restrictions (relative permeability
effect) that can be a severe detriment to economics
and to ultimate recovery by primary depletion.
Laboratory experiments were designed to evaluate
and quantify the effect of flow impairment to the
primary phase and to evaluate the remedial course
of action required to regain flow to gas in the subject
IESEervoir,

The objective of this paper is to illustrate the effect
of pressure on the impairment of permeability as a
result of liquid accumulation from a gas-bearing
reservoir. Following the establishment of a given pore
volume condensate saturation, dry gas was injected
to determine the mass transfer into the gas phase
and subsequent enhancement of permeability. Core
samples were assembled into multiple plug stacks at

reservoir conditions of saturation, pressure and
temperature to model the reservoir as will be
explained later.

GEOLOGY

The NC 98 concession currently consists of 4
distinct pools that have somewhat different reservoir
character. The pools, A, F, C and B are listed in order
of current and anticipated economic importance. The
*A” is a rich gas condensate-bearing pool while the
other three contain volatile oil. The “A” pool will be
the focus of this paper.

The pool is comprised of the Nubian Formation -
fine grained, well-cemented, occasionally shaley,
sandstone. The Nubian itself is constructed of 3
members: the Upper Nubian, Middle Shale and Lower
Nubian. Figure 1 illustrates the average rock quality
of the Upper Nubian. Structurally, the unit is a Graben
of about 600 feet thickness. Most of the pay is gas
overlying water. Average gas / water contact is at
14,670 feet depth. Initial reservoir pressure is 7,100
psig and initial temperature is 318 F. Volumetric initial
estimates of the reserves are 3.4 trillion cubic feet
(Tcf) and 550 million barrels (MMB).

Fig. 1. Microphotograph of a typical Nubian Sandstone from
Waha NC98.

RESERVOIR FLUID CHARACTER

A series of bottom hole samples were collected
from the A pool. The bottom hole samples were
supported by separator samples of gas and
condensate that were subsequently recombined to
reservoir parameters in the laboratory. Comparisons
of the samples resulted in three bottom hole samples
chosen to represent the reservoir. Table 1 is a
compositional analysis of the reservoir gas from Well
A3, DST 4. Due to the large volume of live reservoir
gas necessary for the core flood experiments, the
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Table 1. Waha NC98 PVT routine and special core study,
vaporization of condensate by dry gas at pressure below dew
point recombined composition for surface separator sam-
ples from “A” reservoir.

Composition Well A3 DST#4 Sample #8B

(mole %) Gas bottle #147
Liquid bottle #862

N, 1.24

Co, 5.25

H,S 0.00

C, 72.34

C; 7.85

Cy 2.46

IC, 0.65

C, 1.10

IC, 0.46

Cs 0.45

Ce 0.72

s, 7.48

Total 100.00

GOR 6030 SCF/bbl

Dew Point Pressure (psia) 6597

recombination of separator fluids was used. Common
bottom hole cylinder volumes contain approximately

600 cc of fluid for use in lab testing versus the use of

separator fluid recombination to yield “unlimited”
amounts of live reservoir gas. Bottom hole sample
volumes are also limited, due to cost, while separator
fluid recombinations are relatively inexpensive.
Rich gas condensate systems result in high
accumulations of liquid drop out over small pressure
ranges. This effect is typical of fluids where
conditions are near the critical point on the phase
diagram. Figure 2 shows the conditions of pressure
and temperature of the well A3 bottom hole sample
relative to the critical point. The phase envelope was
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Fig. 2. Phase envelope of recombined composition for Waha A3
DST#4 sample 8B.

calculated using the Peng Robinson equation of state
and was tuned by laboratory data.

The laboratory exercise known as the constant
volume depletion (CVD) experiment results in a close
approximation of the dynamics of gas / condensate
equilibrium during pressure depletion and subsequent
production. The lab data describes the almost
instantaneous formation of condensate (occupying
up to 15% pore volume) when the pressure drops
from 6,597 psig (dew point) to 6,000 psig. Maximum
condensate accumulation occurs at 3,900 psig, after
which further pressure drop results in the more
volatile components of the condensate revaporizing
back into the gas phase. Figure 3 graphically illustrates
the rates of condensate formation and revaporization.
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Fig. 3. Retrograde liquid volume percent during constant volume

depletion.

PETROPHYSICAL PROPERTIES OF THE
RESERVOIR ROCK

Initial petrophysical description of the reservoir
rock was a function of statistical sampling. At
intervals of approximately 1 foot, 1.5 inch diameter
plug samples were cut from the full diameter core.
Every 10" sample was cut as a full diameter size so
as to develop the relationship between the two
horizontal direction permeability values and the
vertical permeability. Rock homogeneity was
ultimately not a concern; permeability porosity cross
plots of full diameter were indistinguishable from the
small plug data plots.

The cross plot of permeability to air versus porosity
is illustrated in Figure 4. Application of net
overburden stress and Klinkenberg corrections to
permeability resulted in a tighter grouping of the
permeability porosity data. Final sample selections
for the lengthy and more expensive special core
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Fig. 4. Well A1-NC98 K/Phi x plot.

experiments were based on the stressed and
Klinkenberg corrected measurements. In addition to
the measured rock properties, extensive rock
characterization was done by petrology. Thin section
interpretation, x-ray diffraction and scanning electron
microscopy aided in understanding rock types,
reservoir layers and reservoir quality and participated
in the methodology of choosing acceptable special
core analysis samples.

CORE FLOOD EXPERIMENTS

Prior to the construction of the core stacks from
the chosen core plugs, the question of reservoir
wettability was addressed. Traditionally, oil-bearing
formations have a variety of wettability conditions
ranging from strongly water wet to strongly oil wet.
Wettability controls include water chemistry, oil
composition, reservoir rock composition and pore
geometry. Gas reservoirs typically are water wet;
gas being the non-wetting phase. Given the high
condensate concentration, the possibility of
pyrobitumen types of pore lining material and rapid
condensate drop out due to pressure depletion, the
core samples were allowed to come to equilibrium
with the reservoir water and gas according to the
Anderson method for oil water systems as described
in the literature. Synthesized reservoir brine and live
(from recombination of separator fluids) gas were
the core filling fluids. The core restoration was
conducted at reservoir conditions for a duration of 4
weeks. The results of the restoration indicated that
the reservoir is a water wet system at reservoir
conditions.

In order to model the impairment of
permeability to live gas, as caused by condensate
drop out over a reasonable depth of investigation,
core stacks rather than core plugs were used.

Calculations of volume and pressure versus depth
suggested 10 to 12 inch core stacks would not
cause unreasonable pressure differentials while
allowing good volumetric control. Four core plugs
of very similar porosity / permeability were
assembled for each core stack. Permeability to
live reservoir gas was measured at reservoir
conditions (i.e. pressure above dew point) and at
reservoir initial saturations (i.e. pores saturated
with live gas and with irreducible water). This
initial permeability served as the base line
permeability.

At least six pressure decrements were believed
to be sufficient to model the production pressure
response around the well bore and a short distance
into the reservoir. Most damage or impairment to
production occurs in the near well bore region so,
given the stack length and pressure ranges, we believe
the lab model to be a reasonable and reliable indicator
of field performance. Following each pressure
decrement, the stack was allowed to come to
equilibrium by flowing live gas stripped of the
condensate to the same pressure as the stack. This
allows the condensate at each decrement to
accumulate in the porosity without additional
condensate accumulation from “upstream™ portions
of the reservoir.

During field production, upstream gas will be
stripped of some condensate in the near well bore
region as affected by the pressure transient from
initial reservoir pressure deep in the reservoir to the
flowing draw down pressure in the well bore.
Accumulation of condensate will occur until the
condensate saturation eventually reaches a critical
and thereafter moveable saturation. Careful data
gathering in the field will yield evidence of this effect
when gas liquid ratio (GLR) is plotted versus time:
GLR will increase as the condensate accumulates in
the pores while the leaner stripped gas is produced.
Upon establishment of critical condensate saturation,
thé condensate becomes mobile and any further
condensate will be produced with the gas stream
resulting in a decrease in the GLR to some steady
GLR rate at that specific production rate.

In order to control the impairment of permeability
due to condensate formation in the pores and to
determine the magnitude of the critical condensate
saturation, decline pressure equilibrium gas was
injected into the core stack.

Eight core stacks were used to model the
permeability impairment as a function of pore
pressure (resulting in condensate drop out). Follow
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up experiments were designed to evaluate the
mitigation of the condensate caused impairment by
dry gas injection.

To ensure adequate volumes existed in the core
for the sensitive revaporization experiments, full
diameter core stacks were assembled — by much
the same technique as for the core plugs. Two stacks
were prepared — one to model low permeability (5
mD) rock and the other to model medium quality rock
(50 mD). After establishing equilibrium condensate
saturation, methane gas was reinjected for five pore
volumes through the core stack. Methane gas will
be the least efficient hydrocarbon based gas that
would be considered for revaporization; separator A
Pool gas would be the most likely “dry” gas that might
be used in the field. If methane were to be successful
then A Pool separator gas would be even more so
due to the heavier component concentration typical
of the gas produced out of the high stage separator
relative to pure methane. Again, test conditions were
at reservoir pressure and temperature. The
composition of the effluent gas as well as gas liquid
ratio were measured and added much value to the
resulting permeability measurements across the core
stack.

RESULTS AND DISCUSSIONS

The severity of the impairment of permeability
due to condensate formation was measured for the
two core samples: low permeability and high
permeability core stacks described in Tables 2a and
2b. The results are shown in Figures 5a and 5b.

Rock of medium-low quality is described in Table
2a while a better quality rock is the content of Table
2b. Permeability reduction was severe in both cases
i.e. from the initial 6500 psi start point where
permeability was 55 mD to 1 mD at a pore pressure

Table 2a. Permeability reduction as a function of pore pres-
sure.

Test parameters

47

Table 2b. Permeability reduction as a function of pore pres-

sure.

Test parameters

Core stack 1.D.;

Stack #8

Formation: Upper Nubian
Well LD.: Al

Core stack configuration (from inlet): 17,69, 41, 38
Average reservoir depth (ft): 14433.3 ft
Core stack average porosity (%): 12.8 %

Core stack average permeability(mD): | 99.5 mD

Test temperature (°F): 315

Net overburden pressure (psig): 4850

Core stack 1.D.:

Stack #5

Formation: Upper Nubian
Well LD A3

Core stack configuration (from inlet): 227,192,352, 117
Average reservoir depth (ft): 14392.75 ft

Core stack average porosity (%): 12.5 %

Core stack average permeability(mD): | 5.65 mD

Test temperature (°F): 315

Net overburden pressure (psig): 4850

of 100 psig for the better quality rock. The lower
quality rock had initial permeability to live gas of
almost 4 mD at the start condition of 6500 psi pore
pressure declining down to 0.09 mD at a pore pressure
of 100 psig. The impairment is due to the very high
critical volume of condensate required prior to the
flow of the condensate through the pore throats and
the low relative permeability to gas. Though a critical
condensate saturation experiment was beyond the
scope of the original lab study design, anecdotal
observations of the volume of condensate exiting in
the core suggest a very high retained condensate
volume in the rock pores hence impairing the flow of
gas. Mobility and fluid dispersion in the pore
environment is much more favourable towards gas
rather than condensate,

Figures 5a and 5b illustrate the relationship
between gas permeability at reservoir conditions as
a function of pore pressure for the high and low perm
quality core stacks. In both high and lower quality
rock, permeability declines rapidly as pressure
decreases. This can be attributed to both the large
volume of condensate dropping out at pressures a
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Fig. 5a. Stack #3 perm reduction.
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Fig. 5b. Perm reduction stack #8.

little below saturation pressure and to the pore
geometry (i.e. little evidence of high permeability
streaks and appearance of a homogeneous pore
network with small pore throats).

Figure 6 is a plot of cumulative condensate
production (% of initial condensate in place) versus
the cumulative volume of methane gas injection, for
the low permeability stack (3 mD) at pressures of
6320 and 5700 psig. At the higher pressure, most of
the condensate is recovered after one pore volume
of dry gas is injected. At the lower pressure, the
recovery of the condensate continues increasing with
continuing injection. At 3 Pore Volumes the
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Fig. 6. Low perm stack, dry gas injection.

condensate recovery is more than 80%. The high
cumulative recovery of the condensate for both
pressure runs is a result of two mechanisms:
displacement by gas flood and vaporization of the
heavier hydrocarbon components by contact with
methane gas.

Figure 7 shows the molecular weight of the
produced condensate liquid as a function of methane
injection. The data show two different trends:

1 - at the high pressure, gas cycling appears to
displace the condensate in a piston like manner i.e.
very little change of the molecular weight versus gas
injection but a lower molecular weight of displaced
condensate than that as exists in the live gas,
indicating heavier ends are remaining in the core
stack.

2 - at the lower pressure, an increasing trend in
the molecular weight of the produced condensate
liquid which is a good indication of vaporization of
the heavy hydrocarbon components by multi contact
miscibility with the methane gas.

After breakthrough both the rate of condensate
production and the molecular weight of the produced
liquid stabilize very quickly.
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Fig. 7. Low perm stack mole weight of produced condensate.

Figure 8 is a plot of the cumulative production of
the retrograde condensate liquid as a function of
methane gas injection in terms of percentage of
condensate in place using a stack of relatively high
permeability (7.e.50 mD). These results show that
breakthrough of the injected methane gas occurs after
about 1/2 pore volume of methane injection while
significant amount of condensate continues to be
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produced after breakthrough. The overall recovery of
the condensate (about 70%}) is not as efficient as that in
the low permeability stack probably due to the higher
permeability of the core (50 mD) which causes early
breakthrough and the resulting poorer sweep efficiency.
Figure 9 illustrates the relationship between the
molecular weight of the produced condensate versus
pore volumes of dry gas injection. The molecular
weights for both pressure regimes are somewhat
similar; vaporization of heavier ends after gas
breakthrough occurs more for the lower pressure
injection than for the higher pressure. As with the
low permeability stack, the composition of the
condensate changes due to the pressure at which
the condensate is created hence the composition of
the swept condensate reflects this phenomenon.
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Fig. 9. High perm stack mole weight of produced condensate.

Another set of tests was conducted to investigate
the regain in permeability due to condensate
revaporization by dry gas injection. Starting at 6320
psi and 5700 psi (as separate tests), dry gas was
injected and permeability was measured as a function

of pore volumes injected of dry gas. Figure 10 shows
the regain in permeability during the vaporization of
condensate tests using methane injection for the low
permeability stack while Figure 11 illustrates the high
permeability stack behaviour. The results show that
as methane gas is injected the effective permeability
to gas increases from about 6 percent before the
start of methane injection to about 50 percent after 3
pore volumes of methane gas has been injected for
the high permeability stack. The regain in permeability
never brings it back to near original values for the
low permeability stack. In our experience this
phenomenon may be caused by the effect of very
small pore throats clogged by even small amounts of
condensate.
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03

CONCLUSIONS

(1) Reservoir performance in terms of flow to
gas is very dependant on flowing bottom hole
pressure. Formation of condensate at flowing bottom
hole pressures below dew point will significantly
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impede the flow of gas. Both low and medium quality
rock types will be affected significantly.

(2) Investigation of the vaporization of
condensate by methane gas at pressures below the
dew point pressure was conducted by displacement
testing of the gas and the retrograde condensate in
the presence of connate water in horizontal core
stacks. All of the testing was conducted at reservoir
temperature, and at different pore pressures.

The recovery of the gas condensate by laboratory
displacement test with methane gas varies from
about 50 to 80 percent of the original condensate in
place depending on the rock permeability and the
resulting sweep efficiency. Theoretically, a high
percentage of the condensate should be expected to
be vaporised by the methane gas given the high
pressure and temperature of the system and light
nature of the pore filling liquid. In practice, the
recovery by the laboratory displacement test would
be lower than the theoretical recovery due to poor
sweep efficiency.

The displacement of gas condensate by methane
gas is characterised by poor mobility ratio and viscous
fingering resulting in early breakthrough of the
injected methane gas and very high gas/oil ratios
during the test. The volume of methane gas injection
required to completely recover the condensate liquid
in the core is a function of temperature, pressure,
composition of the gas and especially the permeability
of the core sample. For the reservoir conditions
investigated in this study (i.e. 7082 psig and 315 °F)
the methane gas requirement varies from 3 to 4 pore

volumes at a permeability of 5 mD but will increase
significantly at higher permeabilities (e.g. 50 mD) due
to early breakthrough and poor sweep efficiencies.

(3) It is evident from the laboratory data that
heavy hydrocarbon components from condensate can
be vaporised by multi contact miscibility with methane
gas (as evidenced by the mole weight behaviour of
the produced condensate) which is believed to be
the major factor in providing such high recovery of
the condensate liquids from certain kinds of pore
systems

(4) Re-establishing permeability to reservoir gas
by dry gas injection appears to be a function of the
rock quality. Poor quality rock — though well suited
to high condensate recovery — appears significantly
impaired and does not respond well to dry gas
injection. An interpretation of the persistence of the
impairment is that even small quantities of condensate
cause liquid blocking effects. High quality rock seems
better suited for permeability regain after dry gas
injection.

A future exercise will compare field data with
the laboratory derived model. The comparison will
be presented as a case study.
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2-D Geological Modeling in the Vicinity of Horizontal Wells — Case Study Integrating
Borehole Images and Openhole logs
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Abstract: Dip data obtained from dipmeters and openhole logs. This paper addresses the
imaging tools are not usually integrated with relationship between these two types of data and

uses a horizontal well to illustrate a new
* Schlumberger Overseas, Oman. methodology that produces a two-dimensional (2-
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D) geological model based on borehole images
and openhole logs.

Images provide valuable information about
the borehole wall and can be easily extended
fo the borehole vicinity Dy using softwares to
construct a structural cross-section. Although
the software used in this study is devoted for
dip data and cannot integrate openhole logs
into the constructed cross-section, the log data
were integrated by populating the lithofacies
obtained from the logs along the bed
boundaries previously identified using other
software programs.

The generated model did not always reflect
the true structures surrounding the well.
Accuracy depended on the direction of the
cross-section, and the section was not always
perpendicular to the structure. However,
computing and displaying the different
structural zones resolved this issue.

In the case study, 2-D seismic data showed
a graben and horst system with only one
structural trend, oriented NE-SW. Three-
dimensional (3-D) seismic data were being
processed at the time of logging and were used
later to validate the model. During drilling of
the 1,820-ft horizontal section, which included
260 ft of cap rock, a logging-while-drilling
(LWD) gamma ray log was obtained. The
Cretaceous carbonate reserveir section was
directly beneath the cap rock, which was
composed of a thick layer of calcareous shales.

To resolve the issue of drilling through the
calcareous shales and to understand the
structure and geology of the reservoir, borehole
images and openhole logs were acquired.

The model constructed from the images and
logs identified six different structural zones
(including a fold) and seven reverse faults. It
also defined a structural trap with potential for
further development. The newly processed 3-D
seismic survey showed four reverse faults in
addition to the trap, confirming the 2-D model.

This case study illustrates that a 2-D
geological model is critical for accurate
structural and geological definition of the
wellbore environment, especially during the
early exploration stages when data are limited
and uncertainties are high. The procedures
developed and applied in this paper are not
restricted to horizontal wells; they can also be
applied to vertical and deviated wells.

INTRODUCTION

High-resolution imaging tools deliver huge
amounts of data, and much of this data is not
convenient to use or is not fully used. The main goal
of this paper is to illustrate a methodology to
sumimarize borehole image data and lithological
evaluation derived from openhole logs in one
geological model (cross-section). In analogy with
problems in structural geology, one might first think
of cross-sections in terms of assessing a geological
model (Anxionnaz and Delhomme, 1998).

The model in this article is presented as a
workbench on which to refine and interpret all
available well data. Nevertheless, producing such a
model from raw dip data provides the geologist with
insights for reservoir analysis, especially during early
field appraisal. An example of these insights is
illustrated in Figure 1 and leads to a better
understanding of the reservoir structure.

From a geological point of view, two types of
information can be used to define the reservoir
geometry: seismic data and borehole images/logs.
The resolution of seismic data is improving, but if
structures are too small (less than 50 m), the average
dip is too high, or the velocity contrast is too low,
significant structures may be missed on seismic
sections. In each of these cases, seismic techniques
are insufficient to achieve an accurate structural
description of the reservoir (Etchecopar and
Bonnetain, 1992). Meanwhile, geologists,
petrophysicists, and geophysicists use borehole
images, dipmeters and log data in a wide range of
applications to reduce the uncertainties.

The model in this paper follows the technique of
Etchecopar and Bonnetain (1992), in which they
introduced a computer method to produce structural
cross-sections from dipmeter and imaging data. The
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Fig. 1. The faults on this model were interpreted before acquisition
of borehole images. The images confirm the fault but clearly
show a 175-ft offset from one of the previous (seismic)
interpretation.
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constructed cross-section is based on a similar fold
model (Ramsay, 1967) used to describe folds, faults,
and even rollovers.

The interpretation of dipmeter data is not new.
Authors such as Busk (1929), Gilreath and Maricelli
(1964), Vincent et al. (1979), and Suppe (1985) have
proposed methods to extract the information by
pattern recognition. Others, such as Bengston (1981),
proposed new projection methods to make the
interpretation of dipmeter results easier.

Although the referenced techniques have greatly
improved the structural and geological interpretation
of dip data, they do not address the main goal of the
geologist, which is integrating all openhole log data
into one model in a short time frame.

METHODOLOGY

Our modeling is based on the technique introduced
by Etchecopar and Bonnetain (1992), who based their
method on two fundamental behaviors of strata during
deformation: similar folding and parallel folding. There
is a main constraint on the produced model, where
they have to be strictly consistent with the dips
measured in the well. Even with this constraint, it is
often possible to interpret a single dataset as a fold
or as a fault, with consistent results in both cases.

The final decision about which type of structure is to
be used, depends con regional knowledge.

The technique has now evolved into a software
that converts a bunch of loose tadpoles into a
meaningful structural cross-section, Because of its
applicability to different types of structures, it is based
on two hypotheses: similarity and cylindricity. These
hypotheses imply that the position in space of layer
boundaries can be derived from each other by a
simple translation along a translation plane.

The current version of the software is devoted to
dip data and cannot integrate openhole logs into the
constructed cross-section. However, the openhole
logs can be integrated into the structural cross-section
by populating the lithofacies obtained from the logs
along the software-identified bed boundaries using
other computer methods (Figs. 2 and 3).
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Fig. 2. Steps leading to a 2-D geological model in a vertical well.
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Fig. 3. A simple horizontal well structural model. (1) The output result of the computer program. (2) Using other computer programs we
can populate the fithological data on the basis of openhole gamma ray log.
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The field example presented in this paper has two
types of input data: dips (beddings and faults) obtained
from the imaging data (structural model) and the
openhole logs (lithology). These two inputs are used
simultaneously in a computer method to generate a
2-D geological model, which shows the structural and
geological setting of the well.

The ability of the generated model to reflect
true structural dip depends on the orientation of
the cross-section and the complexity of the
structure, because the model is not always
perpendicular to the structure. To avoid this
situation, different structural zones are computed
and plotted beside the cross-section to reflect the
real structural dip magnitude and azimuth direction
in conjunction with the well trajectory.

HORIZONTAL WELL CASE STUDY

The number of horizontal wells is increasing,
and identifying the geological and structural
characterization of the reservoirs targeted by these
wells 1s critical, because of the drastic lateral and
vertical changes that occur both in facies or
structure, It was not so long ago that reservoir
studies were based mainly on cores, openhole logs,
outcrop measurements, and, most importantly,
seismic data.

Seismic surveys give accurate information in low
and simple dip zones, whereas imaging data are more
useful in identifying highly variable, steeply dipping
zones and viewing sub-seismic features. However,
local experience demonstrates that many important
structural features cannot be interpreted from seismic
data, especially at great depths.

In this case study, 2-D seismic data, interpreted
prior to drilling the well, showed a graben and horst
system, and no faults were interpreted along the
well trajectory (Fig. 4). The structural system, as
illustrated, trends to the NE-SW, and there are no
other structural trends. During drilling of the 1,820-
ft horizontal section, which included 260 ft of the
cap rock, a gamma ray log was recorded. After
drilling through the cap rock, composed of a thick
layer of calcareous shales, the Cretaceous
carbonate reservoir section was reached for the
second time (Fig. 4).

Borehole imaging data and openhole logs were
acquired to resolve the issue of drilling through the
calcareous shales and to understand the structure
and geology of the reservoir.

General Description

Calcareous Shales;

Carbonate rock
representing the
resarvalr section

Fig. 4. Schematic drawing of the structural setting of the well
before modeling and the stratigraphic summary of the drilled
section.

BOREHOLE IMAGE INTERPRETATION

The goal of image interpretation is to characterize
formation properties. This information assists
geologists in their studies and assists petroleum
engineers in determining permeability paths and
barriers, calculating net pay, and planning of well
completions such as perforations and hydraulic
fracturing. The interpretation itself is a multi-step
process of observation, description, interpretation, and
implementation or exploitation (Serra, 1989).

There are different types of imaging tools, and
the principle of measurement changes from one tool
to the other. The two main types of measurements
are resistivity and acoustic (Fig. 5). The imaging tool
used in this case study is an acoustic imaging tool.
Acoustic images do not normally give sufficient
resolution for detailed sedimentological studies,
because they are very sensitive to borehole conditions
(Hansen and Fett, 2000). However, in this case the

&

SR i AL
= Oriented and 3-D resistivity
borehole [mages examples in
horizontal and vertical wells.

i T by
i

By

Buiits;,
[ 1]

*  Oriented acoustic borehale
Images example in the Images
horizontal well case study.

L]
BE
|l
Baswania =

Fig. 5. Resistivity and acoustic images, horizontal and vertical,
showing bedding planes.
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images fulfill the objective, which is identifying the
structural and geological setting of the well.

The high-quality image obtained allowed confident
interpretation of bedding, fractures, borehole
breakouts, faults, and vugs. Fractures and bedding
dips are defined, shown as low- and high-amplitude
sinusoidal patterns, respectively. Borehole breakouts
are also recognized, seen as axial low-amplitude (dark)
bands running along the axis of the image. Vugs are
seen as dark spots, randomly distributed or sometimes
aligned with bedding planes, with variable shape and
size. The fault interpretation is based on the observed
termination of bedding planes against the fault plane.
This interpretation also includes the sharp changes
in the image texture across the fault planes. Seven
faults were interpreted on the acoustic images; no
faults were interpreted previously from seismic data
(Fig. 6). The structural dip is computed using the local
curvature technique (Etchecopar and Dubas, 1992).
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Fig. 6. Acoustic image examples along the horizontal section. All
images are oriented top of hole. (After Amer and Abushaala,
2002).

This technique allows the user to subdivide the
study interval into different structural zones or sub
zones based on major changes in the structural dip
magnitude and/or azimuth (Fig. 7). The bedding
azimuthal vector plot shows the intra-formation
variations of bedding orientation in the uphole
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Fig. 7. Structural zonation and a Schmidt plot illustrating the
local curvature axis computed over Zone 4.

direction. The bedding azimuth on the vector plot
shows SW, S, and SE azimuthal trends (arc shape).
These directions coincide oppositely with the well
azimuth, indicating the well was drilled in the up dip
direction for most of the section (Fig. 8). This up dip
drilling is also observed on the geological cross-
section, which is discussed in the following section.
The vector plot also shows a zone of disturbance
where the azimuths are changing drastically. This
change outlines a fold, which is confirmed by the
acoustic image and the structural dip zonation. These
changes in the vector plot are due to the fact that we
moved through the axis of the fold, from one limb of
the fold to the other.
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Fig. 8. Well trajectory map view and total bedding vector plot,
showing the relationship between the drilling direction and
beddings. «

2-D MODELING

The integration of borehole images with all other
available formation evaluation data is critical for
accurate structural and geological assessment,
especially during early exploration stages. The
integration of this dataset clearly illustrates that the
first entry of the well trajectory into the calcareous
shales is marked by a vertical gradational change in
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lithology (Figs. 4 and 9). This gradation indicates that
the contact between these two units is poorly defined,
which made it difficult to identify by only using LWD

gamma ray data. This transition zone is marked on
the ultrasonic images (Fig. 10). The presence of ENE-
WSW trending fault resulted in the well trajectory
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Fig. 9. A part of the well interval that crosses the cap rock. Note the smooth transition in the shale content at Point (1} resulting from the
gradational change in facies and the sharp break at Point (2) caused by a fault.

reentering the reservoir zone for a second time. This
reentry is very clear on both the acoustic image and
openhole logs (Fig. 10).

After analyzing both the borehole images and
openhole logs, the cross-section can be computed
along a SE-NW, S-N, and a SW-NE line to fit the
arc-shaped well trajectory. During cross-section
generation, different structural models were used to
determine the best fit to the complex structural setting:
monocline, anticline, and reverse fault models. The
fault displacements on the final model are not to scale,
and the relative movement of these faunlts (reverse
movement) are based only on the relationship
between the borehole images and openhole logs.

The reverse faulting was unexpected,
because this field is known to have a normal
fault system. An interpretation of the processed
3-D seismic data confirmed the model with four
reverse faults and a structural trap between
Zones 3 and 4 (Fig. 10).

The structural dip computed using the local
curvature axis technique was plotted beside the
cross-section to give the true structural picture.
The display revealed a domal structure (fold), a
NE-SW striking axis between the two structural
zones, Zones 1 and 2. Although this fold is not
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Fig. 10. 2-D geological model and structural zonation and azimuthal
plots. The map view shows the direction of the cross-section.
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observed on the model because the cross-section
direction is not perpendicular to the structure, it is
clear from the structural zones, bedding azimuth,
and vector plots.

DISCUSSION

The high-quality acoustic image allowed
confident interpretation of different geological
features (e.g., bedding, fractures, borehole
breakouts, faults, and vugs). These interpreted
structural and/or sedimentological features added
value to the reservoir characterization and
increased the resolution of the geological,
petrophysical, and seismic models.

The interpreted bed boundaries and fault planes
gave a clear picture of the well’s surrounding
structure and fault systems (Fig. 10). The fractures
and vugs were used to calculate the secondary
porosity, which has a direct impact on production.
The breakouts and borehole chipping analysis will be
used to alleviate or avoid future drilling problems (Fig.
6). The fault identification has been used to update
the available seismic maps and increase their
resolution and accuracy (Fig. 11).

Fig. T1. Schematic drawing of the structural setting of the well
before and after updating the map with the modeling data.

CONCLUSIONS

The 2-D geological model, based essentially on
borehole images, illustrated a high degree of resolution
when the images were integrated with available
openhole log data.

The bedding analysis subdivided the logged
interval into six structural zones. These zones mark
the major changes within the structural dips and

include a fold with a NE-SW striking axis. The
interpretation also revealed seven reverse faults, and
indicates that drilling was in the up dip direction.

The 2-D geological model, which has the same
0.2-in. resolution as the imaging tools, shows a great
level of detail and accuracy. The production of such
a model from dip data computed from borehole
images provides the geologist with insights for
reservoir analysis, especially during early field
appraisal, when data are limited and uncertainties are
high. In addition, this model can be integrated with
seismic data for static modeling purposes. The
technique is not restricted to horizontal wells; it can
also be applied to vertical and deviated wells.
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CO, Gas Flooding in Sandstone and Limestone Reservoirs
in Hungary
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Abstract: CO, gas flooding in Hungary has
achieved a wide range of field application based
on natural carbon dioxide resources. The oldest
field scale application has been applied in the
western part of Hungary in sandstone reservoirs
of Budafa and Lovdszi fields, as well as in the
fractured, karstic limestone and dolomite
reservoirs of Nagylengyel field.

After some pilot tests, the first field-scale
application started in the sandstone formations
of Budafa field in 1972. The produced crude is
of an intermediate-paraffin character, its average

*MOL, Ple., Hungary.

density is 820 kg/m’ (41 degrees API). CO, gas
flooding has been used as a tertiary recovery
following the CH-gas or water flooding.
1,450,000 n’ (9,120,000 bbl) incremental oil has
been produced to date, resulting in 6-10 % of
original oil in place (OOIP) additional recovery.

Carbon dioxide was also applied in the karstic
formations of Nagylengyel field containing under-
saturated heavy oil. Crude oil was produced with
high water cut in the 70’s. In 1980, a pilot test
was started injecting high CO, content gas into
the reservoir, creating an artificial gas cap. The
field-scale application was introduced in 1988.
Incremental oil volume to date is 2,260,000 m’
(14,215,000 bbi).
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During the implementation of the carbon
dioxide flooding project, several innovations had
been developed both in well-technology and in

surface facilities. The authors give summary of

the results and development of new technologies
at the carbon dioxide flooding project.

INTRODUCTION

Hungary, located in the central part of the
Carpathian Basin, has got two petroleum super
systems:

e the older one is discovered and exploited oil
and gas from pre-Tertiary reservoir rocks (pre-
dominantly fractured limestone, dolomite and
metamorphites)

¢ the younger one is found in Tertiary clastic
reservoir rocks.

The country was able to meet the oil demand in
the late thirties and early forties with a modest surplus
for export to Western Europe.

The strong industrialization in the fifties and sixties
and the growing demand for the petroleum as energy
source, in general, and growing appetite of the
industry, in particular, changed the situation and
Hungary became an oil importer. In this context, it
was a necessity to be able to enhance the oil output
of the domestic fields.

As a consequence, the simplest secondary
methods to maintain the reservoir pressure (re-
injection of the associated gas produced or water
injection) have been intensively applied since the early
forties.

Laboratory and pilot tests allowed full scale field
application of different in-situ combustion methods
which were applied to a low API gravity oil in an
Oligocene sandstone reservoir in the northern part
of the country. The experience accumulated during
the design and implementation phase of this method
allowed exporting this knowledge in the form of a
Joint pilot project to countries such as Canada, India
and the Soviet Union.

With the commissioning and continuing depletion
of the multi-layer Algyd field with a number of oil
pools both with saturated and under-saturated oil
deposits, laboratory and pilot projects applying tertiary
recovery methods (such as polymer injection and
micellar solutions) were started and successfully
implemented

The most successful method, however, was CO,
injection in both sandstone and limestone reservoirs.

The application of the principles of the subsurface
displacement processes were introduced first in the
sandstone reservoirs of Bazakerettye, Lovdszi fields
in Western Hungary. This method in young (Miocene
and Pliocene) strongly stratified reservoirs after a
reasonably long period of successful water flooding
is the first item of this presentation. The second half
of this paper outlines the history, results and lessons
learned from the application of the CO, injection
method in a karstic limestone reservoir.

The CO, source was available from high-
pressure/high-rate wells producing from natural
reservoirs. High-pressure pipelines were built to
transport the gas to the fields where it was injected,
80 pressure boost was required only for re-injection.
An extensive workover program was required to re-
complete the existing old wells. New wells were also
drilled as infill wells and as replacement of old wells
having critical conditions. Material selection of
downhole equipment was of critical importance.
Corrosion menitoring and mitigation have been a
critical issue throughout the project.

Location of above-mentioned fields is shown in
Figure 1.

CO, GAS SOURCE

In the region of Budafa field a carbon dioxide
natural gas reservoir had been developed in 1968
which had more than 10 billions m* of original gas in
place (OGIP). The gas exists in the Miocene coarse
clastic rock at 3200 m depth. Initial reservoir
pressure was 33 400 kPa, and the reservoir
temperature is 165 °C. Characteristic composition
of the produced gas is as follows: 80 to 81 mole %

» 16-17 mole % HC, 2 mole % N, and 0.3 to 0.4
mo[e % H,S.

Nagylengyel

-‘ ﬁeld
HUNGARY
Lovaszu

feld @ ?“lzafa
e ar,
rp-’f’v-u\rv’v’r

Fig. 1. Location of Budafa, Lovaszi and Nagylengyel fields.
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The reservoir has very strong water drive and
good hydraulic characteristics. The reservoir was
exploited by three wells, with maximum production
capacity of one million m*/d at 16000 kPa well-head
pressure. Thus, the gas can be injected into the crude
oil reservoirs without using any compressors.

CO, Gas Flooding in Sandstone Reservoirs

In Budafa and Lovdszi fields the oil is found in
layers between 1000 and 1500 m below the surface.
The reservoir rock is sandstone. Average porosity of
the formations varies between 17 — 22 % and the
average permeability varies between 30 — 100 mD.

The reservoir oil is of intermediate-paraffin
character, its density is 820 — 830 kg/m? (40-38°API)
at standard conditions. In the initial phase of recovery,
the oil was saturated with hydrocarbon gas. Most of
the reservoirs possessed initial gas cap. The initial
pressures ranged from 10,000 to 15,000 kPa, and the
reservoir temperature is between 60-80 °C.

Hydrocarbon production began in Budafa field in
1937 and in Loviszi in 1940. By the 1* of January
2003, cumulative oil production from Budafa field was
6.8 million m? and the recovery factor was 33.5 %,
whereas from Loviszi field the total oil produced was
8.1 million m* and the recovery factor was 30.9 %.
The natural edge water inflow was very weak and
the reservoir pressure decreased significantly during
production. Hydrocarbon gas re-injection was started
in 1939 and 1944 in Budafa and Lovaszi, respectively.
This method resulted in 2.4 million m? incremental
oil which implied a recovery increase of 5.27 % with
respect to the area recovered by that method. In an
advanced stage of production, water injection was
initiated in 1953 and 1954 in Lovdszi and Budafa,
respectively. The water flooding was not successful
as the incremental recovery factor was only 1.46 %
of the OOIP.

After running the necessary laboratory tests, a
pilot test was started in the Upper Lispe formation in
1969 using natural CO, gas. Before starting the
experiment, CH gas and water—injection were
performed. The oil recovery factor was 35.2 % OOIP.
The pilot experiment was completed in 1980. The
produced incremental oil was 67,600 m*, and the
incremental oil recovery factor was 10.13 %.

Field-scale application was started in the Budafa-
West formation of the Budafa field in 1972 and in
the Kiscsehi layers in 1974. Figure 2 shows a typical
cross-section and Figure 3 the annual oil production
rate of Budafa-West. Following the favorable

B-174 B-315 B-100 B:500 B-300 B-111 B-110
i 1 h oty

BUDAFA - formation

Lac Cmm prained sediments.

0 500
HOREZONTAL SCALE -m

. 2. Cross-section in Budafa west unit.

oy
s

100 100
90 n
80
70
60
50
40
30

Water cut

m 3/year
Water cut, %

01l Produclion, thousand

s [
y+CH gas inj.

10 N I 10
T
g L il e 1y
G R S T e S R T I ST
P ® o 9w w W W W WO YL oo o o
o8 2 oo OO 0O N N @ @ ® 8 0
oo R =R - N v+ B B =t - R - B RN

Fig. 3. Production history of Budafa-west unit.

experiences, the CO, natural gas was transported in
pipeline to Lovdszi field, where the EOR applications
were begun in 1975-77. Thereafter the exploitation
was continued in the Zala and Kerettye formations
of Budafa field in 1981. The basic data is summarized
in Table 1.

Due to the high reservoir temperature, miscible
displacement could not be reached but a partial
miscibility could be achieved. The carbon dioxide
exerts its favorable effect, first of all, through the
swelling of the oil. In the first phase of recovery, the
natural CO, gas was injected into the reservoir
through injection wells in order to increase the
reservoir pressure which has declined in the primary
recovery stage to its initial value. During this process,
a controlled production was being performed to ensure
the high (60-70 mole %) carbon dioxide concentration
of the solution gas of oil. It was a fundamental
condition for the success. After that, water was
injected into the reservoir through the same injection
wells. At those reservoirs where the produced fluid
became poorer in CO, or in order to achieve favorable
volumetric sweep efficiency, a cyclic gas-water
(WAG) injection was performed.

The results of CO, gas flooding in Budafa and
Lovdszi fields have been presented in the
literature. ' Nowadays, these fields are entering
a more mature phase of development. Up to date,
1,457,000 m*® incremental oil has been produced,
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Table 1. CO, gas flooding in sandstone reservoirs of Budafa and Loviszi fields.

Field Budafa Budafa Budafa Budafa Budafa Lovéaszl Lovaszi
Discovered 1937 1937 1937 1937 1937 1940 1940
Pay zone Upper-Lispe | Budafa-West | Kiscsehi Zala KHerettye |Lovaszi-East|Lovidszi-West
Productive area, km® 0,7 3,5 0,9 41 1,4 2,3
Average depth, m {subsea level) 980 848 842 870 970 1285 1285
Mean poroslty, 21,5 21,0 20,0 21,0 20,0 17,2 17,2
Mean permeabllity, D 0,022 0,100 0,050 0,132 0,096 0,030 0,030
Initlal pressure, kPa 10 100 9 800 9 400 10 000 11 080 15 250 15 250
Pressure at the end of primary production, kPa 3600 2900 5 660 3 580 6430 9200 5920
Reservoir temperature, °C 68 64 64 63 69 83 83
Oil density at 20°C, glem® 0,834 0,817 0,817 0,819 0,835 0,823 0,823
Ol viscosity at reservair temperature, mPa.s 1,16 1,15 1,15 0,80 1,04 0,40 0,40
Farmation volume factor 1,224 1,225 1,225 1,192 1,257 1,245 1,245
Primary recovery efficiency, %{Q0IP} 35,20 22,57 28,14 31,87 34,30 31,02 38,78
Start date of CO; inj. 1969 1972 1974 1981 1975 1977
Producing wells 19 71 17 77 27 40
Injection wells 5 42 14 60 34 44
Oll saturation at start, % 40 50 45 42 M 44 40
Inj. CO,gas up to 1st January 2002, milllon m® 92 719 158 1168 ar2 784
Incremental oil recavery up to 1st January 2002 10°'m’ 67,582 310,906 60,244 540,480 163,176 304,730
Tertlary recovery, %(Q0IP)} 1st January 2002 10,1 7.0 13,3 6,54 6,7 10,1

resulting in an incremental recovery of 6-10 % of
original oil in place.

CO, Gas Cap Applications in Limestone
Reservoirs

Another type of reservoir can be found in the
Nagylengyel field discovered in 1951. The crude is a
heavy oil with high density (950-980 kg/m’ i.e. 17-
12° API) and high viscosity. The fluid contains
practically no dissolved gas. The fractured, cavernous
formations were created by karstic corrosion. There
is practically no oil in the matrix of the rock. Most of
the oil accumulated in the Upper Cretaceous
limestone and Triassic dolomite formations, which
contain hydro-dynamically separated blocks as a
result of the structural movements. Most reservoirs
have very strong water inflow, so natural water drive
served as the primary source of energy during primary
[eCovery.

Until the 1% of January 2003, some 21.5 million
m’ oil was produced and the average recovery factor
was 47.9 % OOIP. During the primary recovery
period, the water influx became more and more
extensive and the water cut stabilized at about 95-
98 % by the end of 1970s. In the 1960s, some pilot
tests for enhanced oil recovery (EOR) had already
began. Tests using surface active agents and
ammonium hydroxide were not successful for field
scale applications.

Analysis of the reservoir structure and
performance indicated that creating an artificial gas
cap would be the most effective recovery method.
Figure 4 shows the basic forms of the driving
mechanism.

Complicated physical, chemical and hydrodynamic
conditions are taking place during this special
recovery so the process could not be modeled in the
laboratory. That was the reason why it was absolutely
necessary to carry out pilot test before the field scale
applications. The gas cap can be established
theoretically by any gas, however, economic
considerations supported the utilization of impure
carbon dioxide natural gas discovered in the Budafa
field.

The pilot test of forming a CO, gas cap started in
1980 in the Southern Triassic block of the field which

b. Forming of oil bank

a. Gas injection

I Oil
== Co, Gas
1 water

N/ Karstic channel

c. Gas blowdown

Fig. 4. Driving mechanism of CO, gas cap flooding.
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has minor oil reserves and ended in late 1996, The
characteristics of the reservoir are summarized in
Table 2. Approximately 100.2 million m* gas were
injected and 122,000 m’ incremental oil was produced
up to September 1996, which equals 10.4 %

Table 2. CO, gas cap recovery of Nagylengyel field.
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incremental recovery factor. More details of the pilot
test are described in reference 2.

Based on the initial results of the pilot test it was
decided to extend this technique to the whole
Nagylengyel field in three stages. The annual oil

Reservoir properties Pilot Phase I. Phase Il
Soulh-Trassic block 1V rudistic Block Vil.rudistic block Vil rudistc block X Nertn rudistic block X Scuth rudistc block

Block area, km? 0,8 11,7 31 55 23 2,7
Height of oil column, m 163 340 135 212 159 152
Depth at original water-oil contact, m {suhsea level) 2290 2040 2010 2200 2200 2200
Initial pressure at OWOC, kPa 23100 20 700 20 600 22 400 22 360 22 300
Reservoir temperature, °C 124 114 124 B4 94 94
Mean porosity, % 2,5 1,2 34 1,8 0.8 1,9
Mean permeability, D 3.6 38 5,0 5,0 1,0 5,0
OOIP, million ni 1,171 16,258 5,589 8,320 1,280 2,963
Stock-tank-oil gravity, gfcn'f' 0,960 0,947 0,974 0,972 0,983 0,980
Oil viscosity at reservoir condition, mPa.s 92 18 49 137 125 137
Primary recovery, million m * 0,493 6,880 2,804 4,194 0,447 1,699

% (OOIP) 42,1 42,3 50,2 50,4 34,9 57,3
Start of CO,gas cap recovery Sept., 1980 Oct., 1988 Jan.,, 1993 Aug., 1994 Nov.,1996 Apr., 1995
Producing wells 7 105 35 44 9 22
Injection wells 1 11 2 4 - 2
CO, gas injection, million ni 100,0 1851,8 470,6 1094,9 560,2
Start of blown down gas Marc., 1985 Aug., 1994 Oct,, 1997 Oct,, 2000 Febr., 1999
End of project Sept., 1996 Sept., 2000 Cont. Cont. Cont,
CO; gas production through to 1 Jan. 2003, million nf §5,5 1214,3 320,8 426,2 291,86
Incremental oil recovery through to 1 Jan, 2003 million m’ 0,122 1,732 0,145 0,133 0,032 0,169

%{00IP) 10,42 10,65 2,58 1,59 2,50 570

production rate of the field is illustrated in Figure 5.
The first stage was realized in the Block I-1V.

Block I-IV has the greatest reserves in the field.
The OOIP was 16.3 million m®. The Upper
Cretaceous reservoir rock is biogenic limestone of
shoreline origin. Reservoir space was formed on the
impact of the authigenic (uncovered) karstification
during a subaerial period before Miocene. The 0.5
% original porosity of the rock increased to 4 to 6 %
in the erosion zone as a result of karstic corrosion.
The crude oil is of paraffin-intermediate base, its
density at 20°C is 947 kg/m® (17°API), and the
viscosity at reserveir conditions is 18 mPas. Qil-water
contact was originally at 2040 m below surface. The
initial reservoir pressure and temperature were
20,700 kPa and 114°C, respectively.

Production from Block I-IV started in 1951. The
peak production was reached in 1955 with 1.1 million
m*/year. By the end of 1967, most wells were
producing at >90 % water. Oil produced during the
primary recovery stage was 6,880,000 m’,
corresponding to 42,3 % of the original oil in place.

The EOR application was carried out using 11
gas injectors and 105 producers. The gas injection

was started in October 1988 and terminated in August
1994. The cumulative gas injected was 1.852 billion
m’. Thereafter, the blow-down of the gas started and
it was placed into the blocks of the second stage
without compressors. The project was terminated in
September 2000. By that time, 1,732,000 m?
incremental oil was recovered corresponding to an
additional recovery factor of 10.65 % of the original
oil in place.

Blocks # VII, VIII, and X were used for stage II
of the CO, gas cap flooding. Reservoir rock is Upper
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Cretaceous biogenic limestone similar to Block I-IV.
But the karstification can be characterized mainly
by allogenic (covered, so called “B” type) processes.
Principal geologic and reservoir engineering data are
given in Table 2.

CO, gas injection into the blocks started at
different dates between January 1993 and April 1995
and was terminated between October 1997 and
October 2000. Approximately 2.126 billion m* of
cumulative gas was injected into the reservoirs. The
gas blow-down is still continuing now. The incremental
oil was 477,800 m®. Stage I1I is under discussion and
preliminary design.

To date, 2,381,000 m? incremental oil has been
produced from the blocks of Nagylengyel field. More
information about this project is written in the
literature P,

WELL COMPLETIONS

The CO, producers are completed with 4 ¥4 gas-
tight tubing. A typical HP/HT completion was selected
because of the high bottom-hole temperature and the
corrosive environment. Permanent drillable packers
are used with Seal Bore Extension. Storm Choke is
installed to prevent gas leak to the air in case of a
wellhead failure. It was noted that corrosion is a
problem in the upper section only (where water
condensates). To reduce completion cost, it was
decided to use carbon steel tubing. To mitigate
corrosion, batch type inhibition treatment was applied.
To eliminate elastomer problems, metal-to-metal
seals were used on the wellhead installation.

The wells used for CO, recovery were typically
20-40 years old at the time when the CO, gas
injection was initiated. An extensive recompletion
program was required to modify the original
completion and to keep the wells in proper condition
to minimize operational problems.

Typical operations carried out were as follows:

- drilling deeper (where it was required)

- logging to evaluate cement bond and base log
for evaluating gas migration during the CO,
recovery

- squeeze cementing to repair cement sheath

- squeeze cementing to shut-off perforations

- re-perforate

- acid stimulation

- casing integrity test

- repair damaged casing (inside or outside casing
patch)

- remove old wellhead and install new wellhead

and Xmas tree to fit to the special requirements

- run completion equipment

- test the integrity of the final completion with

gas (air or nitrogen),

It was of critical importance to check and repair
every well (even the plugged wells) which were found
within the area of CO, recovery, because a seal above
the reservoir was necessary to prevent gas migration
from the reservoir.

In some cases new wells were drilled. In
sandstone reservoirs the new wells were drilled as
infill wells to improve sweep efficiency. In
Nagylengyel field, new wells were used generally
for injection purposes because of safety reason, to
replace old wells with poor casing condition.

The CO, injectors were completed with
permanent drillable packers and gas-tight tubing. In
the case of sandstone reservoirs, 2 7/8" J-535 EU tubing
with Teflon ring was installed, while in Nagylengyel
field metal/metal seal gas-tight connections were
used to improve well safety.

Downhole Injection Safety wells and Storm
Chokes were used in Nagylengyel field to avoid
leakage to the air in case of a wellhead failure.
Elastomers were selected carefully to meet the
requirements. Viton and Teflon were used
successfully in the field.

Sucker Rod Pumping is the general means of
mechanical production. 13 Cr alloyed steel with
controlled hardness is used widely to reduce
corrosion/erosion of pump parts. Pumping wells were
converted to flowing well with packer type
completion when gas production was high enough to
keep the well flowing.

NACE MRO1-75 was taken into consideration in
all completion and live well operations. Law-alloy
carbon steel with controlled hardness was selected
where appropriate, but in critical areas 9CriMo
materials were selected (e.g. wet parts of the packer
and completion equipment below packer).

To design reliable and economical completions,
a detailed analysis of the conditions and
requirements was essential. A typical example
illustrating the logic of completion design of the
CO, injection well in Nagylengyel field is shown
in Figure 6. A typical completion used in
Nagylengyel field is shown in Figure 7. The Single
String Two Zone Alternate Completion is suitable
to isolate the zone which is producing with high
GOR. The upper zone can be produced through a
choke to lift the fluid produced from below.
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Fig. 6. Completion requirements of CQ, injection wells in Nagylengyel field.

7" casing 26 Lh/ft
2 7/8* tubing with taflon ring,EU
2 7/8" KBMG Mandrel EU

2 7/8* W+1 Nipple EU

7" permanent derillable pocker, 26 th/ft
2 7/8"= 10° pup jeint NU 9CriMa
2 7/8" W-1 Nippla NU 9Cr1Mo

2 /8" Sliding sleeve
2 7/18"< 10" pup joint NU SCr1Mao
Crossover 2 7/8" - 2 3/8'EU 9Cr1Mo

2 3/8" EU tubing with teflor ring

2 3/8"= 15" blast jeint

%4 1/2" permanent drillable packer
2 3/8“=x 10" pup joint NU 9Cr 1Mo
2 3/8" W-1 Nipple NU $Cr1Mao

2 3/8"x 3" flew coupling NU 9CriMo
2 318" D~ Nipple NU 9Cr1Mo

2 3/8"=10' pup joint NU J-55
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Fig. 7. Completion of selective production well in Nagylengyel
field.

SURFACE FACILITIES

Two levels of technical advancement were
accomplished in the design of surface facilities. At

the beginning, all the facilities were simple and
traditional. However, with more and more field
experience and study of international literature, more
sophisticated processes, methods, equipment and
accessories were designed and applied.

Production, Transportation and Injection of CO,
Gas

CO, gas was produced in Budafa Field from deep
wells. Initially 3 production wells were used, then
increased to 5 in the final stage. At the early stage
the well site facilities of the CO, production wells
were equipped with stainless steel, but for the piping
system carbon steel was used. Concerning the gas
treatment, it was decided not to remove the H.S
contamination, because of economical reasons.
Figure 8 shows a schematic of the surface system at
the early stage.

Initially the aim of gas treatment was to achieve
a dehydration level necessary to avoid hydrate
forming in the transportation and injection systems.
The temperature of the produced gas at the wellhead
was about 100°C. The gas was cooled to 45-75°C in
a gas-gas and a water-gas heat exchanger. Free
water was knocked out then the gas was reheated
to 60-75°C by gas-gas heat exchanger. This simple
treatment was good enough for short distance
transportation (the distance between Budafa and
Lovdszi fields is about 11.3 km). Because of the very
low soil temperature, methanol injection was used to
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Fig. 8. Schematic of early surface system of CO, recovery.

prevent hydrate formation. There was no substantial
pressure drop during the process so no compression
was required to inject the CO, gas.

A higher technical level was accomplished in
Nagylengyel field. The schematic of surface facilities
at this stage is shown in Figure 9. The well site of
CO, production was redesigned. Surface section of
piping and all the accessories were replaced by
stainless steel ones with 316 L material. The distance
between Budafa and Nagylengyel field is about 34
km. The previous simple gas treatment was not
acceptable for this range of transportation. A high-
pressure, glycerol gas treatment plant was built, so
the natural energy of the CO, source reservoir can

be utilized to eliminate the need of compression to
inject the gas in Nagylengyel field. The usual glycol
as an absorbent for dehydration was not acceptable
because it dissolves in the high pressure CO, gas
stream causing a significant glycol loss. For high-
pressure CO, stream, the glycerol proved optimal
absorbent medium for dehydration. All the materials
of the dehydration process on the wet gas side, piping
and vessels were made of 316 L stainless steel. There
were no transportation problems as the result of -
5°C dew point of the treated gas. Individual injection
lines were built to each injection well. The CO, gas
was injected into the wells through distribution
stations in the field.
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Water Injection

In Budafa and Lovdszi fields, the CQO, injection was
followed by water injection. Water was injected
continuously or alternately (WAG). Formation water
was mixed with fresh water. Following sedimentation,
filtration and chemical treatment the water was injected
with reciprocating pumps. The same injection lines used
for CO, injection were used for water injection.

Surface Production Facilities

In Budafa and Lovdszi fields, sucker rod pumping
was used for mechanical production. Separation of
the gas from the oil and water occurred in
conventional metering stations. Oil was separated and
treated in the central tank farm. Because of economic
reasons the associated gas was vented into the
atmosphere.

In Nagylengyel field initially radial gathering
system with tank stations was built, but in the 2"
phase, due to economic reasons, a gathering header
system was developed. Oil is treated in the central
gathering station. The associated gas is reinjected
and circulated to other blocks. On the gathering side
also, significant advancement occurred. The
associated gas with high CO, content was gathered,
compressed and reinjected into a subsequent block
of the reservoir. In case of compressor failure the
low pressure associated gas was incinerated to
convert the toxic H,S content into less dangerous
SO, During the blow-down phase in Nagylengyel
reservoir an interesting method was used.

Between the block designated to blow-down and
the subsequent block designated to gas injection, a
gravitational stream (without any artificial pressure
increase) is usable due to the special behavior of CO,

Certainly this gravitational stream can only take
place in such a strongly fractured reservoir like
Nagylengyel, in which there is, practically, no bottom-
hole pressure drop/increase either in the blowing
down or in the injection wells. In the Nagylengyel
field, the dynamic flowing well head pressure can be
higher than the static one in case of high CO, content
gas mixture. If the surface system, especially the
buried pipe system assures some temperature loss
between the gas production and the gas injection well,
the well head pressure on the injection well head is
sufficient to inject the desired gas stream.

As for the emergency blow-down system, a
further special phenomena was observed: the
emergency blow-down system which consists of

pressure vessels and pressure piping containing
natural gas with high CO, content in the different
sections of the system, COZ_waterllydrate, CO, liquid
ice water and solid CO, can be formed due to the
very low temperature during blow-down.

To prevent the consequences of this very
dangerous situation, in case of a quick emergency,
blow-down the initial method was to design a multi-
step heating-expansion system. If it is desired to blow-
down significant gas stream quickly, then huge heat
exchangers and huge sources of heat were required
for a short working time.

Based on our experience, if the route of the gas
to be blown down is designed without sacks or sharp
corners, all the multi-phased stream can be blow-
down and solid particles can be swept without
plugging the system. No separator, slug catcher etc.
are built in. In case of sophisticated elaboration of
the blow-down system, the high capacity of heat
exchangers and heat supply system can be spared.
Special steels are used to work in the low temperature
environment,

CORROSION

Corrosion mitigation was a key issue throughout
the recovery. The following measures were taken to
reduce and solve the problem of corrosion:

- corrosion monitoring {coupons, wall thickness

measurements, water analysis)

- failure analysis

- inhibition

- proper gas treatment (eliminate free water)

- reduce flow stream velocity (pipe diameter)

- select corrosion resistant materials in critical

technologies (e.g. glycerol gas treatment)

- select proper materials for downhole

equipment

- planned replacement of components of the

technology, based on expected life and
measurements, or visual checking

- plastic inner coating (e.g.: tanks).

Continuous corrosion monitoring is very important
from the point of view of safety and smooth
operations.

ENVIRONMENT PROTECTION

At the beginning of the seventies, the environment
policy was not as strict as it is nowadays. Since then,
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the protection of the environment has become a very
sensitive subject. Both the associated and the cap
gas have to be gathered and reinjected. Emergency
blow-down into the air can be radically reduced by
dividing the system into smaller volume sections by
ESD devices which simultaneously and automatically
close the gas source.

The development of process engineering,
instrumentation and automation gives a lot of
possibilities into the hand of the engineers to reduce
or eliminate the emission of hazardous gases into the
environment. The cost of these investments has to
be taken into consideration during the economic
evaluation of future projects.

CONCLUSION

CO, gas flooding is an effective process to
increase oil recovery in sandstone and karst type
limestone reservoirs. Analysis of downhole and
surface conditions and requirements are essential to
design downhole completions and surface facilities
suitable for CO, injection and production. Continuous
improvement is required based on operational
experiences.
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Abstract: Natural or induced fractures play a
crucial role in many petroleum reservoirs. Even
though only a small percentage of today’s
reservoir models explicitly describe the fractiures
or the fracture networks, one may claim that
practically most petroleum reservoirs are

* Now with SMT Alps
*## HOT Engineering GmbH

Sfractured. Due to their complexity, but also due
to their commercial significance, naturally
fractured reservoirs have been the subject to
extensive studies during the past decades.

This paper will try to assess the current
situation and methodology for modeling fractured
reservoirs. Its main focus will be on recent
developments in static and dynamic flow modeling
of fractured reservoirs. Especially the latest
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evolution in static modeling software capabilities
significantly affected past, historical workflows
and initiated new developments in the reservoir
simulation area.

Starting from the historical evolution of dual
continman reservoir simulation models, a review
is given on various simulation approaches for
fractured hydrocarbon reservoirs. Several
methods will be discussed, starting from
conventional formulations to the traditional dual
porosity model, to discrete fracture network
models. All formulations have their own
advantages, but have deficiencies in describing
some other specifics of fractured reservoirs.

Recently, the petrolewm industry tries to
integrate information from all possible sources
to generate fracture network models and dual
continuum simulation models. Most recently, the
integration of seismic data into dynamic

simulation models has received a great deal of

attention. Also, latest developinents in the gridding
technology raised hopes to be able to cope with
Sull permeability tensors in the near future.

In many naturally fractured reservoirs, the
fractures are found in limited zones, so called
“sweet spots” only. Consequently, not all parts
of the reservoir models will typically require
explicit fracture treatment with dual continuum
models.

One of the methods presented in this paper
allows automatic generation of dual continuwm
grid blocks wherever the attributes of the
geological model suggests to do so. This approach
is called adaptive dual continuum model and it
results in simulation models that contain grids that
resemble the real geological situation very closely.

INTRODUCTION

Many petroleum reservoirs are {ractured or at
least partially fractured. Hence, one of the first
questions to be raised is whether or not existing
fractures are important for the reservoir behavior
under producing conditions. In other words, what is
the contribution of the flow in fractures to the overall
fluid flow?

Posing this question to a petrophysicist, to a
geologist or to an engineer, one can expect different
views and answers. As far as the reservoir engineer
is concerned, only fractures and fracture networks
that affect fluid transportation to and from the wells

are of significance. Only when there are fractures
with sufficient length of penetration through the
reservoir rock, fractures that are interconnected and
with sufficient density or spacing, their effects can
be observed and measured under dynamic flow
conditions.

To assess fracture contributions accurately, a wide
range of geological, petrophysical and engineering
methods are applied. These methods apply to a large
variety of different scales.

The paper will give a brief introduction to multi-
continua approaches for madeling fluid flow in porous
media. Then, a brief discussion of modeling
approaches for naturally fractured reservoirs in static
models is given, followed by an overview of available
simulation and modeling approaches for fluid flow
simulation. This will lead to the definition of a new
and flexible method, referred to as the adaptive dual
continuum method.

The adaptive dual continuum method can be
applied to a large variety of cases. As will be shown
in the paper, the approach is especially advantageous
if the reservoir appears to be partially fractured, i.e.
not all areas and regions of the reservoir (different
lithologies, facies, aquifer region, erc.) contain active
fracture networks.

THE MULTI-CONTINUA APPROACH

In the context of this paper, the void space in a
fractured porous media is composed of two parts:
(1) a network of fractures and (2) blocks of porous
medium (called matrix). In principle, the mathematical
model that describes the fluid flow through this void
space of the porous medium can be stated for every
point in the domain. This model would represent a
description at the microscopic level, which we cannot
solve-directly, due to missing information at this
detailed level. Therefore, a complete description of
the fluid transport problem at the microscopic level
is not possible.

We have to transform the problem from the
microscopic level to a macroscopic level at which
the problem is formulated in terms of averages. The
average values are measurable quantities. This is
referred to as the continuum approach.

In the continuum approach, the physical domain
is replaced by a model in which each component (or
phase) acts as a continuum that fills up the entire
domain. For every point, average values of
component and phase properties are taken over an
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elementary volume. Those averages represent the
macroscopic values of the considered variables. By
moving the elementary volume throughout the entire
porous medium domain, we obtain averaged values
for all variables that are differentiable functions of
time and space.

In the case of porous matrix and fractures, it is
possible to classify the various problems related to
the scale P!

Zone 1: The very near field. Interest is focused
on fluid flow and contaminant transport within a single,
well-defined fracture.

Zone 2: The near field. Flow is considered in a
small domain, which contains a small number of
fractures. The location and shape of the individual
fractures must be known. However, the definition of
the fractures may be statistical.

Zone 3: The far field. Here transport may be
visualized as taking place simultaneously, in two
overlapping continua. One composed of the fluid
within the network of fractures, and the other
involving the fluid within the porous blocks. Mass
may be exchanged between the two continua.

Zone 4: The very far field. The fluid in the entire
fractured porous medium may be regarded as a single
continuum.

Local problems such as transport near sources
and sinks or a single fracture intersecting a well are
represented as a problem of the very near field (Zone
1). A reservoir simulation model could use a single
continuum method with very fine grids to explicitly
model the fracture. Note that a very detailed
knowledge about the fracture is required (length,
aperture, orientation). No specialized reservoir
simulation models exist to simulate this very near field
of naturally fractured reservoirs. Of course, very fine
gridded models may be used to accomplish this level
of detail.

If the domain of interest is larger (but insufficient
for the application of the continuum method), we can
construct a near field model (Zone 2) that requires
information on every individual fracture. In most
cases, information on the fractures is only available
in the form of statistics (aperture, length, orientation,
spacing, efc.) and we can construct different
realizations of the domain and study their behavior.
In the simulation context, the discrete fracture
network (DFN) models ® "% consider this approach.
The method is based on explicit modeling of fractures
that are represented as planes or disks. It requires
very detailed descriptions of the network and uses
single-phase models to simulate the behavior under

fluid flow. However, these statistically based models
are not practical when considering fluid flow over
large domains and fracture networks, as the inclusion
of the total number of fractures in field-scale
demands large amounts of input data and computer
storage. In addition, the flow simulation on those
models is generally performed under single-phase
conditions and those models also lack comprehensive
description of matrix-fracture fluid transfer. Large,
field-scale domains are usually better handled by the
far and very far field models described below.

For larger scale problems, the dual continua
approach for the far field (Zone 3) may be used.
The original concept as proposed by Barenblatt and
Zheltov¥"! and Barenblatt er a/* is also known as the
dual porosity model. In this conceptual model two
co-located, but interacting, media represent the porous
and fractured medium:

(I) The fractured network and

(IT) The porous matrix.

Each is represented by a grid system covering
the entire domain. Interaction between the two
systems is accomplished by a transfer term that
defines the fluid transport between fracture and
matrix rock. This type of approach is commonly
applied for the simulation of multi-phase fluid flow in
naturally fractured reservoirs (Fig. 1).

The interconnected fracture network is
represented by a grid system that is co-located with
another grid system that represents the intergranular
pore space (matrix). Usually, the matrix provides the
majority of pore space and storage capacity, but only
very limited conductivity. In the idealized dual porosity
models, the matrix blocks are treated as sources (or
sinks) to the fractures. The network of fractures
represented by the fracture grid system provides the
major fluid flow conduit and limited storage capacity.

If very large distances (and travel times) are
involved, we can use the very far field model (Zone
4) in which we regard the entire domain as a single

Classic Warren and
Root fracture
System model

Geological model of
matrix and fractures

Fig. 1. Idealized grid block representation of naturally fractured
rock by a dual porosity madel (from Warren and Root, 1963)§
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continuum. This kind of model is applicable in cases
where the system allows sufficient interaction
between the fluids in the fractures and in the matrix
such that there exists a local equilibrium at every
point.

CLASSIFICATION OF NATURALLY
FRACTURED RESERVOIRS

For the purpose of reservoir simulation, the
classification of naturally fractured reservoirs after
Nelson """ or modifications of it""*! are used most
commonly.

This classification defines the following types of
fractured reservoirs:

Type 1: Fractures provide the essential porosity
and permeability (Fig. 2)

Type 2: Fractures provide the essential
permeability (Fig. 3)

Type 3: Fractures provide permeability assistance
to an already producing reservoir (Fig. 3)

In the first case of fractured reservoirs (Type 1),
all producible hydrocarbon fluid volumes reside within
the fractures. Therefore, this type of fractured
reservoirs requires the accurate calculation of
fracture porosity, fracture width and fracture spacing.
The estimation of these properties will predict
whether initial flow rates can be maintained or will
drop rapidly within short time after production starts.
For this reservoir type, the definition of the fracture
network is the decisive factor, whereas the definition
of the rock matrix plays a minor role and the

Fig. 3. Idealized representation of type 2 (left) and type 3
(right) reservoirs.

application of a dual porosity approach must be
questioned.

For fractured reservoirs of Types 2 and 3, where
the main storage volume resides within the matrix
rock volume, early knowledge of matrix-fracture
interaction is extremely important. It will determine
how efficiently the matrix can be drained by the
fracture system. The accurate determination of the
fracture porosity will be of less significance in those
cases. Usually, a conventional modeling approach will
fail for these types of fractured reservoirs, because
it is impossible to generate average properties that
represent the combined effects of fracture and matrix
fluid flow. In most cases, those reservoirs will require
explicit modeling of the two continua, matrix and
fractures, with distinct property sets.

For all fractured reservoir types, the
investigation of fracture orientation will be
important in order to capture preferred flow
directions. Fracturing may be caused from many
possible reasons, but in the end will always
represent the stress field of the reservoir and some
rock failure associated to this stress.

SPATIAL DISTRIBUTION OF FRACTURES

Since, in most environments, the rock properties
vary with location, we should expect the fracturing
to do the same. Therefore, the majority of naturally
fractured reservoirs will show areas with high
fracture intensity just as there will exist areas that
indicate no fracturing at all.

It is very likely that the static reservoir model
(geological model) can account for the spatial
distribution of the fractures and can identify areas
with high and low fracture density. Most software
packages in this context can relate fracturing to
structural elements, lithology or facies types due to
the amount and type of data input.

Unfortunately, most dynamic models (simulation
models) do not account for the spatial distribution of
fractures explicitly. Instead, the dual porosity mode
in practically all reservoir simulators operates like a
general switch that can be turned on or off. The main
problem is that the implementation of dual porosity
(or dual permeability) models into reservoir simulators
was not appropriately done as true function of
location, but as general switch acting globally on the
simulation model. This is in conflict with the fracture
intensity that most likely appears to be a function of
location.
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SIMULATION APPROACHES FOR
FRACTURED RESERVOIRS

The section will discuss various approaches for
the simulation of fluid flow in naturally fractured
reservoirs. All methods have their advantages, but
have deficiencies in some other specific areas of
describing the physics of fluid flow in fractured
TEServoirs.

The last method presented in this paper allows
automatic generation of dual continuum grid blocks
wherever the attributes of the geological model
suggest doing so. This approach is called adaptive
dual continuum model and it results in simulation
models that contain grids that resemble the real
geological situation very closely.

DISCRETE FRACTURE NETWORK (DFN)
MODELS

Discrete fracture network (DFN) models were
developed to describe primarily the fracture
networks. They are among the models developed
most recently. Their focus is on fracture properties
and not so much on the description of the rocks’
matrix properties. Discrete fracture networks model
the fractures as discrete features represented by
planes or disks as shown in Figure 4. Contrary to
other methods described in this paper, the DFN models
require accurate descriptions of the fracture set and
its properties. This makes them not very attractive
for full field simulation.

50005100
081047364003

~2 TT6 1T +000

Fig. 4. Discrete fracture network model"?

The DFN method can be considered a method of
the near field or Zone 2. See the discussion on near
field models (or Zone 2 models) above. In addition,
these models typically perform single-phase
calculations and are instructive to obtain fracture
properties'®!'" One field of application of these DFN
models is the pre-processing or upscaling of fracture
information for dual continuum simulation®!,

However, DFN models are very powerful for
visualizing the fracture networks. Generally, the DFN
approach could be the preferred method for the
simulation of fractured reservoirs that are classified
as Type | according to Nelson??, whereas their
application is limited for reservoirs of Types 2 and 3.

The remainder of this paper describes another
group of models that includes the traditional reservoir
simulation approaches, where the reservoir is
discretized into one rock continuum (single porosity)
or two continua (dual porosity/dual permeability
models) as first described by Barenblatt, Zheltov and
Kochinall.

SINGLE POROSITY MODELS

Of course, the ‘conventional® single continuum
simulation approach can be used for modeling
fractured reservoirs under certain circumstances.

For example, single porosity methods are
frequently used to generate fine grid models in order
to investigate matrix-fracture communication on small
scale. These high-resolution models are useful for
developing generalized matrix-fracture transfer
functions that can later on be applied to the field-
scale reservoir model. In general, however, they
cannot be used for the simulation of the entire
reservoir.

One exception may be the fractured reservoirs
of Type 1 following the classification by R. Nelson?,
where the fractures provide the main porosity and
permeability for the reservoir (i.e. they provide the
storage volume and the flow paths). In those cases,
the single porosity approach may be sufficient to
capture the flow behavior of the fracture network.

However, it may be difficult to capture the
preferred flow directions, especially when the
permeability field (tensor) changes with location and
whenk . andk__cannotbe aligned with the principal
co-ordinate directions.

The kPEBI grid proposed by Heinemann er al.#"l
may be more flexible and powerful to capture those
preferential flow directions. However, there are some
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limitations with respect to the properties of the
permeability tensor that must be considered when
constructing a kPEBI grid in the 2D domain (Fig. 5).

An alternative modeling approach that uses a
single porosity model is discussed by Saidil'®'" In
his model, the entire reservoir domain is divided into
sectors. Those sectors represent also fractures with
infinite transmissibility. The sectors are connected
with each other. Each sector may contain several
rock types that are represented by cylindrical matrix
blocks. The fracture pressure and the fluid phase
contacts provide the boundary conditions. This model
can be considered a special case of the sub domain
method of dual porosity models, but does not rely on
the concept of shape factors. Saidi claims that this
method allows proper handling of block-to-block
interaction and re-imbibition processes.

=5 |
aee

o~

Fig. 5. kPEBI grid for single porosity modeling of fractured
FEServoirs!

DUAL POROSITY/DUAL PERMEABILITY
MODELS

This class of simulation models describes the dual
media models that have been introduced by
Barenblatt and Zheltov® in 1960 and by Warren and
Root1,

In the original publication, the calculation of matrix
block pressures assumed no flow between matrix
blocks by neglecting matrix permeability. The matrix
permeability was only considered in the fluid flow
calculation between matrix and fractures. This model
is usually named a dual porosity model. It contains a
continuous primary medium, the fracture grid system
that provides the main flow paths with high

permeabilities, but typically low storage volume. The
second medium is the matrix rock that is considered
non-continuous and acts as a source term for the
adjacent fractures. Figure 6 shows an idealized
representation of the connections of two grid systems.
Only for conceptual purposes, the two grid systems
are shown at different locations. In fact, they are
co-located.

In other words, the fractures are the boundaries
of the matrix blocks. The fracture grid system is truly
continuous (indicated by the black arrows between
neighboring fracture grid blocks). The matrix grid
system in a dual porosity approach has only
connections into the fracture system (indicated by
the red arrows). Therefore, the matrix grid system
is considered discontinuous. Hence, the number of
neighbors of the matrix grid block is always one,
which is the fracture grid block that surrounds the
matrix block. The total number of neighbors for the
fracture grid block in a dual porosity model is equal
to the total number of fracture neighbors defined by
the geometry plus one block, which represents the
matrix grid block that is in communication with the
fracture grid block (Fig. 6).

Furthermore, the rock matrix in each grid block is
idealized as a system of regularly shaped blocks
(sugar cubes, see Fig. 1) that are not discretized
individually. Instead, all matrix blocks in a grid block
are represented by a single grid node, which holds
some average value for the variables (pressure,
saturations, etc.) of all matrix blocks.

The connection between matrix and fracture
continuum that is indicated by the red arrows in Figure
6 is defined by a matrix-fracture transfer term that is
discussed below. This transfer function is decisive
for the performance of the dual porosity model. Its
proper definition is vital to the success of any
fractured reservoir simulation study using this type
of approach. In particular the recovery processes
imbibition, gravity drainage and capillary effects of
the matrix blocks have received much attention. The
dual porosity concept was extended to multi-phase
flow#?! and later refined to be capable of handling
different recovery processes occurring in fractured
reservoirs!™?!
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Fig. 6. Grid block connections in a dual porosity model.
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When the discontinuous matrix grid system of the
dual porosity model is transferred into a continuous
grid system by adding the matrix-to-matrix
connections, the model is referred to as dual
permeability system (Fig. 7). In this case, two co-
located media exist and both are continuous. The
matrix blocks are no longer isolated, and contribute
to the overall fluid flow.

The matrix-to-matrix grid block connections
introduce capillary continuity through connected
matrix blocks. This may have a significant impact on
the recovery for a stack of matrix blocks. It appears
that the dual permeability model captures this natural
behavior better than the dual porosity model,

However, the dual permeability model comes with
additional cost in terms of computation efforts. In a
dual porosity model it is possible to pre-eliminate all
matrix unknowns from the equation system, thus
reducing the size of the Jacobian matrix equal to the
size resulting from a model in a conventional single
porosity formulation. This pre-elimination step is not
possible for dual permeability models, resulting in
equation systems that are twice as large in size
compared to the size of the linear equation system
resulting from an equivalent dual porosity model,

BALANCE EQUATIONS IN DUAL
POROSITY AND DUAL PERMEABILITY
MODELS

The fluid flow equations discussed in the following
are based on a general purpose, compositional
formulation, and can be applied to flow processes
ranging from single-phase to three phases black-oil
cases, or compositional cases using a cubic equation
of state with n components.

The formulation of the mass balance equations
follows the classical dual porosity/dual permeability
approaches with a matrix-fracture transfer term ¢y
that is dependent on ¢ , referred to as the shape
factor.

First, let us look at a grid block in a conventional
(single porosity) model. Then, the molar balance

» Matrix
(Continuous)

—* Fracture

Fig. 7. Grid block connections in a dual perimeability model.

equation for a component ¢ in a grid block i is given
by Eq. 1.
ir{i (r:-"zr'op )Tl(q’r-‘ - (pf- )M:I‘% i_l‘{'”‘pr"ﬂ' )m = %A'[ﬂi (S:- Dy, )} ( 1)

e pel el

Where
N is the number of neighbors
is the inter-block transmissibility between i
and j
X, is the mole fraction of component ¢ in phase
P
is the phase mobility
is the specific phase mole density
is the phase potential

q, is the phase production or injection rate
V. is the block volume of grid block i

At is the time step length

¢ is the porosity

S, is the phase saturation

This equation is valid as long as the grid is
orthogonal, i.e. the line connecting grid blocks { and j
is perpendicular to the communicating surfaces
between those two grid blocks.

One equation of this type is defined for each
component in the reservoir fluid model. Together with
other constraints, functions and equations these molar
balance equations will yield the linear equation
system. The linear equation system is then solved
with IMPES, fully implicit or adaptive implicit mode.

In the simulation of fractured reservoirs by dual
continuum models (dual porosity or dual permeability)
one assumes the existence of two co-located continua,
namely matrix and fractures. Eq. 2 defines the molar
balance equation for a component ¢ in a fracture
block.

SelShoan e, -0,) [+ S0 e :%;A,[ﬁg(&ﬂm }] )
It is worth noting that the sum over the neighbors
for the flow term is only over all neighbors in the
fracture-grid system. The neighborhood connection
to the second continuum (the matrix neighbor) is
treated in a special transfer term q"* * defined
below.
Similarly, for a component ¢ in a matrix block, the
balance equation is given by
S |Sk40) 0, -0,)" +il(ff,ﬂ,',\)mfrr.";ﬁ=%A.[¢E(S,D,rp )] 3)

ol

The only difference between Egs. 2 and 3 when
compared to the molar balance equation of a single
porosity block (Eq. 1) is the additional matrix-fracture
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transfertermq” * ! . The matrix-fracture transfer term
is (by convention) added to the fracture system (Eq. 2)
and subtracted from the matrix system (Eq. 3).

The formulae above are valid, if both grid systems
are continuous. This is the case for a dual permeability
model, but not in the case of the dual porosity model.
In the dual porosity model the matrix blocks act as
source terms to the fracture system, but have no
matrix-matrix connections (compare Fig. 6).

In a dual porosity model, the matrix grid block
has no neighbors in the matrix grid system (it is a
discontinuous system) and hence the entire flow term
within the matrix grid can be disregarded.

If this is the case, then the equation for the matrix
blocks (Eq. 3) simplifies (assuming that no well is
perforated in the non-continuous matrix grid system) to

it =tz lof )] “

because and . Eq. 4 shows why it is possible to
eliminate all matrix unknowns from the equation
system in a dual porosity system, thus reducing the
size of the Jacobian matrix basically to the size of a
conventional single porosity model. Of course, this is
not possible for dual permeability models, which result
in fully coupled and large sized coefficient matrices.
Additional CPU time is required to solve those linear
systems that stem from dual permeability simulation
models when compared to their dual porosity
equivalents.

The matrix fracture transfer term is based on the
formulation proposed by Kazemif?, following Darcys
law. Thus, the total matrix-fracture transfer term
(including the molecular diffusion rate) for a
component ¢ is given by

0 =n Sl d, D, -0, ) v (5)

Here, the matrix-fracture transmissibility is
defined to be

r, =Vke (6)

where it is not very obvious what the value for
the permeability in this equation should be.

Many attempts have been made in the past to
define the shape factor, the classical formula still being

ot} G

where C is a constant and varies widely (see for
example Table 1 in Boubiaux ef al.®'), but typically
1s between 4 and 12 and I‘, !y and 1 are the matrix
block dimensions.

Usually, the shape factor is multiplied by

A=
|

permeability and volume of the matrix grid block to
yield the matrix-fracture transmissibility (Eg. 6).
This approach fails, however, when the
permeability in the three co-ordinate directions is
different. For this reason, we suggest the inclusion
of the permeability, &, into the shape factor and use

[L;;] (8)

ifl., 1 and 1_are the matrix block dimentions.

Usmg Eq. 8 allows the application of Eq. 9 to
calculate the matrix-fracture transmissibility. Then,
the matrix-fracture transmissibility must be calculated
from

r;=Ve (9)

which can be considered superior to Eq. 6.
Experience shows that during history matching the
transmissibility defined in Eqs. 6 or 9 needs to be
modified. Hence, the following equation is used:

1, =FVe (10)

Where F'is a history matching parameter.

Nomenclature

=  Phase molar density

Permeability

Matrix element dimensions

Phase saturation

Block volume

Molar fraction of component ¢ in phase p
Inter-block transmissibility between block
iandj

=  Phase mobility

Phase potential

Time step length

Porosity

=  Shape factor
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ADAPTIVE DUAL CONTINUUM METHOD

Not all parts of a fractured reservoir will typically
require dual porosity/dual permeability treatment. Let
us assume that the spatial distribution of the fractures
is given by Figure 8. The different colors indicate
different fracture intensity. Blue indicates no
fracturing, green intermediate fracture intensity and
red indicates high fracture intensity.

The adaptive dual continuum method takes this
aspect into consideration®!. It allows creating dual
porosity/dual permeability cells adapted to user-
defined conditions, grid block properties are based
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Fig. 8. Spatial distribution of fractures indicated by fracture
intensity.

on geological attributes (facies, rock type, fracture
intensity, etc.). Dual continuum cells are created only
at locations, where those conditions are fulfilled,
elsewhere — the unfractured part of the reservoir
model — the grid blocks remain conventional single
porosity cells. Hence the name adaptive dual
continuum method.

Symbolically, the matrix grid blocks are shown in
the center, surrounded by the fracture grid blocks.
Note, that in fact, both grid systems (matrix and
fracture system) are co-located, i.e. at the same
location. (Fig. 9).

The standard dual continuum method (dual
porosity/dual permeability models) generates dual
continuum cells in the entire domain, as shown in left
hand side of Figure 9. This means that dual porosity
cells are created, even if there should be no fractures
in a large portion of the reservoir volume. At times,
this will create an excessive amount of additional grid
blocks that should not exist in the simulation model.
Those grid cells will waste resources of CPU time
and computer storage. They may also lead to
erroneous simulation results or stability problems
during the solution process.

The simulator SURE™"*! using the adaptive dual
continuum method, is able to generate dual porosity
blocks where the fracture intensity is larger than a
given threshold value and will convert the single
porosity grid block accordingly into a matrix-fracture
grid block pair. This is shown at the right hand side in
Figure 9.

The dual continuum blocks are generated
automatically, if the fracture indicator is available in
the simulation model. After this gridding step has been
completed, the model contains matrix-fracture grid
block pairs only, where the geological model indicates
fracturing.

Fig. 9. Modeling naturally fractured reservoirs by standard dual
continuum (left) and adaptive dual continuum method (right).

Any block in the simulation model can be set to
dual porosity/permeability mode automatically or
interactively, if necessary. There are no limitations
with regards to any of the other modeling capabilities
(like fault modeling or local grid refinement) as a result
of those gridding steps. All properties are stored on a
cell-by-cell basis and can be modified, correlated or
assigned interactively. The shape factors are typically
loaded directly from the 3D geological model and
assigned to each individual matrix block. However,
if requested, it is also possible to correlate shape
factors based on matrixblock dimensions 1 1 andl.
Those matrixblock dimensions can be loaded and
assigned from maps or geological models and are
stored also on block-by-block basis.

The advantages of the adaptive dual continuum
method are the following:

e The simulation grid can resemble the geological
situation more closely.

e The user flexibility and modeling capabilities are
maximized through the advanced gridding processing.

e All fracture properties are stored on a cell-by-
cell basis (including the matrix-fracture exchange
parameter, “shape-factor”).
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e The CPU-time and memory requirements for
the simulation run are minimized.

Application of Adaptive Dual Continuum
Method

The methodology described above has been
applied successfully to simulation models running in
two-phase gas-water mode, three-phase black-oil
mode and ® API models.

Figures 10 and 11 shows a typical application of
the adaptive dual continuum method. Figure 10
displays one of the layers including faults and some
local grid refinements located at the center of the
model. Figure 11 displays a cross section through the
model and the different fracturing in the various layers
can be observed easily. Layers 2 and 3 are vertically
refined in some parts and also the local grid
refinement can be seen.

The example shown is the adaptive dual porosity
model of a faulted and fractured undersaturated oil
reservoir. Note that the fracturing varies with facies
and rock types, therefore, a large number of blocks
in the model are not fractured and modeled as single
porosity blocks.

The fractured areas of the model are using the
dual porosity formulation. The total model contains
18368 grid blocks in seven layers, from which 5978
are single porosity blocks, 6195 blocks are fracture,
and 6195 are matrix blocks.

Unlike the application shown above, the following
example shows how to model a reservoir, where the
fracturing is associated with faulting. Figure 12 shows
a model with slanted faults, where the fractures are
only modeled if the grid blocks are close to a fault.
The grid construction follows the PEBI grid
construction principles and is fully automated.
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Fig. 1 1. Cross section through adaptive dual continuum reservoir
model.
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210

alF
%
/

SUMMARY

This paper discusses the current situation and
methodology for medeling and fluid flow simulation
of naturally fractured reservoirs. Starting from the
multi-continua approach different methods for
different scales of models are discussed.

Natural fractures are not distributed evenly
throughout the reservoir domain. Static models are
very well suited to capture those spatial distributions.

Among the simulation models, the application of
discrete fracture networks is discussed first. The
strength of DFN models lies in the description of the
connected fracture networks. Unfortunately, those
models require very accurate descriptions of the
fracture set and its properties. This makes them not
very attractive for full field simulation. However,
DFN models are very powerful for visualizing the
fracture networks. One field of application of these
DFN models is the pre-processing or upscaling of
fracture information for dual continuum simulation,
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Secondly, the application of single porosity and
dual continuum methods is discussed. Single porosity
models can be applied to fractured reservoirs under
certain circumstances. A new gridding method,
referred to as kPEBI grid, may also improve the
potential application of single porosity models to
special types of fractured reservoirs.

Dual porosity and dual permeability models are
commonly applied to simulate the fluid flow in naturally
fractured reservoirs. The differences between the
dual porosity and the dual permeability models are
discussed and the balance equations outlined.

In many naturally fractured reservoirs, the
fractures are found in limited zones, so called “sweet
spots” only. Consequently not all parts of the reservoir
models will typically require explicit fracture
treatment with dual continuum models. The last
method presented in this paper allows automatic
generation of dual continuum grid blocks wherever
the attributes of the geological model suggest doing
so. This approach is referred to as adaptive dual
continuum model. The adaptive dual continuum
method results in simulation models that contain grids
that resemble the real geological situation very closely.
Just like the static fracture characterization methods,
the adaptive dual continuum method generates
simulation models that represent the spatial
distribution of fractures.

The adaptive dual continuum method was
implemented in the reservoir simulator SURE.
Experience shows that performance and flexibility
of this approach are clearly superior to all other
methods discussed in the literature. The method is
especially powerful when the simulation model is
based on a 3D geological model for fracture
characterization.
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New Parallelized Adaptive Implicit Methods for Large Compositional Reservoir
Simulations
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Abstract: Simulation of large compositional
reservoir models in an acceptable CPU time still
remains a key issue for any reservoir simulation
software. Parallel computing is thus required to
speed up the simulations and robust numerical
solutions need to be implemented to insure

accurate results especially for simulations of

complex compositional physics. In that context,
classical fully implicit schemes are often not
practical or, even unusable, due to memory and
CPU restrictions. We propose new time

*Institut Frangais du Pétrole, France.

discretization methods which mix the accuracy
and stability of the fully implicit methods and
CPU performances and low memory
consumption of the explicit ones. Within these
approaches, a fully implicit scheme is applied
in parts of the reservoir with highest physical
property variations, and an explicit method is
used in the other ones. Explicit schemes are
delimited by a stability CFL condition. Explicit
cells with large variations on the unknown are
switched dynamically to implicit ones to improve
global simulation CPU performances. These
status computations are based on either
threshold or spectral criteria. Implicit grid
blocks may also be discretized using fully
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implicit or quasi-implicit schemes depending on
the fluid composition variations.

These different schemes have been parallelized
and integrated in a multi-purpose industrial
reservoir simulator. The CFL criteria are discussed
and tested on academic reference cases and then,
comparisons of the available methods are
presented for large compositional real case studies
run on different parallel hardware platforms.

INTRODUCTION

High performance computing has always been
used in the petroleum industry for the simulation at
fine scale of large full field reservoirs. With the
emergence of low-price multiprocessor hardware
platforms, such as PC clusters or clusters of
symmetric multiprocessing (SMP) architectures,
commercial simulator software have been adapted
to always give the best performance. Given these
increased capacities, the reservoir engineers now
require a more detailed characterization of the
reservoir structure resulting in mega-cell discretized
reservoir models. Moreover, gas condensate or
volatile-oil reservoir modeling requires a large number
of hydrocarbon components to insure better
description of oil and gas compositions.

Due to these requirements, the traditional fully
implicit models are not adapted to treat these problems
within acceptable computing time and/or memory
requirements. On the other hand, simulations of
complex compositional recovery processes in a
heterogeneous or largely faulted reservoir is not viable
with IMPES conventional approaches!" due to the
low level of implicitness used and due to the well-
known stability criterion which requires reducing the
time step length to impractical values. Improved
formulations with reduced time and memory
requirements have to be defined to solve these large
problems.

In this paper, some hybrid formulations of the
equations addressed in reservoir simulation are exposed
and discussed. All these formulations define regions
where more robust and, thus, more expensive schemes
are needed and others where simpler schemes are
sufficient. Criteria are defined to automatically switch
status of the reservoir cells from one regicn to another.
Ditferent criteria have been tested and their advantages
and drawbacks are discussed.

Moreover, all these formulations have been
optimized through a parallel algorithm to achieve good

performances for large compositional reservoir
models run on multiprocessor hardware.

Some applications of these techniques are
displayed on a large compositional model with more
than one million active cells and a 9-component oil
representation.

MODEL DESCRIPTION
General Considerations

The main equations to be solved in reservoir
simulation are mass conservation equations for each
component.

Mass conservation for the water component,

2 _
g (pu=Su‘¢)+ dfv(p"_v" ) = .fu ( l)

Mass conservation for a hydrocarbon component i,

%(p“S“Xl.gﬁ-i- 2,8, Y@)+didp, Xy, +p.Yv.)=1 (2)

In reservoir simulation, these equations are solved
using a Newton method and the transport term may
be written using either an explicit® or implicit?!
formulation. The implicit formulation is
unconditionally stable and allows large time steps. It
is commonly used in reservoir simulations, however,
for large compositional cases it is limited both in terms
of memory and CPU time. The explicit formulation
has a CFL condition, which limits the time step
extension. However, this method is cheaper in terms
of memory and Newton resolution time.

Adaptive Implicit Method (AIM)

Worl has already been carried out to adequately
mix these two formulations®>71% The main idea is
to have an unconditionally stable formulation for cells
with the greatest variations on variables (typically
near the wells or near a saturation front where the
CFL condition is most critical) and to use an explicit
and cheaper formulation for the cells where the CFL
condition is less constraining. This method is called
Adaptive Implicit or AIM and should take advantage
of the two above methods with large time steps and
small memory and CPU costs. The main difficulty is
to adequately define a way to switch cells from an
explicit status to an implicit one.

In our work, two different criteria have been
tested. The first one is based on an approach already
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presented by Russell'"], which uses a CFL condition
on the pressure only, and threshold criterion on both
the saturation and composition variations.

The second criterion is based on a more complex
approach and intends to define the CFL condition for
both pressure and saturation variations. Some
approaches have also been proposed in other papers!”!
which take into account the composition variations.
But, in our study, we have found that the calculations
of this more general CFL to be quite expensive and
we have chosen a practical approach mixing quick
CFL calculations and threshold conditions.

Moreover, the CFL calculations proposed for
compositional model™?!, in general, do not take into
account the capillary pressure effects and the EQS
equilibrium between the different phases. So in this
paper, we only focus on the transport phenomenon
and a CFL criterion is built for transport between
independent phases. The capillary effects are not
taken into account by the criterion and both the phase
apparition and composition variations due to EQS
equilibrium are treated by saturation and composition
thresholds.

Using these assumptions, the mass conservation
equations may be simplified. The resulting equations
for a non-perforated reservoir cell can be written as
follows:

d

5(/0..,3 @)+ div(p,v,)=0 3)
%(p,,S(,¢)+ div(pov” ) =0 )
d _ '
g(pgsng))ﬂw div(p,v, )=0 5)
where,

S,-8,-S8,-1=0 (6)

Using Darcy’s law, the phase velocity is related
to the pressure gradient,

v, = —&V(P_pwgz e R'"') (7)

Y H,
a first order system, a new variable q is defined
by the following equation,

VP-g=0 @)

Here, it should be noted that this system of
equations ((3) to (8)) only gives some information on
the approximate local CFL, and the mass conservation
equations are otherwise solved using a Newton’s
method. So, the CFL calculations aim at addressing
the cell status based on a flux criterion.

For simplicity sake, the problem is first written in
1D. For each reservoir cell, fluxes between
neighboring cells are computed separately and a CFL
is defined for each cell. The gradient term in the above
equations may then be computed in a given direction
(hereafter called x), and the system of equations
gives,

oP
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where, M = pKr/ uis the phase mobility.

The system is written using a quasi-linear first
order form.

A(P,q,S,X)R, + B(P,q,5,X)R, - C(P,q.5,x)=0 (14)

R is the unknown vector (P, q, Sw ,S0 ,Sg). The
parameters constituting the matrices A and B are
arranged as follows:

1 0 0 0 0
0 0 1 1 1
X -TM, -Tq oM, _Ty oM, 1y oM
4= o o
'd 2] o M o
X -TM™, -Tg 2., -7y 25, ~Tg aSg
. oM, aM oM,
X -TM, -Ty -Tg -Tq
ds, a5, s,
6 0 0 0 0
0 0 0 0 0
B= (A 0 p¢ O 0
-0 0 pg¢ O
X o o 0 pgo

The terms X contain the derivatives of the system
with respect to P which are later eliminated. The
stability of the system may be seen as an eigen-value
problem,

det(B- pd)=0 (15)

And the CFL is respected if the following relation
is true,

Ar < Ax. 11'1:1111;1|,11,1 (16)
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The system has zero eigen-values corresponding
to the pressure variable. As the pressure is always
an implicit variable, these zeros may be discarded
and we only focus on the non-zero eigen-values for
the stability study. Moreover, the size of the system
may be reduced if the pressure is eliminated and if
we note A=1/4,

det(B- pud)=p, 4y,.det(F- AG)=0 (17)

The CFL criterion becomes Af < Ax. ﬁ?i\lﬂ and
F and G have the following expressions,

LM, oM,

M, M M

™, Tp—2 -Th—= -Tg—>

v s, TP, s,

oM, oM oM

F= |, —~fgr—o ofp-——t gy

o T %, Tes, s,

o M oM, . M,

« s, "%, Ts,
(0 o 0 0
0 _pwﬁ 0 0
“=lo o - p,o 0

0 o 0 —pgo

This small system is solved using direct methods
and the eigen-values are determined along the x
direction (1-D problem) of each reservoir cell.

In 3-D reservoir geometries, The CFL for each
reservoir cell may be written as in 1D for a given
direction. For a unit vector n, the CFL condition for
the stability of an explicit discretization of a reservoir
cell i has the following expression,

AQn)Ar .(maanr\. |Ax;, n_|Az, ))_l <1 (18)

ol

The global CFL is then the maximum of the above
expression for all vectors n. This relation is too
restrictive for reservoir simulations and more cells
than needed are switched to implicit. So, we use a
CFL using total fluid velocity”!, which requires that
the domain of dependence of the system of equations
remains within a rectangular prism on the neighboring
cells. The CFL on a cell is calculated for a unit vector
n parallel to the total fluid velocity v. So, we can write,
n = v/|[v||, with v=vy+vet+v,,

(19)

A A" max M M M /'||v||<1
e Ax; Ay, Az B

i

This last condition assured good stability in our
tests and is quite cheap to evaluate.

Implicit Explicit Method (IMPEX)

Another solution has already been proposed to
mix advantages of explicit and implicit treatment of
the flow terms in the transport equations. Quandalle
and Savary!'® presented in 1989 a method, implicit in
pressure and saturations and explicit in compositions
for compositional models. More recently, robustness
and efficiency of this method have heen verified on
synthetic compositional models!”!. In this approach,
the full Jacobian matrix, reduced to a 3 x 3 - block
matrix by elimination of selected equations is used to
solve the implicit P, Sw, and Sg unknowns. The
variations of oil and gas compositions are next
calculated easily from these implicit unknowns.
Behind this method is the assumption that pressure
and saturation unknowns are strongly coupled by
mobility and relative capillary pressure terms, while
component mole fractions are less strongly coupled
from grid block to neighboring ones. This is often the
case even with compositional models unless the
diffusion/dispersion fluxes are modeled.

Advantages of this approach are numerous. It is
easy to implement in a multipurpose reservoir
simulator, and benefits from optimized and efficient
Black-oil implicit linear solvers. The parallelization
of the method should give better speed-up than AIM
because problems of load balancing between implicit
and explicit regions of the reservoir could be avoided
and it can be used without constraint on the time
step length by any CFL condition.

Hybrid AIM-IMPEX Method (AIMPEX)

This scheme is a further optimization of the AIM
scheme. It mixes both AIM and IMPEX approaches
and three different statuses may be addressed to the
reservoir cells. A fully implicit formulation is used
for the cells with the greatest variations. An IMPEX
formulation is applied for the cells with important
pressure and saturation variations and weak mole
fraction variations, an explicit formulation is used for
the remaining cells.

High Performance Computing Aspects
The parallel version of the IFP Group multipurpose

reservoir simulator is designed for parallel shared
memory platform (SMP nodes) and used the
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OpenMP paradigm'!! for the management of the
parallelism. A hybrid version is under development
and will mix MPI (Message Passing Interface)!'!
for high level communications and OpenMP for low
level parallelism. This version will work on clusters
of SMP nodes, the inter-nodes communications will
be handled by MPI and the intra-nodes parallelism
will be managed either by MPI and or by OpenMP.

This paper only concerns the development and
the results obtained with the OpenMP version of the
software but the hybrid version to come will have
the same features.

The conventional implicit (SOLSS) and explicit
(IMPEM) formulations implemented in the software
have already been parallelized in former works!®.
The new models AIM, IMPEX and AIMPEX
described here before, which mix implicit and explicit
models, mainly use the SOLSS and IMPEM parts of
the program but some specific optimizations have been
performed to take advantage of the particular
structure and reduced number of unknowns of the
matrix of the linear system.

As the ratio between implicit and explicit cells
changes during the simulation in the AIM and
AIMPEX models, we designed dynamic data
structures for the linear solver which are updated
when status of cells changes.

With these structures, we reduced significantly
the memory requirements. For instance, the memory
used by the AIM model for the one million grid blocks
test is 40% less than the memory required to run the
simulation with the fully implicit scheme.

The critical part of the program is the parallel
linear solver. The software uses the Bi-Conjugate
Gradient Stabilized (Bi-CGSTAB)"™! algorithm
preconditioned with the Incomplete LU Factorization
of degree zero either on the pressure unknowns (P-
ILUOP) or on the full Jacobian matrix.(P-ILUQ). The
Bi-CGSTAB implementation is mainly made of two
calculation units, a matrix/vector product and the pre-
conditioner.

The test cases described hereafter in this paper
are very interesting because of the conductive fault
and the injector wells which introduce heterogeneities
on the distribution of implicit cells inside the reservoir.
As a same calculation for an implicit cell is much
more CPU time-consuming than an explicit one, these
heterogeneities create bad load balancing on the
processors and slow down the code running on a
parallel computer.

Typically, matrix/vector products in the linear
solver are very sensitive to this and a dynamic and

optimized load balancing for parallel calculations was
developed. This algorithm automatically computes at
each time step the best way to distribute the
calculations above the processors. As the load
balancing was very bad without this algorithm, the
speedup of this part of the code was limited to a
value lower than half times of the number of
processors. Now, with this algorithm, even if the load
balancing still remains not perfect because the number
of treated elements is never exactly the same and
some cache memory effects have important impacts,
we recorded on the treated cases a speedup of 8 for
the matrix/vector products on 8 processors.

As explained before, two parallel pre-conditioners
P-ILUOP and P-ILUOQ are implemented in the
software. For the simulations, we used the P-ILUQP
method. This pre-conditioner is not affected by the
distribution of the implicit cells because only pressure
unknowns are considered as for explicit formulations.
The parallelization of the P-ILUQ/P-ILUOP pre-
conditioners is based on a partitioning of the matrix
graph of the linear system. An in-house graph
partitioner has been developed, based on matrix graph
and selected grid properties. The parallel algorithm
of the P-ILUO/P-ILUOP pre-conditioners alternates
calculations on domains and inter-domain zones!.

If the distribution of the implicit cells has no impact
on the performances of P-ILUOP, it is not the case
for P-ILUO. Optimization of this algorithm still has to
be done and the idea is to build a better partitioning
by adding constraints on the nodes of the matrix graph
as inputs of the partitioner. These added constraints
should be for example the number of implicit
unknowns of the cells represented by a node. The
dynamic aspect of the AIM and AIMPEX models
makes more difficult the use of this method because
the graph partitioning should be updated when the
status of the cells changes. Such update should be
very expensive in CPU time. A solution could come
from the grid partitioning algorithm such as
ParMETIS!" which allows re-partitioning with lower
calculation costs.

RESULTS AND DISCUSSION

These different methods have been implemented
in a commercial release of the IFP Group
multipurpose reservoir simulator and have been
tested on a compositional field case study. Two grids
have been build, one with roughly 180,000 active cells
(later referred as 180k case), and the other with one
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million active cells (later referred as 1M case). The
reservoir has an area of 3.75 km*10.2 km, and the
180k case has a 75%204*12 grid with 50m™*50m cell
dimensions (Fig. 1). The 1M case uses a 150%408*17
discretization grid with 25m*25m cell dimensions. The
reservoir is slightly slanted from west to east and an
aquifer is located on the eastern flank. The porosity
varies from 0.01 to 0.2 and is better on the reservoir
crest and in its northern part. Horizontal
permeabilities are about 20 mD and vertical
permeabilities are ten times lower. Moreover, there
is a conductive fault in the southern part of the
reservoir. This fault is oriented from east to west
(from the aquifer to the crest) and extends for 3 km.
Its permeability is about 1.5D and is modeled using
the conductive fault model integrated in the
simulator!™,

Fig. 1. Reservoir grid.

The oil is modeled by a compositional model with
9 components (C1, N2, C2-COH, C3-C4, C5-C6, C7-
9, C10-C13, HCO1, and HCO2). The initial oil in
place is 191 Mm* at standard conditions and initial
pressure is 450 bars at a depth of 3500 m (the
reservoir is located between 3100 and 3800m) and
the initial water-oil contact is located at 3800m depth.

Eight (8) oil producers are situated in the crest
and 6 water injectors are located on the flank near
the aquifer. The surface oil rate of each producer is
set constant at 2500 m3/d and the surface water
injection of each injector is 4000 m3/d. The injection
is automatically calculated by the simulator such that
the total reservoir injection rate equals its total voidage
production rate. The wellhead pressure of the
producers is controlled and limited to 17 bars. The
bottom-hole pressure of the injectors is limited to 600
bars. The reservoir is produced for 20 vears.

The presence of the conductive fault disables the
use of explicit scheme because of the water invasion
at its vicinity. The simulation runs using the AIM, the
IMPEX and the AIMPEX formulations were made
on parallel computers. The test cases presented in

this paper were run on different parallel SMP
platforms:

-a Dell Precision 530, bi-processor Pentium4 Xeon
@2,4GHz with 2GB DDRAM,

-a SGI 02000, 20 processors R10K @195MHz,
10GB memory,

-an IBM p690 Turbo, 32 processors Power4
@1,3GHz, 64GB memory.

180k Case Study

At the end of the simulation, the injected water
has invaded large areas of the reservoir and oil has
been displaced to the producers. Using AIM
schemes, correlation may be found between implicit
cells and water invaded cells (Figs. 2 and 3). During
the simulation, important saturation variations
occurred in these cells and those have been switched
from explicit to implicit by the simulator. During the
simulation 82,813 cells (45 %) have switched to an
implicit status.

The mixed formulation of the equations (AIM or
IMPEX) allows great reduction in the simulation time.
The results are displayed in Table-1 and Figure-7 for
different machines for the 180k compositional case.

Table 1. Comparisons on a Linux computer.

Step | Newton it. | Solveur it. | CPU time
AIM 278 278 13559 24315
AIMPEX | 278 | 278 13177 22250
IMPEX 278 | 278 13870 20194
SOLSS 278 | 278 14813 73169
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Fig. 2. Implication map in the most invaded layer.
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Fig. 3. Water saturation map in the most invaded layer.

The adaptive implicit method switches from
explicit to implicit the most varying cells given our
proposed CFL based criteria. The physical results
are very similar to the fully implicit ones which is to
say that the criterion adequately takes into account
the saturation fronts and switch to implicit the cells
located near the fronts (Figs. 5 and 6). The conductive
fault is also quickly invaded by the water coming from
the injectors and the water cut of the producing well
located near the fault increases rapidly (Figs. 4 and
6). The fault-cells are treated implicitly due to their
strong variations during the time steps. Moreover, the
required memory is also decreased from more than
2Gb to less than 1Gb (55% gain).

Furthermore, hybrid formulations (AIM or
AIMPEX) allow to reduce both time and memory
requirements and ensure good physical results.

1M Case Study

The full production history has been run on 8
processors of the IBM P690 machine using the
AIMPEX formulation. Partial simulations were
carried out on 1, 4 and 8 processors in order to
evaluate speedups for the other formulations. The
obtained results are displayed on Figure 8. AIMPEX
runs three times faster than the fully implicit model
and makes feasible a large compositional simulation
overnight. The IMPEX simulation is faster than the
AIM. This is explained by the high number of implicit
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Fig. 4. Water invasion in the conductive fault.
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Fig. 6. Water cut comparison.

cells imposed by saturation variations. Nevertheless,
ithas been observed that for simulations with high oil
or gas composition variations, AIM becomes faster
than IMPEX. The field performance for this case is
the same as for the 180k case.
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Fig. 8. Elapsed time and speedups for 1M case on IBM p690
Turbo.

The SOLSS fully implicit simulation requires 20
Gb whereas, the AIM, AIMPEX and IMPEX
schemes only need less than 7Gb memory.

Our parallelized hybrid algorithms perform large
compositional simulations where classical fully implicit
methods, even parallelized, exceed computer
capabilities in terms of memory and CPU time.

CONCLUSIONS

We propose integrated parallelized numerical
schemes to perform large compositional reservoir
simulations. In the presented results, the global
simulation time is greatly reduced by using hybrid
formulations. Best performances in terms of
simulation time and physical results were obtained

using the AIMPEX formulation which creates three
different cell statuses in the grid varying from fully
implicit to explicit ones.

Optimization of these advanced methods for a
hybrid OpenMP and MPI parallelization should allow
obtaining better performance on a large number of
PIocessors.
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Nomenclature
p, molar density(mol.m>).
v, fluid velocity (m.s™).
I, time (s).
¢ porosity.
T, transmissivity (nv’).
M, mobility (Pa'.s').
S, saturation.
P. pressure (Pa).
w, water phase.
o, oil phase.
g, gas phase.
X, molar fraction in oil phase.
Y, molar fraction in gas phase.
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Could WAG be the Right EOR Process for Libyan Carbonate Reservoirs?
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Abstract: In Nafoora Augila Unit (NAU), one of
the giant oil fields of AGOCQO, an appreciable
amount of oil will remain unrecoverable in the
prolific carbonate layers after waterflooding. In
this paper, we present the importance of
experimental  studies and  knowledge
(technological research) as a major part of
achieving integrated simulation studies for
evaluating the EOR technical and economical
feasibiliry, and planning.The special core analysis
(SCAL) results are one of the most powerful tools
to calibrate reservoir models. The laboratory
experiments are performed at actual reservoir
conditions to honor fluid properties, the wettability

* Arabian Gulf Qil Company (AGOCO), Benghazi, Libya.

and saturation end-points. CO, gravity drainage
experiments resulted in an early CO, breakthrough
and low displacement efficiency, while immiscible
water alternating gas (IWAG) displacement tests
resulted in an oil recovery as high as in case of
slim tube, at the minimum miscibility pressure
(MMP). Therefore, IWAG could porentially work
well for any other immiscible gas injection process
using hydrocarbon gas, nitrogen, or fuel gases,
and at significantly lower pressures than the MMP
in carbonate reservoirs of similar depositional
environment and diagenetic fabric selective
dissolution.

INTRODUCTION

The common classification of WAG processes is
to distinguish between miscible, MWAG, and
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immiscible, IMWAG displacements. Because of
failure to maintain sufficient pressure, real field cases
may oscillate between MWAG and IMWAG during
the implementation of the WAG process. Important
technical factors affecting WAG performance have
been identified: heterogeneity, wettability, fluid
properties, miscibility conditions, injection techniques,
WAG parameters, and physical dispersion and flow
geometry.

The oil recovery can be described by three
contributions: microscopic displacement efficiency,
horizontal and vertical sweep efficiencies. Our
concern is to highlight aspects of microscopic
displacement efficiency in IWAG process by
integrations of previous SCAL studies and
technological research.

When performing a miscible gas displacement,
the residual oil saturation will tend to go toward zero
in the flooded area. A problem in MWAG process is
that injected water blocks contacts between injected
gas and remaining oil. This reduces microscopic
displacement efficiency, resulting in higher residual
oil saturation. This effect has been found to be a
strong function of rock wettability and oil recovery is
adversely affected by the presence of mobile water
in water-wet cases, but the effect of mobile water is
almost negligible in mixed-wet and preferentially oil-
wet reservoirs!!23,

With IWAG process the residual oil saturation
after gas-flooding is lower than after water-
flooding, meaning that gas has a better microscopic
displacement efficiency than water. In water swept
zones, the residual oil saturation to water-flooding
is reduced through the gas entrapment process.
The degree of oil saturation reduction and
corresponding trapped gas saturation depend on
initial gas saturation and wettability. The
experiments demonstrate the need to measured the
IWAG microscopic displacement efficiency and
trapped gas saturation on preserved or wettability
restored cores!*>9l.

Gas saturation is divided into two contributors,
trapped and mobile gas saturations. Trapped gas can
be only become remobilized by dissolving in the oil,
and the only contributor to gas flow is the free gas
saturation. Reduced residual oil saturation increases
the oil mobility. For given oil saturation the water
saturation is less in WAG injection by the amount of
reservoir volume occupied by the trapped gas. As a
result the water mobility and therefore water cut must
be less for given oil saturation. Reduced permeability
of the gas phase can be achieved by alternate

injection of gas and water. Therefore improved
microscopic sweep efficiency in three-phase zones
of the reservoirs could add benefit from reduction of
mobility in IWAG processes.

The displacement mechanism in IWAG process
occurs in a three-phase regime, where the cycling
nature of the process creates a combination of
imbibitions and drainage. Conventional two-phase
relative permeability hysteresis models were unable
to describe MWAG and IWAG flows in cores and
field trials, where gas and water saturations will
increase and decrease alternating. This gives special
demands for relative permeability for oil, gas and
water phases. Recent approach has been designed
for WAG injection using cycle dependant oil, water
and gas relative permeabilities!™%91.

Therefore the optimum WAG design is different
for each reservoir and needs to be determined for
specific reservoir and fine tuned for particular area
within reservoir!!®!!l

Microscopic displacement efficiency by WAG
processes has to be determined from laboratory
experiments.

SCAL PROGRAM
Minimum Miscibility Pressure Requirements

Slim tube tests showed that MMP is 270 barg,
and that displacement efficiency does not fall sharply
below MMP. A significant amount of oil could be
recovered at pressures substantially below slim-tube
MMP[ [ 1.12.131‘

Keeping in mind with principle of economy we
have investigated that possibilities incorporating our
best knowledge of the state of art technology.

Petrophysical Classes and Pore Space
Classification

Reservoir rock is relatively clean bioclastic
limestone. The depositional texture is skeletal
grainstone and packstone/wackstone. Early
consolidation preserved much of primary porosity.
Selective dissolution of skeletal debris in the
undersaturated zones of the meteoric phreatic
environment provided moldic and pinpoint vuggy
porosity. Mesovuggy porosity is the main pore type
with additional interparticle and variable
microporosity!'**1. Figure 1 shows CT-SCAN
investigations of the internal structure of the whole
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Fig. 1. CT-SCAN images showing pore structure.

core samples. In particular the macroporosity is well
visible on most slices.

Rock fabrics has been grouped into four rock-
fabric petrophysical classes:

1. clean coquina limestone dominated by large
skeletal grains.

2. skeletal bioclastic grainstone

3. grain dominated packstone/wackstone

4.  mud (micritic) dominated limestone

Principal pore types and pore interconnections are
grouped into:

1. intergranular, macro in rock-fabric class I,
good connected in rock-fabric classes 1 and 2,
variably occupied by micritic matrix in rock-fabric
classes 2 and 3.

2.  secondary dissolution, moldic and vuggy

3. good microporosity within micrit materials
composed of loosely arranged small calcite crystals
(rock-fabric classes 2 and 3).

Pore interconnections in secondary dissolution
pore space

1. abundant and interconnected touching vugg
porosity and channel like from skeletal and micitic
matrix leaching (dominanton 1" and 1.5" small plug
scale)

2. discrete, separate vuggy porosity (dominant on
full diameter and well log scale).

Wettability

The capillary imbibition curves are typical of oil-
wet samples. The Amott/USBM wettability tests
show the reservoir wettability ranges from weak-to-
strong oil-wetness!'*'31, The vuggy system connected
by the largest thresholds pore entry radii is strongly
oil-wet. The spontaneous imbibitions of water at 80°C
for three weeks resulted in the increase of water
saturation in the range 8.3% to 9.5%. This is an
indication that the majority of intergranular/
intercrystalline pore system, variably occupied by
micritic matrix, could be less oil wet due to pore
structure; Therefore wettability question in
intergranular/intercrystalline pore system may be the
matter 'of some concern.

Resistivity Measurements and Interpretation

A.) Use of Maxwell-Garnett Model to Interpret
Formation Factor, FF, Measurements.

In heterogeneous carbonate reservoirs the porosity
exponent, m, is a major factor of uncertainty in the
calculation of fluid saturation. Complex electrical
behavior may result from the way in which vuggs are
related to each other, and to the intergranular pore space.
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FF’s were measured on core plugs from two
carbonate reservoirs at net overburden pressure,

NOB, by simulated formation brine, and reservoir -

il CT-SCAN images of core samples were
used to characterize pore types and interconnec-
tions in secondary dissolution pore space. The
Maxwell-Garnett, M-G, model:

-o[22]
=t i (1)

! pr _ m
20| 1220
I+ 20"

allows for better interpretation of FF if both, the
intergranular, @, and vuggy porosity, @v, vary
independently and simultaneously, resulting in a range
of FF for a single total porosity, &!'%!7],

Eq. (2) and Eq. (3) are the results of M-G model
for abundant, interconnected touching and channel
like vuggy poro system, and for discrete and separate
vuggy pore system, respectively!'®!9l,

F=23217¢7""
F=04469p~"

¥ =0.8332 (3)
r?=0.8511 (2)

Intercept a, known as tortuosity parameter, could
be related to depositional environments and diagenetic
fabric-selective dissolution process. Figures 2 a and
b are the application of M-G model to interpretation
of FF-®relationships, and division of total porosity
into matrix and vuggy!'®'%,
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Fig. 2(a). Application of Maxwell-Garnett model to abundant
interconnected touching and channel like vuggy porosity from
skeletal and micritic matrix leaching, dominant on 1" and 1.5"
small plug scale.
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Fig. 2(b). Application of Maxwell-Garnett model to discrete,
separate vuggy porosity, dominant on 1.5", full diameter and
well log scale. Model allows division of total porosity into
matrix and vuggy porosity components (from El-Ashahab,
Krizmanic, Gherryo)!!®!9,

For a elatively clean carbonate rock with a high
salinity environment FF does not appear to be
affected by surface conductance of clay
component.

B.) Use of Maxwell-Garnet Model to Separate
Total Porosity into Intergranular and Vuggy Pore
Space.

Vuggy porosity is difficult to calculate from
wireline logs, and requires detailed core-log calibration
to give reasonable results. We separate total porosity
into intergranular and vuggy porosity components,
applying the M-G model "*'"°I. The relations are:

@, =0.8139b, —0.1353  1° =0.7495 4)

‘ discrete vuggy system

@, = 002630

abundant vuggy system

Thin-section image analysis provides a good
approach of the effective vuggy porosity in carbonate
rocks. Figure 3 shows comparison between vuggy
versus total porosity from the M-G model, and from
thin-section description of core material™.

The M-G model is efficient in separating total
porosity into intergranular and secondary
dissolution.

r? =0.7847 (5)
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C.) Resistivity Index.

Laboratory resistivity measurements of FF and
resistivity index, I, are acquired on rock samples to
increase consistency of the log data interpretation. The
evaluation of the amount and distribution of oil in place
depend heavily on the model applied to describe links
between FF, I, and water saturation.

The resistivity index measurements were performed
in conjunction with porous-plate, oil/brine capillary
pressure. Sufficient time is allowed at each point for
wattability restoration and equilibrium saturation to be
achieved. A 4-electrode setting was used to avoid contact
resistance and end effects!™. Table 1 shows the
properties of sample used and formation brine.
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Figure 4 shows resistivity index curves versus
saturation. Mercury capillary pressure curves interpreted
in terms of pore throat size distribution show uni-modal
pore size distribution within intergranular pore space.
Low saturation exponent (n), and departure of I, versus

Table 1. Core sample petrophysical parameters, properties

of formation brine and tests condition.

Ambient condition air permeability, mD 15.5
NOB condition porosity, fraction 0.262
Saturation exponent (n) 1.65

Net overburden (NOB) pressure 3000
Temperature, °F, ("C) 150, (66}
Brine salinity, mg/l TDS 189 991
Resistivity of brine, Ohm-m at 77°F 0.054

S from ideal Archie’s law recently have been paid
attention, and have been experimentally documented
and theoretically explained 21 through 26.

Two slopes could explain I versus S relation.
The first shows the invading of the vuggy pore space
by oil. Vuggy rock surface is rendered to be strongly
oil wet. The second describes subsequent invasion
of the intergranular pore space®. Best fit of the
second straight-line segment is:

(6)

The relation is valid in saturation range
0.78<S, >0.099. The change in the value of nat S =
(.78 provides the vuggy porosity component of

I, =267315 " r? =0.9961

[Mesapore |

01 1 10
Pore Throat Radius. Microns

oo

Fig. 4. Two straight-line segments of I vs. 8_: desaturation of vuggy pore space resulted in n = 5.455 and desaturation of unimodal
interganular pore space resulted in 1 =2.67318"". Microporosity is linked to the presence of micrite crystals (from Gherryo Krizmanic,

Labedi, Abdulkarim) 1.
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dvug = ().038, for the total sample porosity dxot =
0.262. The oil content in vuggy pore space is S_ =
0.22. The M-G model (4) provides vuggy porosity
component of ®vug = 0.078, and S = 0.292.

The second straight-line implies:

a) Unimodal pore size distribution of the
intergranular pore space, as indicated by the mercury
injection data and

b) There is no wettability induced change in
electrical properties within intergranular pore space.

The wettability question in intergranular pore
system may be the matter of some concern.

D) Water Saturation Model.

Use of coreflood test data to provides arguments
for the choice of adequate saturation models.
Checking the validity of different models, and
calibration of the parameters remain a frequent
problem in log interpretation!*23 throueh 291 \We
modified Archie’s model. The modified Archie’s

maodel 152V
1/n
[_l d)—m
b

5o ][R
W Rr

where b comes from: S, =bl"

(7

The model: 7/ =2.6731§ " provides model
parameters p = 2.673/and n=- 1.09. Eq. (3)
provides model parameters a = 2.32/7 and m =
-1.1619 , while Eq. (4) provides model for separation
of total porosity into discrete vuggy porosity
component in total. These model parameters, coupled
with gas-flood tests data, provide arguments that the
selected saturation model is adequate.

Table 2. Long stacked core properties

Rafa Labedi, Omar Abdulkarim, Karlo Krizmanic and Saleh El-Fakhri

For considered carbonate formations, Figure 5
shows vuggy oil saturation as a function of initial oil
saturation, porosity and formation resistivity range.

Tables 2 and 3 show secondary CO, gravity
drainage experimental data. Breakthrough, BT, of
CO, occurred at 38.2% PVI, resulting in oil saturation
reduction of AS_ = 0.271. The M-G model provides
vuggy oil saturation S = 0.292. Evidently oil
contained in intergranular pore space is not efficiently
accessible to CO, with TFT = 2.7 mN/m.

Figure 6 shows comparison of vuggy porosity and
oil content in vuggy pore space evaluated by: M-G
models, resistivity index and displacement
experimental tests. The Archie’s water saturation
model, conditioning to gas core-flood tests data,
exhibits high consistency of all data.

Fig. 6. shows the comparison of vuggy porosity
and vuggy oil saturation from M-G model, resistivity
index, and displacement tests. Resitivity and coreflood
tests provide arguments for the choice of adequate

Vg of saturation v, iniialin (PHYtol range = 0.2 10 0.3 by 0.025 hnerervent, for
Iha case: [{PH)vug = 0.B138*(FH)tol +0.1353)
L N SN K s S 1 I T
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Fig. 5. Vuggay oil saturation versus initial saturation. Integration
of I, measurements with displacement test provide arguments
for the choice of adequate saturation model.

Test Licm) | D(cm) | V(m/d) | Swi Kw (mD) | Ko(Swi) (mD) | @
Gravity stable | 150 4.5 0.146 0.079 | 28 . 0.264
WAG 147 4.5 0.150 0.251 | 37 17 0.255

Table 3. Statistics of gravity stable and WAG secondary displucemu'nl tests.

@ water breakthrough @ pas breakthrough

PVI (%) | R (%00IP) 5, S @BT | §-S BT | PVI(%) R(%QO0IP) | S @BT 5,-S BT
Br 0.921 38.1 26.3 0.65 0.271
Dr.
WAG 62.66 63.46 0.749 0.272 0477 88.16 73.8 0.202 0.547

@ the end of continuous gas injection

PVI (%) Rfinal (%200IP) S, S, S,-Sor _
Gr. St 191.2 514 0.921 0514 0.407 0.407
WAG 109.4 90.72 0.749 0.0769 0.6795 0.6721
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Fig. 6. Comparison of vuggy porosity and vuggy oil saturation
from M-G model, resistivity index, and displacement tests.
Resitivity and coreflood tests provide arguments for the choice
of adequate interpretation model. (from Gherryo, Krizmanic,
Labedi, Abdulkarim) 12,

interpretation model. (From Gherryo, Krizmanic,
Labedi, Abdulkarim!"),

The model provides higher values for oil in place
contained in mesopores and micropores of
intergranular pore space, target for EOR
technologies. It provides good estimates of both
the vuggy porosity component in total and the oil
content in vuggs.

CORE-FLOOD DISPLACEMENT TESTS

Petrophysical Characterization on Small Core
Plugs.

The petrophysical characterization on small core
plugs is essential for considering interpretation of the
IWAG and gravity drainage experiments on long
composite cores. The tests include:

a) Mercury injection and pore throat size
distribution analysis,

b) Centrifuge oil/water drainage/imbibitions and
gas/oil/connate water drainage capillary pressure
curves - the average saturations are corrected to
obtain the saturations at inlet face of the plugs,

c) Oil/water imbibitions relative permeability
curves and gas/oil/connate water drainage relative
perms and

d) IFT measurements on CO, swollen fluids.

The tests were performed on wettability restored
1.5 inches in diameter, and 2.5 to 3 inches in length
plugs. The resulting two-phase relative permeability
will be used to help interpretation of IWAG and
gravity stable drainage displacement tests on
long,stacked cores.

Research shows that the centrifuge method is a
fast and reliable method for obtaining oil desaturation
curve as a function of trapping number, NT, in regions
of low oil relative permeability, and in reservoirs
where gravity drainage controls the recovery
proceSSIII.B(] through ]-l].

Wy K(VP+ gapVD) 8)
g

Figure 7 shows oil desaturation curves for two-
phase oil/water, and three-phase oil/gas/connate
water systems. The advantage over displacement
tests is evident.

Reservoir simulation requires a realistic spatial
distribution of capillary pressure and relative
permeability. Drainage capillary pressure curves are
used to predict initial water saturation, while
imbibitions capillary pressure curves significantly
impacts overall displacement efficiency. Figures 8 a
and b show oil/water and gas/oil/ connate water
centrifuge capillary pressure curves,

Unsteady-state water-flood and gas-flood tests
were carried out on restored state cores. Capillary
pressure curves were used as an input for numerical
calculation — which means that the residual oil

1

——Kw=10.3 mD, PHI=0.182
o.e ——

KwedB.3 mD, PHI=0.25
————Kw=81.8 mD, PHI=D.228
—— Kw=21.7mD. FHI=0.288
o Displacemsnt

[+X:]
o7
a8 ‘ |
as
a4
0.3
0.2

Remaiﬁlnﬁ -5.all.lrallnn

0.1 Pt bid M { ikl
i - I
1.005-08 1.00E-07

1.005-08 1.00E-05 1.00E-04
Trapping Numbears

1 e
+1 —e—Kgu19.1 mD, PHI0. 102, Bwi=0.250 -
11 —=—Kgnd1.4 mO, PHI=0.25 Bwi=0.218 -

T 17 *1 — o Kg=44.8, PHI=0.258, Swi=0.124 ¢
oa = e Kg=22.8mD, PHI=0.286, Swi=0.150 -

o7 o=
a8 -

a3
04
0.3

Remaining Saturation

o2
o1

[
1.00E-07 1.00E-08 1.00E-D5 1.00E-04
Trapping Numbers

Fig. 7. Remaining oil saturation, S_, achieved in displacement
tests in comparison with oil de-saturation centrifuge capillary
pressure curves: oil/water and oil/gas/connate water systems.
Low S values are result of continuous oil film drainage.
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saturations are supposed to be equal for displacement
and centrifuge experiments. Therefore the relative
permeability curves, obtained by history matching of
production data with numerical coreflood simulator,
take into account of viscous, capillary and gravity
forces.

Figures 8 ¢ and d show oil/water and gas/oil
relative permeability curves. Although the oil could
be displaced by oil-wetting layers to very low S
values, the efficiency would be deteriorated by low

Fig. 8(b). Drainage gas/oil/connate water Pc’s. capillary pressure
curves were input in core-flood simulator.
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Fig. 8(d). Gas/oil relative permeability curves correctly account
for viscous, capillary and gravity effects.
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rates because relative permeability is also low in the
range from 1E-3 up to 1E-5 and lower. Large scatter
of oil/gas relative permeability curves is related to
heterogeneity of small core-plugs.

Petrophysical characterization on small core plugs
is an indispensable step for interpretation of
displacement tests on long stacked cores.

Statistics of Secondary CO, Gravity Drainage
and WAG Experiments on Long Stacked Cores.

Tests were performed at pressure of 193 barg.
(MMP = 270 barg). Table 2 lists basic rock properties
of long stacked cores. Dual energy x-ray detection
allows assessing oil, water, and gas saturation profiles
along the core,

Secondary CO, Gravity Drainage Experiment.

Table 3 shows statistics of the secondary gravity
drainage and IWAG displacement tests. Final oil
recovery R =41.4% of OOIP, left behind residual oil
saturation S| = 0.544. CO, BT occurred at 38.2%
PVI, when oil recovery at gas BT is 26.3 % of OOIP.
Oil saturation reduction of AS =0.271 is exactly the
swept volume of oil contained in vuggy porosity space
(The M-G model provides S| = 0.292 ). Evidently
oil contained in intergranulz;r pore space is not
efficiently accessible to CO, with IFT = 2.7 mN/m.
To access the oil contained in this pore space, a high
reduction in IFT is needed. The reservoir pressure
should be maintained at a level in excess of P =270
bar.

The test was interpreted by numerical calculation
to provide oil/gas relative permeability as an input
for correct description of IWAG process on core
scale.

Secondary IWAG Displacement Test was carried
out with CO, injected first, followed by water. The
slug sizes were approximately 8.4% PV. The IWAG
injection resulted in final oil recovery, R = 90.7% of
the OOIP with left behind residual oil saturation, S =
0.0769. Water broke through first resulting in oil
recovery, R | = 63.5% of OOIP, followed by gas
BT with an oil recovery of R, = 73.8% of OOIP.

The IWAG process is more efficient than
secondary gravity drainage. From core scale point
of view the IWAG technology could be the right
technology for carbonate reservoirs of identical
depositional environment and fabric-selective
dissolution process. The process is immiscible and it
could potentially: a) recover the same amount of oil

as the miscible process with CO,, but at a significantly
lower pressure, b) work well using the other gases,
and c) work well at even lower reservoir pressures.

Pore scale and core scale displacement
scenario. In vuggy porosity space, oil is a strongly
wetted phase retaining continuity even at low oil
saturation based on SCAL tests results. Water is a
non-wetted phase. Gas is a wetting phase relative to
water. Neither gas in presence of water, nor water
in presence of gas, could spread on oil forming
continuous gas or water films.

The first gas injection cycle.

Gas displaced oil from the largest oil-wet vuggy
pore space by piston like displacement, and through
continuous oil film drainage.

The first water injection cycle.

Water displaced gas and oil from the largest oil-
wet vuggy pore space by double displacement. Gas
had been displaced by piston-like and, oil through
continuous wetting oil film flow. Due to adverse
mobility ratio, gas had channeled through the oil
occupied pores forming an oil bank ahead of water.
As aresult of capillary competition between gas and
oil and gas and water, snap-off of gas and trapping
could occur only by oil in the gas occupied pores.

Gas snap-off by water and gas trapping could not
be possible in water invading zone. However in this
zone, gas could be bypassed in larger oil-wet pores.

In intergranular pore space, wettability was
randomly distributed to a degree of COS@,,  for each
pore size. Larger pores preferentially oil wet, were
surrounded by smaller preferentially water-wet pores.
Water had invaded the smallest weakly-water to
weakly-oil wet pores by capillary diffusion. From this
pore network, oil could be displaced by a corner
filaments flow and by a piston like displacement
depending upon wettability and water/oil contact angle
hysteresis!®3*34,

As a consequence of this capillary dominated flow,
feeding and thickening of il films in larger oil-wet
pores of vuggy pore space occurred. Oil bank ahead
water-front increased in size through oil film flow,
and more gas was trapped by snap-off and bypassing.
Trapped and bypassed gas reduced mobility of
advancing water-front and formed oil bank, which
resulted in a steady increase of water injection
pressure.
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Increase of water injection pressure favored a
capillary controlled water flow into the smallest pore
network and forced (viscous) controlled into the
largest pore network of intergranular pore space.
Viscous flow of water from vuggy to intergranular
pore space has been initiated when the water pressure
in vuggy pore space, P, exceeded oil pressure in
integranular, P_ by capillary entry pressure given by
(s, cos® )r . For largest preferentially oil-wet
intergranular pores, -/<cos@_  <0. Oil which
squeezed into vuggy pore space supported flow of
continuous oil films, and made oil bank increased in
size trapping more gas.

Trapped gas could be remobilized by dissolving in
water and oil and by compression. At seme threshold
pressure, compressed trapped gas globules collapsed
and/or were squeezed ahead, forming a small gas
bank of free gas saturation within oil bank.
Compression/decompression of trapped gas added
to increased/decreased oscillations of injection
pressure. Figure 9 shows oscillations of injection
pressure for the first and second water injection
cycles.

First water injection cycle
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Fig. 9. Bypassed and trapped gas in vuggy pore space caused
increase of water injectivity. Pressure increase favored
spontaneous and [orced imbibitions of water from vuggy into
intergranular pore space and countercurrent flow of oil into
vuggy pore space. More gas was trapped in formed oil bank.
Collapse of trapped gas resulted in a sudden decrease of injection
pressure and forming free gas bank ahead of formed oil bank.

Subsequent gas injection cycles.

Since for strongly oil-wet vuggy pore network,
-l<cos@,, <0 and <cos® <, or
(0,,c080,)=2(0,co50, ) gas preferred to enter
the water filled pores of strongly oil-wet vuggy pore
network. In the first injection cycle, injection pressure
was higher when gas displaced oil and injection
pressure became almost zero, or even small minus
when gas displaced water from pores previously
occupied by oil. This indicates that gas was a wetting
phase relative to water in the strongly oil-wet vuggy
pore space.

Water has been displaced by a piston-like
displacement, and oil by a continuous oil films
drainage. This means that water could become
disconnected phase.

Due to the reduced mobility of water-front and
oil bank, gas injection pressure had increased. Gas
was forced to penetrate from vuggy into
intergranular pore space. Gas could be either
wetting or non-wetting phase relative to water,
depending upon randomly distributed wettability for
each pore size and non-wetting relative to oil. Gas
occupancy preference of pore space is given by
the relations between wettability, IFT, and pore size:
(o,c050,)/r, and (0, cosO )/t Gas preferred to
occupy the largest pores filled by water from previous
walter injection cycle, Then, when faced with pores
of equal radius, gas preferred to enter pores filled
with oil, as the IFT between gas and oil was lower
than between gas and water. :

The process caused feeding the vuggy pore space
by oil and redistribution of oil, gas and walter in the
intergranular pore space. Due to the redistribution of
fluids and gas compression, the gas cycles were
inefficient in oil recovery. Figure 10 shows that these
features are common in gas injection cycles.

Subsequent water injection cycles.

Water invaded the smallest water-wet pores by
capillary diffusion and displaced gas and oil from
previously gas filled pores by double displacement
process because of wetting and spreading conditions.
Qil expelled from intergarnular pore space has
increased thickness of continuous oil films in oil-wet
vugyy pore network, which had been efficiently
drained to the formed oil bank ahead waterfront.

As aresult of multiple displacements gas had been
squeezed from the largest to the next to largest, oil
saturated pores. Therefore gas could be trapped since
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Fig. 10. Gas displaced water and oil from the largest vuggy pore
space. Mobility increase in water-front and oil banks in vuggy
pore space increase gas injectivity. Gas was forced Lo occupy
the largest water and oil filled pores, squeezing oil into vugg
pore space. Gas was trapped in intergranular pore space by
redistribution of phases in randomly distributed wettability for
each pore size,

water became wetting to gas in the more weakly oil-
wet pores. It is also expected that gas could be bypassed
in relatively larger pores as these pores were surrounded
by smaller, water wetting pore throats, from which water
could not be displaced by gas.

Obviously continuity of oil wetting films in both
pore networks made this process extremely efficient
in oil recovery on scales of pores and core scale.

Cycling of gas and water injection resulted in an
increasing-decreasing oscillation in the injection pressure.
Therefore within leading oil barik, gas saturation consisted
of trapped gas and formed slugs of free gas saturation.
The gas production profiles in Figure 11 show that the
slugs of free gas were produced before and after water
breakthrough. Oil expelled from intergranular pore space
was efficiently drained through the increased thickness
of continuous oil films.

Additional 10% of oil was produced between
water breakthrough and followed gas breakthrough.
Large quantity of gas had been retained efficiently
in intergranular pore network of randomly distributed
wettability for each pore size.

Water saturation model provides higher values for
oil in place contained in mesopores and micropores of
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Fig. 11. Banks of [ree gas produced ahead of gas breakthrough
suggested efficient oil expelling from intergranular pore space
into vuggy by water and gas invasion. 10% of il recovered
between water and gas breakthroughs suggested efficient oil
film flow in vuggy and intrgranular pore space and efficient gas
trapping and blockages in intergranular pore network of randomly
distributed wettability for each pore size.

intergranular pore space target for EOR technologies.
From this point of view, IWAG process could be
economically attractive. However the question is: could
IWAG efficiently recover oil contained in intergranular
pore space on large field scale application?

CAN WE EXPECT IWAG INJECTIVITY
ABNORMALITIES AND EXTEND THREE-
PHASE IWAG PHENOMENA
THROUGHOUT RESERVOIR IN THE
FIELD APPLICATION?

Well-documented three-phase phenomena can
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lead to abnormal injectivity losses in TWAG processes.
Substantial loss in water and gas injectivity observed
on core scale could potentially increase the injection
pressure, adding additional injection wells in the field
application. Reduction of water and gas relative
permeabilities from a situation when only water and
oil phases flow, to the situation where flows of water,
oil and gas are present, is important to consider for
the IWAG injectivity abnormalities, pressure profiles
within reservoir, and breakthrough of water. IWAG
efficiency could be restricted in the reservoir volume
around injection wells, where most of three-phase
phenomena would occur, potentially reducing benefit
of IWAG efficiency on the scale of field.

Therefore to predict IWAG behavior in the
reservoir from experimental displacement results, a
numerical simulation with an effective hysteresis
description of three phase (oil, water and gas) relative
permeability should be developed.

CONCLUSIONS

1. The technological research, experimental and
simulation studies are prerequisites for selecting the
right technologies for IOR. The integration of SCAL
and core-flood tests results supports implementation
of IWAG technology in a number of carbonate
reservoirs of identical depositional environment and
selective fabric-dissolution process. The process is
immiscible and it could potentially work well with any
other immiscible gases, at a significantly lower
pressure than required MMP.

2. Further theoretical, experimental and
simulation studies are required to provide
technological and economical feasibility such as:
selecting the right technology for the reservoirs, the
amount of increased hydrocarbon reserves on field
scale and reduction in unit production costs and initial
developments of maturing oil fields.

3. To achieve these goals, the reservoir must be
characterized from a variety of viewpoints with a
large number of parameters and with remarkable
degree of accuracy and consistency. All information
should be gathered and integrated to reduce
uncertainty, improve efficiency and help to select the
right technology for selected reservoirs.

4, Tree-phase phenomena could lead to abnormal
high injectivity losses in WAG process. Increasing
the injection pressure, adding additional injection wells,
and IWAG efficiency restriction in the reservoir
volume around injection wells, where most of three-

phase phenomena would occur, would potentially add
difficulties to apply IWAG successfully in fields.
Therefore a development of realistic cycle-dependent
three-phase relative permeability model from
coreflood tests by numerical simulation should be
performed.

5. Design of IWAG process by simulation should
include three-phase flow description through
development of an effective hysteresis description
of three-phase, cycle-dependent oil, water and gas
relative permeability.
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Abstract: An engineering feasibility study has
been conducted on a major oil field operated
by Waha Oil Company to determine the
feasibility of applying downhole oil-warer
separation technology (DHOWS) and to rank
the candidate wells within this field on the basis
of their suitability for a DHOWS installation.
With the current depletion strategy (or any
future developments), the nature of the GE
reservoir is such that, the remaining oil reserves
will have to be produced at high and constantly
increasing watercuts. Downhole separation and
disposal of produced water present a material
opportunity to improve the current and future
field performance.

A screening template was developed to review
the reservoir and well characteristics in more detail

* Waha Oil Company, Libya.

and to identify a list of candidate wells for the
possible implementation of DHOWS technology.
Several operational risks and concerns that exist in
respect of the candidate wells were identified.
Eighteen wells out of twenty four wells demonstrated

favorable reservoir and well characteristics and met

the initial DHOWS screening criteria. The screening
template may be used to evaluate other fields for
potential conventional DHOWS applications. A
preliminary design of a DHOWS application for three
wells is presented in this paper.

INTRODUCTION

It is widely known that the continuous increase in
the water-cil ratio hinders the oil production rate,
contributes to high operating cost and is a major source
of environmental concern to the oil companies. In
the past, the response of operators to increasing water
production rates was to go up to the top section of
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the reservoir in an oil well away from the rising water,
while trying to slow down the advance of water with
squeeze cement and cement plug techniques. The
oil industry experiences with these techniques have
shown mixed results. Meanwhile, if water cannot be
stopped and the cost of handling the water and
additional other costs exceed the revenue the operator
has to abandon the well despite the fact that significant
volumes of oil can still be produced.

The Centre for Engineering Research Inc. initiated
a feasibility study in 1991 to test a new technique to
reduce water-handling costs by reducing the volume
of water produced at the surface. This work produced
the idea of combining separation and pumping systems
downhole and simultaneous injection of the produced
water in the same wellbore. Matthews et al.!!!
presented a novel system for downhole separation
and re-injection of produced water in the same well.
The technique was applied to two wells in the Alliance
field and the results indicated an increase in oil rates.
Peachey er al.*I presented a brief summary of field
trials completed and the key results achieved, including
oil production increases, water reduction, predicted
increases in reserves recovery and main factors
affecting a successful DHOWS application. Shaw
et al.®indicated that The DHOWS technology could
be applied successfully in low risk wells. They defined
the risk as a function of workover cost and deferred
production; high risk therefore being a prolific well
with high workover costs. Scaramuzza et al.M
described the separation system implemented in Grey,
Red and Green sands of Barrancas formation, the
candidate wells selected, and the results of pilot field
trials. Li ef ! conducted indoor dynamic simulation
experiments to test downhole separation and injection

technique for a rod pumping well. Jokhio et al.l!
reviewed in some detail the economic parameters that
affect DHOWS and summarized the characteristics
of a waterflood operation that can benefit
economically from this technology.

The aim of this feasibility study is to determine the
technical and economical justification to use the downhole
oil-water separation system in the GE reservoir, to rank
candidate wells within this field on the basis of their
suitability for a DHOWS installation, and to develop a
screening template that can be used in the evaluation
process of oil fields for potential DHOWS applications.

RESERVOIR CHARACTERISTICS

The suitability of the GE reservoir for DHOWS
application was studied in terms of the observed/
demonstrated reservoir behavior. The GE reservoir
has been under primary recovery operations since
1964. The succeeding sections individually examine
each of the following reservoir characteristics:
reservoir description, drive mechanism, production
history, and water disposal/injection zone potential.

Reservoir Description: The GE reservoir is
located in the upper part of the G limestone, a
formation present in most areas of the Sirt Basin.
The formation lithology/depositional environment
can be classified as a nummulitic-shallow shelf
carbonate sequence with an aggregate formation
thickness of 1500 to 1700 ft in the highs and over
2000 ft in the troughs. The reservoir interval is
comprised of a shoaling upward sequence defined
by 4 main reservoir units. Table 1 presents reservoir

Table 1. GE reservoir — reservoir unit facies/lithologic descriptions.

Name Dominant facies Dominant texture Vugs
Shoal 1 Wackestone w/ whole numulites Mud- dominated packstone (45 %) + | 15 % Touching
Grainstone (20 %) 35 % Separated
Shoal 2 Nummulitic wackestone + nummulitic Mud-dominated packstone (45 %)+ |20 % Touching
packstone Grain-dominated packstone (30 %) |20 % Separated
Shoal 3 Nummulitic packstone Grain-dominated packstone (60 %) + |30 % Touching
Mud- dominated packstone (25 %) 15 % Separated
Shoal 4 Nummulitic packstone +bryozoan packstone | Grain-dominated packstone (50 %) 10 % Touching

15 % Separated

Nummulites

Lower 1 Bryozoan packstone Grain-dominated packstone (65 %) |5 % Touching
30 % Separated

Lower 2 Bryozoan packstone Grain-dominated packstone (65 %) |0 % Touching
10 % Separated
Lower 3 Nummulitic packstone Grain-dominated packstone (50 %) + | 10 % Touching
Grainstone (40 %) 30 % Separated
Basal Nummulitic packstone + packstone w/ Large | Grainstone (85 %) ~0 % Touching

~0 % Separated

Sub-basal | Not defined

Not defined
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unit facies/lithologic descriptions. The GE reservoir
is a highly undersaturated oil reservoir producing
under the influence of a strong natural water drive.
In spite of the strong natural water drive, there has
been significant decline in reservoir pressure over
the last 37 years. Also, available pressure data indicate
that the pressure decline is not uniform over the entire
reservoir volume. Historical and recent RFT data
suggest that there are pressure differentials existing
across some of the lower reservoir sub-units.

DHOWS Suitability: The reservoir drive
mechanism is highly favorable for DHOWS
applications. Presences of bottom water drive as well
as edge water drive affecting reservoir performance
suggest the following two potential DHOWS water
disposal/injection options:

1. Into formerly oil producing sub-units that have
watered out under the influence of the edge and
bottom water drives;

2. Into the reservoir sub-units which comprises
a portien of the connected water aquifer responsible
for the water influx.

In either case, the water disposal/injection will,
most probably, help to supplement the already strong
natural water influx and the reservoir pressure,

Production History: Initial production from the field
began in 1964. Production peaked at 250 MB/D of oil
and immediately went on decline. This is coincident with
the first observation of significant water production in
the field during 1966. During the early 1980’s a program
of well shut-ins/cutbacks was executed, reducing
produced liquid volumes to ~140 MB/D. In the late
1980’s early 19907, reservoir liquid withdrawal rates
were increased to ~300 MB/D and maintained to the
present day. After 36+ years on production, at steadily
increasing watercuts (which have been in excess of 75
% since the late 1970’s), some 250 MB/D of water
from the reservoir is being produced to surface for
separation, treatment, and eventual disposal. Given the
vintage of the producing wells, there are some concerns
regarding the mechanical integrity of the wellbores. The
producing field water cut and the large absolute volumes
of produced water brought to surface are both clear
indications that the GE reservoir warrants further
consideration as a potential DHOWS application
candidate. Reservoir and fluid properties of GE reservoir
are presented in Table 2.

Oil Reserves. With a recovery factor of 40+
% of OOIP realized to date, it is important to consider

Table 2. Reservoir and fluid properties of GE reservoir.

Reservoir properties

Top GE 2670-2770 |fikb

Initial pressure (datum) 1176 psig @ 2410 ft ss
average pressure (datum) 764 psig

Reservoir Temperature 131 F

Field average free water 2610 fi ss

level

Structural dip 0.5 ¢

Closure (main) 2342 ft ss

Reservoir productive areg) 5660 acres

Oil properties

Reservoir oil density 0.81 g/ce (at 1176 psig,
131 °F)

Stock tank oil density 0.83 g/ce

Qil viscosity 2.59 cp (at P1)

B, (flash separation) 1.038 RB/STB

B, 1.046 |RB/STB

Solution GOR 41.2 SCF/STB

Separator gas gravity 1.046 (air=1)

Oil compressibility 6.75 10 psi!

Bubble point pressure 140.3 psig (131°F)

Initial formation water

Properties

Chlorinity 6134-9800 |ppm

Salinity 15000-19440 | ppm

Resistivity 0.466-0.381 | Ohm.m (at 68°F/20°C)
Density 1.01 gfee (68°F/20°C)
Viscosity 1.052 cp (68°F)

what amounts of incremental oil recovery are still
available to the existing primary recovery operation.
Under existing primary recovery operations, and even
in the case of numerous possible developments for
incremental recovery, a considerable amount of the
reserves is still left to be recovered for the next 30
years (to 2030); all of these results confirm that a
more thorough assessment of potential DHOWS
applications in the GE reservoir is warranted.

Water Disposal/Injection Zone Potential:
Several proximal but unproven water disposal/
injection zones have been identified that require
further evaluation before they can be considered
acceptable for DHOWS applications.

WELL CANDIDATE CATEGORIES

The following sections evaluate the suitability/
applicability of DHOWS with respect to the well
characteristics under consideration. It is important
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to remember that in assessing a well’s suitability
for DHOWS applications, its characteristics must
be assessed several times, and a suitable candidate
well must be shown to meet or exceed the minimum
acceptance criteria for each of the well
characteristics that are considered. The GE
reservoir wells are divided into 9 different
categories as presented in Table 3.

Table 3. DHOWS candidate well group descriptions.

Category |# Wells | Description

A 54 currently producing from the GE

Bl 16 previously produced from the GE
currently not on production

B2 6 previously produced from the GE
have been recompleted in a reservoir above the GE
currently not on production

B3 3 previously produced from the GE
have been recompleted in a reservoir above the GE
currently on production

B4 1 previously produced from the GE
plugged and abandoned

Cl 23 penetrates, but has never produced from the GE
currently not on production

(G2 44 penetrates, but has never produced from the GE
producing from a reservoir above the GE

3 27 penetrates, but has never produced from the GE
producing from u reservoir below the GE

C4 17 penctrates, but has never produced from the GE
plugged and abandoned

Total 203

Well Characteristics. This part of the evaluation
is more quantitative than the evaluation of the
reservoir characteristics, and if done thoroughly, and
supported by sufficient data, will identify almost all
of the inputs required for the evaluation of potential
DHOWS.

The well characteristics that have been addressed
in this part of the evaluation are as follows: current
water cut, offset distance, water disposal/injection
zone potential, wellbore size and geometry, well
history, wellbore isolation, inflow potential, and
artificial lift performance.

DHOWS Watercut Threshold: The physical
limitations of the liquid-liquid hydro-cyclone
separation process determine the minimum
producing watercut required for efficient
separation of the produced oil-water stream. By
setting a minimum of 75% threshold watercut for
consideration of DHOWS applications (single stage
separation) in candidate wells producing from the
GE reservoir, Figure | shows water cut cumulative
frequency.
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Fig. 1. Watercut cumulative frequency.

Production Zone and Water Disposal/Injection
Zone Offset: The consideration of offset distance is
more of assessing operational risk to which a candidate
DHOWS application might be subjected, as opposed to
determining whether or not a candidate DHOWS
application is possible (unlike for current watercut,
wellbore size, and water injection zone potential). Within
individual candidate wells, as was the case for the
candidate reservoir as a whole, a larger offset distance
is preferred as it tends to mitigate/lessen the operational
risks associated with: 1. cooling of downhole motors in
the specific case of GE producers which are configured
with ESP’s and whose DHOWS applications under
evaluation would maintain the current method of artificial
lift — this can be “shrouded” away, but may reduce the
maximum amount of horsepower and flow capacity of
the gallery of bypass tubes that are available for a
candidate DHOWS.

2. re-circulation of disposed/injected water into
the production zone in the near wellbore region. Figure
2 shows offset distance cumulative frequency for
GE reservoir.
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Fig. 2. Offset distance cumulative frequency.
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Water Disposal/Injection Zone Potential:
The assessment of water disposal/injection zone
performance addressed two important
considerations:

(1) design constraint(s) for potential DHOWS
applications in respect of the candidate water
disposal/injection zone.

(2) characterization of the relationship(s) which
govern the water disposal/injection rate accepted by
the candidate zone.

The candidate water disposal/injection zone
performance has the largest impact on the
specifications for DHOWS equipment designs, most
notable of which are:

(1) Tt determines the number of injection and (if
necessary) production pump stages.

(2) It establishes minimum horsepower
requirement.

(3) It influences overall equipment length and
determines the required offset distance between
producing and disposal zones which is required to
avoid the necessity for equipment designs with
shrouded motor sections.

Zone Characterization: The uncertainty
regarding the characterization of the candidate water
disposal/injection zones identified at the reservoir level
is confirmed from an examination of the DHOWS
candidate well data.

Wellbore Size and Geometry: The wellbore size
and geometry are important considerations governing
the engineering design of potential DHOWS
applications. The production casing sizes and setting
depths and their relationship with the production and
water disposal/injection zones have a direct impact
on DHOWS equipment rated capacity. Having
completed a review of the well size and geometry of
the DHOWS candidate wells, the results can be
summarized as follows:

(1) 31 % of the candidate wells lack production
casing over the target production zone and as such
are no longer considered to be high graded DHOWS
candidate wells at this time (potential exists to deepen
and install cemented liners in place for the 9 5/8 inch
cased wells);

(2) of the remaining candidate wells, 35 % are
completed with 9 5/8 inch, 18 % with 7 inch, and
11% with 5 inch casing over the target production
zone (the wells completed with 5 inch production
casing over the target production zone are not
considered to be DHOWS candidates at this time);

(3) the DHOWS candidate wellbores are vertical
wells which exhibit little deviations.

Well Workover History: As a part of the
screening of an individual well, it is important to review
the candidate well’s workover/completion history. By
identifying problematic wells or wellbore conditions,
the likelihood of the long-term success of a DHOWS
application can be increased. The cement bond also
should be checked as part of casing leakage
evaluation.

Wellbore Isolation: The utilization of two or
more zones (in most applications) for the production
and disposal/injection of reservoir fluids increases the
requirement for hydraulic isolation, in the vicinity of
the wellbore, between the production casing and
surrounding reservoir units.

Inflow Potential: An examination of the
candidate well’s inflow performance behavior was
addressed utilizing several complementary
viewpoints. In respect of a final DHOWS evaluation
design, a candidate well’s inflow performance (IPR)
is an integral portion of the nodal analysis that is the
basis of any DHOWS design. In this case, the IPR
serves to quantify the dynamic behavior of the sole
fluid source for a candidate well.

Artificial Lift Performance: ESP systems are
the sole artificial lift application present in all of the
DHOWS candidate wells. Figure 3 shows ESP run
life in the GE reservoir. The installed ESP system
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Fig. 3. ESP run life in the GE reservoir.
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design, subsequent operation, and logistics in respect
of any associated infrastructure will have some
effect on the operational reliability of a potential
DHOWS application. A DHOWS application
equipped with ESP artificial lift system behaves very
much like a conventional ESP application except for:
(1) the direction of flow out of the pump, (2) the
attached hydro-cyclone liners, (3) the extra plumbing
to direct the hydro-cyclone overflow to surface.

EQUIPMENT DESIGN AND
INSTALLATION

A significant number of operational risks and
uncertainties have been identified as part of the
evaluation of reservoir and well characteristics
(primarily the uncertainty of the disposal/injection
zone quality) for the DHOWS candidate wells. To
prepare templates for DHOWS equipment designs
and installation procedures would be the most
appropriate once a water disposal/injection test has
been completed on one or more of the candidate
wells. To illustrate the impact of key design
parameters and their associated inputs/constraints,
several preliminary DHOWS equipment designs for
a candidate DHOWS well are presented. The
analysis has been summarized in the following
sections: candidate well ranking, design inputs and
constraints, DHOWS designs.

Candidate Well Ranking: The well ranking
scheme utilized at this stage of the evaluation was at
best only partially quantitative. Ranking
characteristics and weights are presented in Table
4. The ranking system was implemented as follows:

Table 4. Category “A” wells - cundidate ranking scheme.

Ranking characteristics Weight

()
Current watercut 10.0
Wellbore size and geometry 25.0
Water injection zone potential 15.0
Inflow potential 20.0
Offset distance 15.0
Oil reserves 75
Well history 7.5

1. Only the well characteristics were addressed
by the ranking scheme.

2. For each well and sub-well characteristic

(some wells had more than one quantitative

characteristic included), as many as 7 possible
designations were assigned (NC = no candidate,
this well characteristic is of such a state that the
well cannot be considered as a candidate without
considerable/costly well construction/intervention;
blank = no data available, the well can still be
considered as candidate based on the other
characteristics; 5 to as low as 1 (best to worst) =
a numerical ranking approximately ordering the
candidate wells with available data for that
characteristic into 5 groups where possible).

3. With the aim of maximizing the liquid and
associated oil throughput from a DHOWS application,
a weighting scheme to combine these rankings into a
total score with the largest total score indicative of
the “best” DHOWS candidates. (The blanks having
been treated as zeroes in the linear combination of
the characteristic ranks)

4. The data have been rank ordered according
to this total score (as opposed to by well name) to
highlight at this preliminary stage of the feasibility
study which wells are expected to exhibit the best
overall combination of well characteristics when
applying DHOWS.

Of the original 54 DHOWS candidate wells,
36 of the wells are believed to exhibit well
characteristics that would require to relegate them
from immediate consideration. Again, it is the
evaluation team’s belief that these NC
characteristics would require that these candidate
wells undergo significant well construction/
modification before the NC was upgraded to a
relative ranking. Because of this, they have been
dropped from further consideration for this study.
Table 5 presents Ranked Candidates. Rather than
isolate the top 5 DHOWS candidate wells for
further examination, it is decided to select 3 more
wells from the remaining inventory of 18 that to
some extent were representative of the range of
circumstances/well characteristics present in the
entire well inventory. The wells selected are as
follows: E-001, E-038, E-095.

Design Parameters and Constraints:
Before undertaking a DHOWS design, it is
somewhat beneficial to document at the first place
the relevant design inputs and, where necessary,
identify any constraints that might apply in respect
of an actual design that must be worked up prior
to actually preparing the design. In addition to the
well constraints (watercut, wellbore size/geometry,
drawdown, fracture pressure, and operational risks
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Table 5. Ranked candidates.
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Well Water cut | Wellbore. Well Inflow Offset Injection Remainin Total
rank size & G history polential distance Zone £ reserves score
rank rank rank rank potential rank
rank
E-001 4 3 5 5 5 4 5 4.35
E-033 4 5 3 5 3 4 5 4
E-035 4 3 5 5 3 5 5 39
E-038 4 5 5 4 | 4 4 3.675
E-094 1 5 5 1 5 4 1 3.65
E-278 2 5 5 3 4 2 3 345
E-037 1 5 3 4 4 3 3.325
E-095 2 3 5 3 2 5 4 3.275
E-275 1 5 5 2 2 4 3.225
E-036 2 5 3 3 4 5 3.2
E-072 3 3 5 4 5 4 3.175
E-025 1 5 3 3 3 3 2 3.125
E-031 2 5 5 I 5 4 3.125
E-299 1 3 5 2 3 2 1 3.05
E-040 1 5 3 5 2 2 2.875
E-092 2 3 5 2 3 2 2.625
E-054 3 3 3 1 1 3 1 2.55
E-066 1 3 5 1 1 3 i 2.3

— wellbore isolation, wellbore integrity, and artificial
lift run life), there are other DHOWS equipment
related constraints that must be addressed these
are: motor horsepower and bypass tube velocity.
Table 6 presents the motor horsepower limitations.
It is essential that the relevant constraints be
identified and quantified before the design is made
in order to ensure that a design that is produced is
consistent with the constraints and good
engineering practice.

Table 6. Motor horsepower limitations.

DHOWS Designs: The preparation of a
DHOWS design, like most downhole equipment
designs, requires a considerable amount of data and
oversight in order to ensure that an internally
consistent, reliable, and operable equipment
specification is the final result. The DHOWS designs
completed in the course of preparing this report were
developed as follows:

1. The required design data were collected in a
summary input data sheet;

Equipment series | Max single motor HP | Single motor length [ Max total combined HP Max # of Minimum Casing Size
@ 60 hz (ft) @ 60 hz motors *)
combined
456 150 30.7 450 3 5.5, 7 shrouded
340 250 30.4 750 3 7
562 450 34.9 900 2 9.625, 9.625 shrouded

2. The input data sheets were vetted and the
inputs for each data element were compared with
data for the DHOWS candidate well population, after
which the relevant design constraints applicable to
each of the candidate wells were searched and
documented:

3. Inthe absence of accurate injectivity indexes,
all designs were created using an estimated value
calculated from the medium permeability estimates
for the Lower 3 and Basal reservoir intervals;

4, The individual designs were created to

maximise the production, within the bounds of the
design constraints.

Table 7 summarizes the DHOWS design for this
candidate well in relation to the 5 dominant system
constraints (CAPsep — hydro-cyclone capacity, HP
— motor horsepower, VELbp — bypass tube velocity,
DD — drawdown, Pfrac — formation fracture
pressure). Figure 4 shows DHOWS Diagram.
Having prepared a series of concept proof equipment
designs for DHOWS candidate wells, the following
summarizes the findings:



112 Mohamed A. Alhoni

Table 7. DHOWS design inputs.

Description Value Units
General information

Casing size 9.625 inch
Casing weight 40 (est.) 1b/ft
Casing condition/impairment/doglegs uncertain
PBTD/TOC 2779 ft KB
Liner and interval NA ft KB
Tubing size (OD) 3.5 inch
Tubing weight 9.3 (est.) Ib/ft
Tubing landing depth To be determined ft KB
Current method of artificial lift ESP
Power To be determined hp
Voltage available \%
Frequency 50 (est.) Hz

Producing data

Formation and type (e.g. carbenate, sandstone, etc.)

Shoal 1 and 2 (carbonate)

Production perforation interval{s) — MD (1967) 2710-2730 ft KB
Production perforation interval(s) - TVD 2710-2730 ft KB
Anticipated production rate
Oil rate 1200 BBLD
Water rate 18800 BBLD
Total [luid rate 20000 BBLD
Wellhead pressure (for the casing) ~100 psi
GOR 20 SCF/BBL
Bubble point pressure 140.3 psi
Stock oil density 0.83 gfce
Reservoir oil density @ 1176 psig, 131 deg. F 0.81 gfce
Oil viscosity @ 1176 psig, 131 deg. F 2.59 cp
Water density @ 68 deg. F 1.01 gfce
Bottomhole temperature 131 F
Producing bottomhole pressure @ mpp 487 psi
Producing fluid level [rom surface (mD) To be determined fi KB
Static bottomhole pressure (@ mpp 790 psi
Producing wellhead (for the tubing) pressure ~100 psi
Liquid productivity index (estimated) 66.208 BBLD/psi
Abrasives, Scale, CO», H,S, asphaltenes, waxes Ha.8 =5.22%: CO,=30%
Chlorides and concentrations 19 100 ppm

Anticipated water injection zone data

Formation and type (e.g. carbonate, sandstone, etc.)

Lower 3 and basal — carbonate

Injection perforation interval(s) — mD 2904-3022 ft KB
Static injection zone pressure @ mpp 895 psi
Sandface injection pressure To be determined psi
Estimated fracture gradient 0.65 psi/ft
Injectivity index (estimated) 40.0 BBLD/psi

Notes:

Injectivity index based on mid k of 88md skin —4. Cement will have to be drilled out to access the Lower 3 + Basal zones.

1. Of 54 Category “A” DHOWS candidate wells,
only 18 were deemed to exhibit sufficiently robust
wellbore characteristics to be considered for further
evaluation at this stage of the examination of potential
DHOWS applications;

2. Ofthe 18 remaining DHOWS candidate wells,
only 3 were selected for preparation of detailed proof
of concept DHOWS equipment designs;

3. With the exception of well E-038, the remaining
DHOWS candidate wells have an equipment related
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Fig. 4. DHOWS diagram.

limiting design constraint (hydro-cyclone separator
capacity);

4. The drawdown limiting design constraint
evidenced in well E-038 is not unexpected in the case
of DHOWS candidate wells with low PI’s;

5. The separator capacity limiting design
constraint evidenced in wells E-001 and E-095 is not
unexpected in wells with large PI's — especially for
small diameter wellbores, (however, not unexpected
in large diameter wellbores as well);

6. The design for the well E-095 appears to be
extremely robust with minimal anticipated mechanical
strain; therefore, a long run life would be anticipated.

CONCLUSIONS

1. Based solely on the DHOWS watercut
threshold of >= 75% , some 88.7% of the candidate
wells are identified as potential DHOWS candidates;

2. The injection indices, a critical parameter in
specification of DHOWS designs, of the candidate
wells are not adequately defined by the existing data

set, and can only be better defined by undertaking
one or more properly designed and executed injection/
disposal tests;

3. 31 % of the candidate wells lack production
casing over the production zone and, therefore, are
not considered as high quality DHOWS candidates —
335 % of the candidate wells are completed with 9.625
inch and 18 % with 7 inch casings, potentially
permitting the installation of 20 and 10 MB/D capacity
DHOWS systems respectively;

4. The majority of the candidates have some type
of downhole obstruction (TOC or bridge plugs) that
give rise to some form of operational risk in gaining
access to the targeted disposal/injection zone(s);

5. Casing leaks are a persistent and recurring
problem and represent an operational risk to the
potential DHOWS candidates, these leaks appear to
be increasing in frequency with time.

6. Of the 54 candidate wells, 18 demonstrate
favourable reservoir and well characteristics and
meet the initial DHOWS screening criteria, and have
been rank ordered accordingly. The remaining 36
wells exhibited some unfavourable well characteristics
which required the evaluation team to remove them
from immediate consideration.

ACKNOWLEDGEMENT

I thank the Management of Waha Oil Co. for
permission to publish this work.

REFERENCES

[11  Matthews, C, M., Chachula, R., Peachey, B. R., and
Solanki, S. C., 1996 (June). Application of downhole
oil-water systems in the Alliance field. Paper SPE
35817-presented at the third International Conference
on Health, Safety and Envirnment in the Oil & Gas
Exploration and Production, New Orleans.

[2] Peachey, B. R., Solanki, S. C., Zahaacy, T. A., and
Piers, K., 1998 (July). Downhole oil/water separation
moves into high gear, J. Canad. Pertrol Technology,
37 (7) 34-40.

[31 Shaw, C., and Fox, M., 1998 (Oct). Economics of
downhole oil-water separation: A case history and
implications for the North Sea. SPE 50618 presented
at the 1998 European Petroleum Conference, The
Haige, the Netherlands.

[4] Scaramuzza, J. L., Fischetti, H., Strappa, L., and
Figliuolo, S., 2001 (March). Downhole oil-water



114

Mohamed A. Alhoni

separation system-field pilot-secondary recovery
application project. Paper SPE 69408 presented at
the SPE Latin America and Caribbean Petroleum
Engineering Conference, Buenos Aires, Argentina.
Li, X., Song, K., Cao, X., Xu, W., and Zhu, Y., 2002
(April). Research of downhole separation and
injection technique for rod pumping well. SPE 68719

(6]

presented at the SPE Asia Pacific Qil and Gas
Conference and Exhibition, Jakarta, Indonesia.
Jokhio, S.A., Berry, M.R., and Bangash, Y.K., 2002
(April). DOWS (Downhole Oil-Water Separation)
Cross-Waterflood Economics. Paper SPE 75273
presented at the SPE/DOE Thirteenth Improved Qil
Recovery Symposium, Tulsa, Oklahoma.



Petroleum Res. J. Vol. 18 (2005); P. 115-122, 9 Figs.

Water Shutoff Polymer/Gel Treatments for Oil or Gas Production Wells

A. Zaitoun, R. Tabary and N. Kohler*

Ul g ey 3l Aatial) LU slall Jga adal Polymer/gel aladialy dpllaa

B INGTITE T IRt TS

( DPRs ) (ASiall e dpnlall Qs des olastial e elall Jodn ata 38 5k 5 adl i il agaall ading
ol a3l Al A0l Al o Lall Apill Ap0a gl SIS < jadd sl 5 Adsecall Al 3 gall JURY Jare e
Gledl deadfiaall Bl 45 5lEa lds HLEA) ga 5 Jde gy Aa fdal) A8laidl) (81 G el sl jlad)

S il O e s A

ol it e sale o g elall 8 M ALE < pad g 8y DPRS (e gl o il dgaall claiia o

S il Gl slasll oha 5 lall o ol Aaen o i alad) g0 elall daal (ealaddl ol 3 Bl Y G
s slall 55l sl e b3 sime Yisa ALals gl e 3 S Jaigp Al o das Qi i 3 ) 5SS

sy 0al&all 5 LY o)l e a5 (530 (8 gl il dgaadl i e el J5A e il Gk

Il Falle i Pt B s

sllaay 2ol 4S5 Cpatl laxa Jad Y zlad L Cum dals Al JS1 Gy o cony Asllaal) apenss
Lgdm 5 o Analill Afiall WIAD (o de gane dighy Dl aan 8 aSaill Jalal WSO 735 aladinly 4iake
Lladall adatia elally il U gAY SN cu 3l W 5l UL GBledy Lo

Abstract; IFP water shutoff technology is based
on the use of Disproportionate Permeability
Reducers (DPRs), i.e. polymers or weak gels
that reduce selectively the relative permeability
to water with respect to the relative
permeability to oil or to gas. The products
are usually injected into the whole open
interval, without zonal isolation, which is a
very attractive option compared to plugging
gels proposed by service companies. IFP DPR
products are water-soluble polymers, which
are either swelled or weakly cross-linked in-

* Institut Frangais du Pétrole (IFP), France.

situ to increase permeability reduction to
water, without impairing oil or gas
permeability. The chemicals have been
chosen to have minimal environmental
impact. Each combination covers a specific
domain' of temperature and salinity.

IFP water shutoff processes have been applied
in a broad range of well and reservoir conditions,
thus showing a high potential for future
developments. Treatment design has to be adapted
to each specific case. It requires both laboratory
work to optimize gel formulation, and reservoir
simulations with an in-house WSO model, to size
up gel siug and gel strength. Several successful

field cases are described, including gas wells,

heavy-oil horizontal wells, and multi-layer water-

flooded wells.
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INTRODUCTION

Excessive water production is often due to
water channeling in the part of the reservoir
surrounding the well-bore, making oil production
inefficient and sometimes uneconomical. Figure 1
shows a typical case, i.e. a two-layer reservoir
well with a strong permeability contrast (for
example 1 to 10), and a horizontal barrier which
prevents cross-flow. Since the high-permeability
layer is swept first by water, it has a tendency to
overtake the oil production from the low-
permeability layer. This situation calls for a
treatment which intends to decrease water influx
from the high-permeability layer, thus favoring low-
permeability layer production.

When the different layers are clearly separated
and workover costs are acceptable, the sealing of
the watered-out layer with packer, cement or
strong gels, placed with mechanical tools, is the
best option. Nevertheless, in practice, the operator
has to face several problems like poor identification
of water zones, multilayered production,
unfavorable completion (gravel pack, slotted liners,
etc.) or excessive workover costs (offshore wells,
marginal wells). All these issues, plus the recent
development of horizontal, multilateral, sub sea
wells (where mechanical intervention is costly and
risky) call for more bullhead treatments in the
future. One viable technique, confirmed by
numerous field successes, is the use of “Relative
Permeability Modifiers” (RPMs), i.e., high-
molecular-weight water-soluble polymers or weak
gels, which reduce selectively the relative
permeability to water with respect to the relative
permeability to oil or to gas (Fig. 2)!!I, These
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Fig. 1. Principle of RPM treatment.
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Fig. 2. Modification of relative permeability after polymer
adsorption in water-wet sandstone.

products are generally bullheaded into the existing
completion without zonal isolation, which makes
their use very attractive.

Since 1980, more than 100 well treatments have
been performed worldwide with IFP RPM processes.
This paper describes these processes and reviews
some field applications.

IFP PROCESSES

IFP processes use non-toxic high-molecular-
weight water-soluble-polymers which can be either
swollen or weakly cross linked in-siru. Each
process covers a certain domain of temperature
and salinity (Fig. 3).

Process A

Applicable in low-salinity, low-temperature
matricial reservoirs, the process consists of injection
of hydrolyzed polyacrylamide dissolved in a high-
salinity make-up brine. After production release, low-
salinity formation water replaces progressively
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Fig. 3. Domains of application of IFP processes.
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injection brine and swells the polymer adsorbed on
pore walls. Advantages of this process are a low
viscosity during injection, a high level of polymer
adsorption on reservoir rock and a high permeability
reduction to water. Moreover, the use of single
polymer instead of gel reduces the risk of well
impairment. For more details the reader is referred
to Zaitoun, et al., 199113,

Process B

It consists of nonionic polyacrylamide injection with
either a caustic swelling agent (that hydrolyzes the
polymer in-sitit) or an organic cross-linker. For higher
temperatures, acrylamide copolymers can be cross
linked by zirconium lactate. A process description with
different options is given.™*?!

Process C

Applicable in high-temperature matricial
reservoirs, the process uses scleroglucan, a
polysaccharide with strong shear-thinning rheology
and excellent thermal stability. Polymer swelling
can be simply obtained by the release of shear
forces between high injection rate and low
production rate. The polymer can be weakly cross
linked by zirconium lactate. Process description is
given, 143l

METHODOLOGY

The preparation of a RPM water shutoff treatment
requires a laboratory study and numerical simulations
(for example with the specific reservoir software
designed by IFP, namely, ATHOS).

The laboratory study aims at (1) optimizing
chemical formulations, and (2) determining input data
for the simulations (polymer adsorption and end point
relative permeabilities before and after polymer
treatment).

Numerical simulations are run in three phases,
i.e. (1) establishment of a history match of
candidate well fluid production with a simplified
near-wellbore reservoir description, (2) simulation
of polymer or polymer/cross-linker injection, (3)
post-treatment production forecasts. Numerical
simulations aim at sizing treatment slug volume,
optimizing polymer characteristics and (or) gel
strength, and evaluating after treatment expected
performances.

FIELD CASES
Different field cases are discussed here below.

1) Gas Storage Wells: Treatments of Sandstone
and Limestone Reservoirs (France)

Several water shut-off treatments on gas storage
wells in sandstone reservoirs have been performed.
Well treatments based on RPM technology have
proven to be effective in most cases.!*"!

For example the treatment of well VA 48 of the
Cerville-Velaine Gaz-de-France gas storage reservoir
by Process A reduced the water/gas ratio for at least
3 years. The main characteristics of the well
treatment are shown in Table 1. The treatment is
documented.™®

Another Gaz-de-France candidate well from
Saint-Clair-sur-Epte gas storage limestone reservoir
was proposed for a polymer treatment. The formation
consists of a superposition of alternating high-
permeability grainstone layers (k =0.7 um?) and low-
permeability packstone layers (k = 0.01 wm?) (Table
1). Due to the higher formation brine salinity, Process
B was chosen, combining polyacrylamide (polymer)
and KOH (activator). It was concluded from
numerical simulations and laboratory tests that the
optimal RPM slug volume was 200 m* and that
injection had to be done in the zone below a formation
packer located in the middle of the pay-zone.

Unexpected compatibility problems between the
bactericide and the swelling agent induced a
premature cross-linking of a part of the polymer in
both surface installations and in the wellbore. Polymer

Table 1. Treatments of gas storage wells.

Chissictatiatios Sandstone reservoir
’ VA 48 VN 21

Limestone reservoir

Reservair parameters
Lithology )

Thickness {m})
Permeability (pm®)

Brine salinity (¢/L TDS)

Massive sandstone
60

0.1-1 (top 55 m)
25 (bottom 5 m)

Layered limestone
28

grainstones: (0.7
packstones: 0.01

Temperature (°C) 0.972 14
30 36
Treatment
RPM process Process A Process B
{HPAM + salinity gradient) |[(PAM + KOH)
Polymer concentration (ppm) | 3000 2000
Brine salinity (/L TDS) 82 river water
Injected volume (m®) 700 200

Results

Waler/gas ratio 4

Water production strongly
reduced

Gas injection/production
unchanged

Gas productivity
improved

Water production rate
divided by 3
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injection was nevertheless continued without swelling
agent but with a reduced injection rate and followed
by fresh water post flush.

After two years, where no significant reduction
of water production was observed, the well started
to behave much better and maintained these good
performances for more than ten years (Fig. 4).
Today, water annual production is 1/3 of the value
before treatment, and, concerning gas productivity,
the well, which was one of the worst in the storage,
became one of the best. The delay in well response
to the treatment is not well understood yet. It may
be due to make-up water back up production.”

2) Horizontal Wells: Treatments in Pelican
Lake and South Winter Fields (Western
Canada)

Four heavy-oil horizontal wells from Pelican
Lake field, namely wells 11-15A, 11-15B, 14-10A
and 14-10B, were treated by Process B (Table
2).181 Although the same injection procedure was
applied, i.e. bullheading the chemicals into the

Table 2, Horizontal well treatments in Pelican Lake and
South Winter.

Characteristics Pelican Lake South Winter
Reservoir Parameters
Horizontal length (m) 500 800
Lithology Wabiskaw sand | Dina sand
Permeability range (um®) > 1 3-5
Aquifer very weak very strong
Oil viscosity (mPa-s) 1000 3000
Brine salinity (L TDS) |10 52
Treatment
RPM process Process B Process B
(PAM + KOH) |(PAM + Glyoxal)
Injected volume (m*) 60-110 400
Injected viscosity at 9.5 57
(mPa-s) 50 15
Results
Water cut (%) 85-90 — 50-70 |95 — 80
( 2 years) (2 months)

slotted liner drainhole, only well 11-15A gave a good
response. After treatment, the water cut dropped
immediately from 85 to 50% and remained low
afterwards (Fig. 5). For this well both an increase in
oil production and a decrease in water production
were observed for two years following the treatment
(Fig. 6).

For the three other wells, the response to the
treatment was much weaker, although positive. A
possible explanation for this difference in behavior,
could be the less favorable placement of the polymer.
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Fig. 4. Effect of polymer treatment on gas well VN-21 (Gaz-de-
France, France).

{m?) Trnalrnenl
100 -

.......... — 20%

lhﬂl”ﬁl1nﬂhﬂﬂ“%

Fig. 5. Pelican Lake well 11-15A production history (CS
resources, Canada).
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Fig 6. Pelican Lake well 11-15A cum. oil vs. cum. water curve
(CS resources, Canada).

Indeed, horizontal well profiles (Fig. 7) show that the
lowest points of the drainhole (corresponding to higher
water saturation) are at the heel for well 11-15A and
further away for the other wells. Probably, for these
wells, an appreciable amount of polymer invaded oil
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Fig 7. Pelican Lake well trajectories (CS resources, Canada).

productive zones before reaching water zones, thus
making the treatment less efficient.

Another horizontal well, B 4-10 from the South
Winter field, was treated by Process B. This well
was producing heavy oil from a high-permeability
sand reservoir lying above a very active bottom
aquifer. Bottom water coning was responsible for
the high water cut, rendering the production
uneconomic. It was decided to perform the
treatment in two steps, bullheading the first half
of the injected polymer volume through a tubing
placed at the heel of the horizontal slotted liner
and the second half at the toe. Due to the high oil/
water mobility ratio, it was estimated that the
polymer would invade the water zones
preferentially.

After treatment, the water cut decreased from
95 to 80% for 2 months and then slowly increased
again to reach the economic productivity limit. It was
concluded that polymer diversion to water zones was
well achieved. However, the treatment effect did not

Table 3. Main characteristies of well treatments in Chagirtsk.

last due to the presence of a strong bottom aquifer
and a too weak gel formulation.

Table 2 summarizes the treatments of the
horizontal wells in both fields.

3) Multilayer Water Flooded Wells: (A)
Treatments in the Chagirtsk Field/Sandstone
Reservoir (Russia)

A number of wells from the Chagirtsk field were
treated by Process B. Candidate wells were selected
on the basis of the existence of layering and
permeability anisotropy. In this extensively water
flooded field, Bobrick 2 (Bb 2) is the main oil
producing interval. All wells are usually perforated
over the total height of the sandstone reservoir.
Nevertheless, some of the wells are also producing
from the upper Tula 2b (T1 2b) and Bobrick 1a (Bb
la) intervals. Prior to polymer treatment, a water
injectivity logging test was performed on each
candidate well. For all wells except two, the injected
water entered the Bb 2 reservoir. The exceptions
were wells C 325 and C 1160, where brine injection
affected respectively the top of reservoir Bb 1a and
the total height of the reservoir Tl 2b (Table 3).

Process B was usually implemented in two
sequences: first, a single polymer treatment aiming
at diverting the gelant, then, the gelant itself, which
is assumed to enter preferentially the more permeable
water-bearing layers.

The size of each sequence is deduced from data
such as reservoir thickness, injection rate, wellhead
pressure during water injectivity test and production
prior to the treatment.

Table 3 shows that for both wells C 325 and C 1160
the volume of the second sequence was much larger
than for the other wells. This was done in order to reduce

Perforated interval S Treatment
(m) Water injectivity test_ (m?)
Well Layer
n2s [ovia o2 [rom | Se [ P Tadke —[Pobmerslon] Fmer

C 2131 - - 10 10 116 11000 |Bottom Bb2 50 42
C336 - - 11 i1 286 10 000 |Total Bb2 50 33

C 1143 - - 9 9 208 8000 |Bottom Bb2 44 42
C1i77 3 7 8 18 132 11 000 |Bottom Bb 2 48 36
C325 5.2 6.6 7.8 19.6 192 9000 |TopBbla 36 66

C 1160 3 - 16 21 150 13500 |Total TI2b 25 67.5
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water productivity from reservoirs Bb la or Tl 2b and
favor production from reservoir Bb 2. Table 4 shows
that this choice seemed to be erroneous for well C 325
and right for well C 1160. For well C 325 the water cut
was found to increase after the treatment leading to an
estimated loss of about 3,400 tons of oil over a 13-month
period of time. For well C 1160, the water cut decreased
drastically during the first 4 months after treatment and
increased again to values close to 100%. Presumably
for both wells it would have been preferable to force
the treatment to enter the lower Bb 2 reservoir,

As can be seen in Table 4, the water cut in all the
other wells was reduced, leading to appreciable
amounts of incremental oil,

Table 4. Main results of well treatments in Chagirtsk.

streaks (Table 5). Consequently, the slug size of the
polymer/cross-linker sequence for these wells was
chosen to be larger than for well K 3. Actual wellhead
pressure during treatments remained quite similar for
all the wells (5,000 to 10,000 kPa).

Table 5. Main characteristics of well treatments in
Kudryachevo.

Perf d Treatment
CEROFAE oy injectivity test
Well | interval 3
{(m’)
(m) Rate Pressure | Polymer| Polymer
(m*/day) (kPa) alone | + X-linker
K2 13 775 3000 25 59
K3 245 680 8000 30 41
K9 20 750 1000 20 67.9

. Production data 4 ;
Production dala ’ Incremental oil
Well . months after treatment N
before treatment {tons in
5,0 | Waterent | Rate  |['Watercue | [X] months)
Rate (m’/day) (%) (m"fday) %)
C2131* 120 90 150 80 214914]
C 336 35 80 35 50 3054 [13]
C 1143 150 85 160 75 4988[13]
curn 130 90 145 80 5464 [13]
C 325 160 90 190 100 -3399713]
C 1160** 110 85 110 45 3534 [4]

* Well C2131 was shut in after 4 months due to pump failure
** The water cut of well C1160 increased strongly to near 100 % alier 4 months

4) Multilayer Waterflooded Wells: (B)
Treatments in the Kudryachevo Field/
Limestone Reservoir (Russia)

Process B was also implemented on three wells
in the Kudryachevo field producing from the
Tournaisien formation (limestone reservoir). This
formation is characterized by a superposition of
three to seven oil producing layers more or less
clearly differentiated. According to the operator
the existence of large fractures in this reservoir is
not proven. The formation has thus to be
considered as essentially matricial with production
characteristics quite similar for the three
candidates.

A water injectivity logging test on these wells
showed a reasonable injectivity, equally distributed
over the entire height of the perforated intervals.
Wellhead pressure during this test was nevertheless
much lower for wells K 2 and K 9, indicating the
presence of micro-fissures or high permeability

Table 6 gives main treatment results. Both wells
K 2 and K 9 maintained their overall productivity
after treatment and had a strong reduction in water
cut. On the contrary, well K 3 showed a loss in
average production rate over 9 months resulting from
an initial mechanical failure of the pumping equipment
and an irreversible damage of formation productivity.
Although the treatment of wells K 2 and K 9 produced
the same amount of incremental oil, their post-

Table 6. Main results of well treatments in Kudryachevo.

Production data  [Production data 6 months T
Well | before treatment after treatment nLr{L[l:,f:i: o
Rate | Water cut Rate Water cut 9 months)
(m'/day)| (%) | (m'/day) (%)
K2 110 90 110 50 6272
K3 115 95 60 95 not evaluated
K9 120 90 120 60 4772

treatment behavior was quite different (Figs. 8, 9).
For both wells, the production rate took about 3 months
to reach the level before treatment. Well K 9 showed
an improvement in oil productivity during this period
while the water cut of well K 2 remained high. After
3 months the opposite was observed: the water cut
of well K 2 dropped sharply and remained low, while,
for well K 9, it increased to pre-treatment level. The
reason for this difference in behavior cannot be clearly
explained.

TREATMENT EVALUATION

For most operators, a successful treatment should
induce both a significant reduction in water production
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Fig 8. Water cut history of Kudryachevo well 2 (Russia).
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Fig 9. Water cut history of Kudryachevo well 9 (Russia).

and an increase in oil production. From the examples
given above, it follows that the effect of a RPM
treatment can last for several months up to several
years.

A convenient tool to evaluate incremental oil
production is given by plots of cumulative oil vs.
cumulative water (Fig. 6). A successful water
shutoff treatment induces a break in the plot, with
a strong increase in the slope. Incremental oil can
be estimated then by the difference between the
actual cumulative oil curve and the extrapolated
values from pre-treatment slope.””? However, this
plot does not indicate the production rate evolution,
which has to be checked also to evaluate treatment
success. In general, the treatment success can be
measured by the pay out time, POT, and the
cumulative returns vs. exceed treatment costs,
PIR. In our best cases, (for example Well 11-15A
in Pelican Lake), the pay-out was obtained in a
couple of weeks and the return was more than ten
times the treatment cost.

CONCLUSIONS

IFP has designed several RPM water shutoff
processes in order to treat various types of
reservoir characteristics. They are based on
adsorption of high-molecular-weight water-soluble

polymers, which can be either swollen, or weakly
gelled by cross-linkers. Their application domains
in terms of temperature and salinity are quite
complementary. IFP processes can be applied at
various salinities and temperatures up to 120°C.
Since the treatment can be bullheaded into the
whole open interval, without need for costly
workover, its economy is very attractive.

The processes have been used in quite different
field situations such as (1) gas storage wells,
(2)heavy-oil horizontal wells and (3) multilayer
waterflooded wells both in sandstone and in
limestone reservoirs. In favorable cases, the
duration of a successful treatment can exceed
several years.
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Field Applications of a Productivity Tool for Improved Oil Recovery (IOR)

M. B. Amish*, M. B. Oyeneyin* and M. H. Hodder**

(i) 3 Sieal) Cppatl Laliny) ol Alha cilyla

S a (i es a i dnes a

DA e Jall Juadl Al o Alailaall sai ol 8 5ah ) 5 A AV 6 Al deliall o el
O g i3 Al ol A e 5 e 5 Al )y Aoy Jle i vie LS5 il B sud Juidl ppens
Ll gl gk e asgia e LYol e La ydlis i
Aol g agladl Sy Y il Aaid o Cuaay M Calill Y dn e LYl S8 8 ) e o lgEV) ie
palal il Qb olof Gum e il st o jf ) juall SUa8 Alia iyl (J giie 3 el (sl Gl SIS (il

Lla Y Adenal il il s e

;\T_\.‘.TcdwQbmsmwaspji&ucﬁﬁjcdwﬁu@@ML_MM@JQQQLM@UJ3_9_)'_'\

by ghal 23 Ay el 4adi

93 ial o a5 il ol @y Salil) slal 5 asiip ateal Gl sal sa Lgaeny zilaill a2 aun
A gandl JUNL cp &0 ) i s e oS3 Al e 3005 ) all da o g Mall ladial

«(WBM and OBM) i 8 Jlady Jaii J sin (e dallia <l alasiiualy o Uiy shal il 46 )5l o3 A i

bl ae faus 8 55 LY 810 jedaig Adladl 51 jad) dajoy (el Luiiall pa i L 9 sl sl

e

Abstract: In recent times, the oil industry
has shown increasing awareness towards
maintaining optinium well productivity through
better high pressure, high temperature (HP-HT)
drilling/completion fluids design. However, the
mechanisms of drilling fluid filtration and
impact on productivity performance are not well
understood under downhole conditions.

In open hole completions, the productivity
losses are critical because the near-wellbore
damage is not by-passed by perforations.
Furthermore, a satisfactory model for field

* Robert Gordon University, UK
ok M-1 L.L.C.

applications to simulate the near-wellbore
damage in terms of well flow performance from
laboratrory core test analysis still is not
available.

The results of in-depth experimental data
combined with data analysis of static and dynamic
filtration models provides the database for the
semi-empirical mechanistic models that were
developed. These models have been combined and
incorporated into a design and evaluation tool -
the productivity tool (PRT), for predicting the
effect of HP-HT drilling fluid filtration on
formation productivity in terms of formation
damage in vertical wells.

In this paper, we present applications of the
PRT using field data from North African oilfields
with both water-based and oil-based muds (WBM
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and OBM), both selected as suitable for HP-HT
wells. The PRT shows good agreement with the
field measurements.

INTRODUCTION

The most common source of formation damage
has proved to be drilling operations'!. Permeability
is a characteristic of the formation, and can be altered
by solids and mud filtrate invasion during drilling
operations. Drilling fluids are used to facilitate various
drilling processes. Drilling mud filtrate will invade the
formation to a greater depth than drilling mud
particles. A decrease of the permeability (formation
damage), results in a decrease of the well
productivity'*?, The formation damage depends upon
many parameters such as formation characteristics,
type, composition, filtration and rheological
characteristics of drilling fluid and operating
conditions (overbalance pressure, time, efc.).

A key parameter in quantifying formation damage
is the skin factor®!. The skin factor estimated from
well test data is used in the inflow equations to
estimate the production rate in wells that are affected
by formation damage.

Generally, when rating performance of various
drill-in fluid formulations, the permeability damage
evaluation is quantified through oil return permeability
measurements and flow-initiation pressures
performed on core samples damaged during mud
filtration tests>®!,

Extensive laboratory studies of formation damage
and several modeling efforts for prediction of
formation damage have been reported in the
literature. Most of the previous studies have focused
on formation damage from drilling fluid filtration of
water-based mud (WBM) and incompressible fluids
in low-pressure, low temperature (LP-LT)
applications.

Few attempts have been made to transfer these
laboratory data into a near-wellbore model to evaluate
the permeability damage. Liu er al.l"! simulated
formation damage by fluid injection and mud filtration
while Scott Lane!® and Semmelbeck, er al."®
simulated filtrate invasion for improving log
interpretation, but their impact on well performance
was not investigated. Some workers!"™'Istudied well
performance using representative formation damage,
but laboratory tests were not integrated in their studies.

The economic impacts of wellbore formation
damage justify a thorough study of this problem in

order to find ways to minimize its effect on well
performance.

This paper presents applications of the
productivity tool using field data for screening
different HP-HT drilling fluids (WBM and OBM),
which specify the invaded zone skin as well as the
depth of invasion, and evaluates the damage factor
of a given fluid in terms of inflow performance.

FUNCTION OF THE
PRODUCTIVITY TOOL

The productivity tool was constructed to provide
a design and analysis package, which can be used to
perform the following key functions:

1. To analyze wellbore pressure distribution.

2. To analyze the response of the fluid to static
and dynamic filtration in an HP-HT

environment.

3. To characterize the rheology and filtration of
the selected fluids in an HP-HT environment.

4. Quantify the level and depth of damage and
determine the best operating conditions.

5. Determine the impact of the selected fluid on
formation productivity.

6. Screen appropriate HP-HT fluids desired for
achieving minimum formation impairment.

In order to perform these functions, the
productivity tool incorporates a number of
mechanistic models, which have been developed as
part of the initial project study, which include:

=  Rheology prediction models.

= Static and dynamic filtration prediction
models.

= Filter cake build-up on sand face evaluation
models,

= Prediction models for filtration pressure drop
across sand face and filter cake.

= Formation morphological characteristics.

‘= Prediction models for depth of solids and
filtrate invasion.

= Prediction models for skin factor and flow
efficiency.

The models are semi-empirical, which have been
developed from the input of selected data generated
from extensive experimental studies into filtration and
formation damage!"*'* phenomena. All the analyses
carried out on laboratory core tests were conducted
under linear flow conditions, and upscaled into radial
flow conditions, to simulate near-wellbore damage
caused by particulate and filtrate invasion.
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PRODUCTIVITY TOOL FORMULATION

Drilling Fluid Rheology. The rheological
behavior of the drilling fluid has a major impact on
pressure distribution in the wellbore and, hence,
affects drilling overbalance pressure and fluid
filtration. Therefore, to adequately predict downhole
filtration, it is also necessary to predict downhole
rheology.

Several studies of the HP-HT rheology of WBM
and OBM have been presented in earlier papers!''3],
Some of these studies which include many
mathematical expressions are subjective. Politte!"!
presented a multi-term equation with 13 numerical
constants to model the viscosity of diesel oil. Houwen
et al.!"! presented several equations to model
rheological parameters. An API Bulletin!'® presented
two equations to calculate pressure and temperature
constants.

In this study, a different procedure has been
adopted. Shear stress has been multiplied by a
correction factor that depends on pressure and
temperature. Then the rheological behavior and
rheological parameters can be calculated from shear
stress prediction at the pressure and temperature of
interest. Two prediction models have been developed
for WBM and OBM.

The models follow the general equation:

7, =1,[A; exp(AP- BT)| (1)

Where is the shear stress at depth of interest
and the shear stress at standard conditions. The
difference between the models is in respect of the
empirical constants (A, A and B). Data used to
evaluate the empirical constants have been obtained
from selective HP-HT Fann-70 viscometer
measurements.

The models often used to describe the behavior
of the two fluids are Bingham Plastic!'”l, Power
Law!'® and Herschel Bulkley models!". However,
in this study the WBM and OBM rheological data
are best described by the Herschel Bulkley model.

The main difference hetween OBM and WBM
are the effects of pressure, which are more
pronounced for OBM than WBM. For WBM the
effect of pressure is very small, but is highly affected
by an increase in temperature.

Temperature and pressure affect behavior and
interactions of water or oil, clay, polymers and solids
in mud. The effect of increasing the temperature of
a liquid is to reduce the cohesive forces while

simultaneously increasing the rate of molecular
interchange. The former effect tends to cause a
decrease of shear stress, while the latter causes an
increase. The net result is that liquids show a
reduction in viscosity with increasing temperature.
The effect of increased pressure on OBM is to
increase the cohesive forces, which tends to increase
the viscosity.

Drilling Fluid Filtration. One of the major
functions of a drilling fluid is the control of formation
pressure. In order to prevent formation fluids from
flowing into the borehole, the hydrostatic pressure of
the mud column is usually made to exceed the
formation pressure.

Wellbore differential pressure can cause excessive
loss of liquid and associated drilling mud solids leading
to potential permeability impairment of the formation,
and contribute to borehole instability?*?! and
formation damage!*!, especially in the HP-HT
environment. The differential pressure depends on
mud weight, fluid rheology and formation pressure.

As aresult of overbalance pressure, the filter cake
may form on sand face, through which only filtrate
can pass, depending on the relationship between mud
particle size distribution and formation pore size.

The process of drilling a well results in alternating
periods, of varying duration, of dynamic and static
filtration (sequential filtration). Dynamic filtration
occurs when the mud is circulated; the cake thickness
is the difference between the rate of deposition by
filtration and the rate of erosion by circulating mud.
The erosion rate of particles is proportional to the
shear stress exerted by the circulating mud on the
cake surface!l,

Static filtration occurs when the mud is not
circulated, and the cake thickness increases as
filtration continues.

The existing static and dynamic filtration
equations can be modified for downhole pressure and
temperature conditions.

[23,24]

(1). Static Filtration:

Two prediction models have been developed for
WBM and OBM. The models follow the general
format:

t=Y,V +Y,Viexp. (AP + BT) 2)

Where t is time and V the volume of filtrate. The
difference between the models is in respect of the
empirical constants (YL YZ'A and B).
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(i1). Dynamic Filtration:

Two prediction models have been developed for
WBM and OBM. The models follow the general
format:

t=X,V-X,(l-e%¥) exp. (AP +BT)  (3)

Equation (3) also can be used to predict dynamic
from static filtration data. Since the modified filtration
Equations (2) and (3) can predict the filtration
coefficients (Y, Y, X, X,and X,) therefore the
filter cake characteristics such as cake resistance,
permeability, porosity, etc. can be computed.

Filtration Pressure Drops. At the start of
filtration, the pressure drop, AP, is across the sand
face, but as the filter cake builds up more of the
pressure drop is dissipated across the filter cake,P_.,
and less across the sand face,P,, thus.

AP_=AP, +AP_ )

Damage from Drilling Fluid. Formation damage
mechanisms were studied extensively!> >l However,
formation damage from drilling fluid can be
characterized by the thickness of filter cake, depth
of solids and filtrate invasion and permeability
reduction.

The two main damaging mechanisms which have
been studied are particulate invasion during initial
filtration period, and filtrate invasion through filter
cake.

A. Filter Cake Build up

Filter cake thickness is given by:

dhe _ psV- Kz (5)

dr (I—ms)

The shear stress should be calculated from
rheological behavior of the mud Equation (1).

If the mud is not circulated then the shear stress
T is zero and the filter cake becomes thicker as static
filtration continues.

B. Depth of Solids Invasion

Solids invasion occurs during initial filtration
period. It is primarily a function of mud particle size
distribution and the pore throat diameter of the
formation. Semi-empirical equations have been
developed for predicting the depth of solids invasion,

These models are based on pressure drop in pipes
and, therefore, involve the rheological behavior of
the drilling flnid.
For Herschel Bulkley and Power Law fluids the
model has been computed as:
ClAP_.‘Di(’Hn]

Ly=——F—— (6)
KVIC, In+ l),,
]

For Bingham Plastic fluid the equation is:

DZ
R T +chr_,p,,) (7)

These equations assume that the rheological
properties of the fluid moving through the pore are
the same as that of the bulk fluid. This assumption
becomes increasingly invalid as the pore throat
diameter decreases and mud components that affect
the viscosity are screened out. In the limiting case,
the viscosity is that of the filtrate.

As it can be observed from the above models,
the depth of solids invasion requires the knowledge
of the formation morphological characteristics such
as permeability, porosity, tortuosity, efc.

Tortuosity (1) is the actual flow path and can be
computed in laboratory from formation resistivity
factor (F,) and porosity thus:

F, = a /¢ (8)
n= 9, ©)

Then the mean pore throat diameter can then be
calculated as:

,=4.08 (MK /¢)* (10)
C. Depth of Filtrate Invasion

The radius of filtrate invasion can be determined
from filtration volume as:

Invasion in static condition:

v 2 15 Y‘]
,}=\/:3+3'F-[£+—“" i (11)

2r, 121, 12,

Invasion in dynamic condition:
= ,-lf +M (12)
¢p ;s

All the parameters in equation (11&12) can be
computed from sequential filtration experiments and
Equations (2&3).
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D. Permeability Damage

The initial formation permeability damaged in the
zone occupied by particulate and filtrate is
characterized by permeability reduction (damage) as
a function of core length or distance from the wellbore
in radial well flow conditions. The permeability
damage factor can be described as:

Ce=k,/k; (13)

The permeability alteration (k) can be computed
from the knowledge of overall average permeability
and total depth of invasion.

Productivity Evaluation

Well performance is reduced when near-wellbore
formation is damaged. Key parameters in quantifying
the formation damage or the reduction of the well
productivity will be the skin factor or by the flow
efficiency.

The skin factor s, defined as:

s,=(1-K,/k)In(r /r) (14)

Using a well productivity index (PI) usually
represents well performance. Therefore, well flow
efficiency due to near wellbore damage can be
calculated as:

FE = PI

/ PI (15)

actual ideal

Then the damage factor can be computed from
the reciprocal of the well flow efficiency.

DF=1/FE (16)

PRODUCTIVITY TOOL STRUCTURE

In order to simulate the impact of drilling fluid
filtration on well performance in terms of formation
damage, a computer package with the models
developed above is required. The structure of
calculation is described as follows:

1. Input the data required for the models: wellbore
parameters (hole geometry, casing size, efc),
operating parameters (overbalance pressure, pump
rate, etc), drill-in fluid parameters (mud type,
rheology, etc) and formation parameters
(permeability, porosity, efc).

o

Compute the rheological behavior at standard

conditions and depth of interest.

3. Compute the rheological parameters and calculate
the wellbore pressure distribution.

4. Compute the static and dynamic filtration and
calculate filter cake properties.

5. Calculate the pressure drop across filter cake and
sand face.

6. Quantify level of resultant damage by computing
depth of solids and filtrate invasion, average
permeability and permeability damage.

7. Evaluate the results of well performance by

computing skin factor, ideal and actual productivity

index, flow efficiency and damage factor.

APPLICATION OF
THE PRODUCTIVITY TOOL

Specific case studies to illustrate the interpretation
and practical usefulness of the productivity tool have
been carried out using actual field data. The data are
collected from four oil companies in North Africa
(Table 1) and can be summarized as follows:

Table 1. Well summary.

Co.| Field| Well | TVD | Temp.|Fluid Hole Completion

No. | (ft) (“F) |type section
(inch)

| A Al 14580 | 330 |Oil based 8.50&6 cased
A2 | 14500 | 322 |Lignosulphonate |6 cased

2 |B Bl 13528 [ 320 |Oil based 5.875 Openhole
B2 | 13390 ] 314 |Lignosulphonate |8.50&5.875 | Openhole
B3 | 12245 | 280 |Lignosulphonate |[5.875 Openhole

3 (C Cl 12370 | 290 |Potassium chloride| 8.50 cased

4 |D D1 | 10045 | 240 |Dispersed polymer|8.50 cased

1. Seven wells with the total well depth ranging from

10045 ft to 14580 ft.

Reservoir sections drilled in 5.87, 6 and 8.50 inch

holes.

Open hole and cased hole completions.

4. Wellbore pressure ranging from 5000 psi to
12800 psi.

5. Bottom hole temperature ranging from 240 °F
to 330 °F.

6. Reservoir permeability ranging from 50 md to
400 md.

7. Oil-based and water-based drill-in fluids types
(dispersed polymer mud, potassium chloride mud
and lignosulphonate mud).

The application of the productivity tool has been
used in two ways:

b2

(58]
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1. Evaluation Stage: The PRT simulated results
have been evaluated against field data (post
drilling):

a) Predicted total wellbore pressure distribution
versus field data (pump pressure).

b) Predicted well performance in terms of
formation damage against field measurements
(depth of invasion from logging and skin factor
from well test data).

Planning stage: The PRT has been used for fluid

optimization and selection against different

operating parameters, such as fluid type, rheology,
pressure, efc.

[Ne]

Evaluation Stage. Table 2 illustrates the predicted
total wellbore pressure distribution versus field data
Table 2. Predicted pump pressure versus field data (pump
pressure).

Pump Pressure (psi)

Well Total | Hole BHtemp| Field data | PRT
number | depth | section | ("F) (Psi) prediction
(It) (inch) (Psi)
Al 13790 | 8.50 315 2575 2466
14580 | 6 330 1780 1670
A2 14500 | 6 322 1700 1695
Bl 13528 | 5.875 | 320 2000 2032
B2 12175 | 8.50 305 2600 2820
13390 | 5.875 | 314 2000 2083
B3 12245 | 5.875 | 280 1500 1566
Cl 12370 | 8.50 290 2850 3000
D1 10045 | 8.50 240 1950 2092

(pump pressure). The prediction shows agreement with
field data. Table 3 shows predicted (depth of invasion
and skin factor) against field measurements. The field
measurement from well test data gives the total skin
and the PRT predicts the drilling skin. However,
stochastic analyses have been carried out based on

Table 3. Formation damage predicted against field
measurcement.
Depth of Invasion (inches) Skin

Well | TVD Hole | BHT| Field | PRT Field| PRT
Na. | () (inch)| ("F) | data | predic-| data | prediction

tion total | drilling

skin | skin

Al |[14580( 6 330 [ 40 34.79 | 9.00| 4.11
A2 | 14500] 6 322 [ 60 77.73 | 12.0]5.24

Bl 13528 5.873( 320 | 60 4543 | 10.0( 4.00
B2 | 13390 5.875| 314 | 70 92.73 | 10.0| 5.87
B3 | 12245] 5.875| 280 | 70 90.81 | 10.0] 5.63
Cl 12370) 8.50 [ 290 | 60 77.63 | 9.00) 4.48
DI |10045] 8.50 | 240 | 40 48.69 | 8.00( 3.62

standard assumptions to calculate both the partial
completion skin and perforation skin and add them to
the drilling skin predicted from the PRT, in order to enable
comparison with field test data. Table 4 shows
agreement between the PRT predicted skin and field
measurement.

Table 4. Formation damage predicted against field
measurement.

Well | TVD | Mud Field data | PRT prediction

No. type Total skin| Sd Sc+8p | Total Skin
Al | 14580 OBM 9.00 4.11 [ 3.10 | 7.21

Al 14500 | CL/CLS | 12.00 5.24 | 3.32 | 8.56

Cl 12370 | KCI 9.00 4.48 [ 2.84 [ 7.32

DI | 10045 | PWBM | 8.00 3.62| 2.61 | 06.23

Planning Stage. The input data are from well
number (Al) for a 6 inch hole section and the

Input Data

\ 4

Openting Parameters

Fn Parameters

Mud Faameters Wellbore Geometry

PRESSURE BISTRIBUTION ANALYSIS

Compute rheological behaviour @ standard condition
Compute rheological behaviour @ depth of interest
Calculate rheological parameters

Caleulate wellbore pressure distribution

Calculate wellbore differential pressure

Y

FILTRATION CHARACTERISATION
Caleulate static and dynamic filtration
Compute filter cake propertics

Compute pressure drop across filter cake
Compute pressure drop acress formation

A 4

I'RODUCTIVITY EVALUATION
Calculate pore throat diameter

Compute length ef solids invasion

Compute [enpth of filtrate invasion
Caleulaze formation average permeshility
Caleulate permeability damage

Compute skin faclor

Compute ideal ond actual productivity index
Calculate flow efliciency

Compute damage factor

Alter Operating Parameters/Mud
Rhealogy/Mud Componenis™Mud
Type Damage
Factor

No Acceptable?

Optimal Fluid selection

Fig. 1. Shows a flow chart on which the productivity tool has
been developed.
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assumption was made to select the best HP-HT
drilling fluid to drill this well with minimum formation
damage. The types of the drilling fluids that have
been used for evaluation are oil-based and water-
based muds (dispersed polymer mud, potassium
chloride mud and lignosulphonate mud). The fluid
rheology and mud composition data for these types
of mud have been used from field data of six wells
drilled by various oil companies.

Figures 2 to 8 illustrate the effects of different
parameters such as rheological behavior, drilling time,
temperature, and overbalance pressure on flow
efficiency comparing different types of WBM and
OBM drill-in fluids. Three different rheological
properties for both OBM and WBM have been used
for fluid selection of this particular well (A1).

OPTIMIZATION PROCESS

Effect of Rheological Parameters. Figures 2
and 3 show that an increase in rheological parameters
(yield stress and consistency index) results in an
increase in depth of filtrate invasion and, hence, an
increase in damage factor.

145
I 14 =
W 135 ——
" >; i
L3 = -
v
125 = e K=199 cP and Ys=22 Ihs/100f(*2
12 gt . 8 K=223 cP and Ys=311lhs/1000("2
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Fig. 2. Effect of rheology on formation damage for OBM.
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Fig. 3. Effect of rheology on formation damage for WBM.

Effect of Rheological Characterisation.
Figure 4 shows the depth of invasion profile for
WBM and OBM. The figure also shows the
accurate description of the rheological behavior
of the drill-in fluid required to accurately predict
the depth of invasion.

Figure 4 illustrates effect of rheological
behavior on formation damage characterization.
A comparison has been made between the actual
fluid rheological behavior models, i.e. Herschel-
Bulkley, Power Law and Bingham Plastic models.
The figure shows that the Bingham model predicts

Tup of Reservoir

4020

I
3020 - i

2020

1

1020 -

20 4 - : +
2.3 12.3 223 323 423 533 623 T71.3

Depth of Filtrate Invasion (inches)

-—4-— Horschel-Bulkley Modal, OBM Power Law Model, 0BM
o Bingham Plastic Maodel, OBM X Herschol-Bulkley Model, WEM

Fig. 4. Effect of rheology characterisation on depth of invasion.

higher formation damage than the actual model.
The Herschel-Bulkley model best represents actual
fluid rheology. The depth of invasion was found to
be greater for WBM than OBM. Figure 5 shows
damage profile using OBM.

3.5 250
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' ey S m—)y| 150
2
3 - 100
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q: .... -1 50
»
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5 9 13 147 21 25 29 33
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Fig. 5. Damage profile using OBM.

Effect of Drilling Time. Figure 6 shows an
increase in drilling operational time results in an
increase in depth of filtrate invasion and, hence, an
increase in damage factor, which is greater for WBM
than OBM.
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Fig. 6. Effect of Drilling Time.

Effect of Wellbore Temperature and
Overbalance Pressure. Figures 7 and 8 show that
an increase in bottom hole temperature and
overbalance pressure results in a sharp increase in
damage factor due to increased depth of filtrate
invasion, which is greater for WBM than OBM.

Based on the productivity tool simulated analysis,
the selection of OBM with rheological parameters
[n= 0.66, K= 199 cp and Ys=22 Ib/100ft*2] to drill
this particular well (A1) gives more advantages for
well flow performance than for WBM.

However, it is necessary during the fluid design
stage to screen different HP-HT fluids also based
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Fig. 7 - Effect of Wellbore Temperature.
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Fig. 8 - Effect of Overbalance Pressure.

on a higher percentage of the return permeability test.
This is because the depth of invasion is inversely
proportional with percentage of the return
permeability test?®”),

CONCLUSIONS

The field application of the productivity tool is
presented to simulate impact of drilling fluid filtration
on formation productivity in an HP-HT environment,
The productivity tool can be used for predicting
formation damage mechanisms caused by particulate
and filtrate invasion.

The tool can evaluate formation damage in
laboratory as linear-flow core tests and can be
converted to radial-flow scale for oil field applications.

Input requirements include parameters such as
hole geometry, BHA configuration, mud type,
composition, rheology data and formation
characteristics.

The productivity tool can be used to investigate
the influence of many parameters on the well flow
performance.

The tool can be used before drilling as a design
(planning) tool, and during drilling and post drilling as
evaluation and comparison tool with well test data
interpretation.

The productivity tool is capable of being utilized
to screen different HP-HT drilling fluids desired for
achieving minimum impairment and maximum
production capacity, two key parameters which are
relevant to optimum fluid selection and management,
in addition to well test data interpretation.

Nomenclature

a,b = coefficients

A, B = pressure and temperature coefficients
A = constant

Cl, C2, C3, C4, C5 = constants

= permeability reduction factor
damage factor

mean pore throat diameter
filter cake thickness

flow efficiency

resistivity formation factor
consistency index
erodability coefficient
formation permeability
permeability damage
depth of solids invasion
ratio of wet to dry cake
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= Power law index

applied pressure
productivity index after formation damage

= productivity index before formation

damage

= total differential pressure

pressure across formation
pressure across filter cake
radius of filtrate invasion
wellbore radius

solids concentration
partial completion skin
drilling skin factor
perforation skin

time

temperature

filtrate volume

velocity in porous medium
filtration coefficients
yield stress

Greek Symbols

n tortuosity

W, =  plastic viscosity

T, = yieldpoint

T; = shear stress at standard condition
T. = shear stress at depth of interest
¢ = porosity of formation

p = density of filtrate

Acronyms

BHA = bottom hole assembly

BHT = bottom hole temperature
Cl/Cls = lignosulphonate mud

KCl = potassium chloride mud
PWBM = dispersed polymer mud
LP-LT = low pressure-low temperature
HP-HT = high pressure-high temperature
OBM = oil-based mud

md = millidarcy

TVD = total vertical depth

WBM water-based mud
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Depressurization as an Effective IOR Strategy
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Abstract: Reservoir depressurization is now
being adopted as the most economic improved oil
recovery (IOR) technique in many clastic
reservoirs. Early work on reservoir stress analysis
has clearly identified a complex relationship
between the reservoir flow properties and the
prevailing reservoir effective stress.

This paper presents the results of studies

initiated at The Robert Gordon University over

the last few vears. These results have confirmed
a number of previous studies that there is a

* The Robert Gordon University, UK.

complex relationship between reservoir flow
properties and the prevailing effective stress. The
results have confirmed that the reservoir flow
efficiency and the recovery factor are both
strongly a function of the initial reservoir
permeability, Reservoir Quality Index (RQI) and
the stress path.

Preliminary studies to date have indicated that
the effect of the stress path on flow efficiency and
recovery factor depend on the RQI and the so-
called Flow Zone Indicator (FZI) defined to be a
unique parameter that incorporates the geological
attributes of texture and mineralogy in the
discrimination of pore geometrical facies known
as hydraulic units. The Stress Path represents the
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magnitude of stress anisotropy in a reservoir.
Stochastic analysis have been carried out using
a variety of field data the results of which can
be used to develop a decision for optimum
reservoir candidate selection and operating
condition required to guarantee improved oil
recovery.

INTRODUCTION

Depressurization has long been identified as one
of the strategies for enhanced oil recovery especially
in mature, depleted reservoirs.

Generally during depressurization, the reservoir
pressure drops to release solution gas and mobilize
trapped or by-passed oil. The flowing bottom hole
pressure can also be reduced to create the necessary
drawdown for improved inflow efficiency.

Depressurization itself can generally be achieved
by withdrawing large volumes of liquid and free gas
from the reservoir. This technique includes!"*:

1. Use of gas lift, for example, in mid-flank oil
wells to maximize off take.

2. Depressurization of aquifer via ESP water off-
take to maintain required pressure depletion rate

3. Under balanced drilling

Irrespective of the technique used, it is believed
that during depressurization the reduction in the pore
pressure profile will alter the effective stress in the
rock matrix the magnitude of which will depend on
the type of reservoir. For an HP-HT reservoir in
offshore environment, this reduction may be drastic
in the initial transient stage"”.. This will induce changes
in pore structure and pore volume thereby causing
permeability changes. Early work on reservoir stress
analysis has clearly identified a complex relationship
between the reservoir flow properties and the
prevailing reservoir effective stress. The effective
reservoir stress is here defined as the difference
between the externally applied overburden stress and
the internal stress created by the pore fluid pressure.
The level of depressurization will no doubt affect the
rate of pore pressure decline.

Recent studies initiated at The Robert Gordon
University over the last few years '® on the effect of
depressurization on unconsolidated reservoirs has
confirmed a number of previous studies by Amaefule
et al!”l, Ottesen et a/'® among others ' | that there
is a complex relationship between reservoir flow
properties and the prevailing effective stress. The
results have confirmed that the reservoir flow

efficiency and recovery factor are strongly a function
of the initial reservoir permeability, Reservoir Quality
Index (RQI) and the stress path.

A parallel work on UBD indicated that the
productivity improvement in UBD-drilled wells is
more complex than just mere reduction in formation
damage/skin. The studies have indicated that the
productivity improvement mechanism in UBD might
be akin to “’transient’ or rapid depressurization
mechanism!'?.

EFFECT OF STRESS

Preliminary studies to date have indicated that the
effect of the stress path on flow efficiency and
recovery factor depend on the RQI and the so-called
Flow Zone Indicator [FZI] defined by Amaefule ef
al." to be a unique parameter that incorporates the
geological attributes of texture and mineralogy in the
discrimination of pore geometrical facies known as
hydraulic units. The early work by Amaefule has
indicated that the FZI for the Niger Delta ranged
between 0.3 to 11. This may need to be confirmed
for the deep offshore where the overburden stress
will be a lot higher.

The Stress Path represents the magnitude of stress
anisotropy in a reservoir. It is defined as the ratio of
the changes in effective horizontal stress and the
changes in effective overburden stress.

The stress path K is defined mathematically as:
_ Aoy

Aoy

A @ = Change in effective horizontal stress

A @, = Change in effective overburden stress

The model for predicting the vertical stress for
Offshore Niger Delta was derived by Ottesen er al'®
ast -

Oop = 0.374D"%% —107 2)

“logp] = psi

D = True vertical depth, ft

Likewise, the horizontal stresses can be derived
as:

Ot max = O 307D 165

By = LI TTOD M8

The Reservoir Quality Index is a unique property
of any reservoir that takes into account the impact
of the effective stress on reservoir flow properties
[Porosity and permeability]. It can be obtained
mathematically as ™!

()

sp

3)
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RQI'= 0031 4\/5 )

The FZI can be computed from a log-log plot of
RQI vs. normalized porosity index (@)

o=_9_ 5)
1-¢
In order to define the relationship between the
reservoir flow properties and effective stress,
attempts have been made to develop a semi-empirical
correlation using a combination of database from
Niger Delta and offshore locations in the North Sea
and Dulang Field®' in Malaysia. The resulting
correlation is given as:
==A+Brol-lcrorkg lprorr] 6
1
A, B, C, and D = Empirical constants
o 7= Effective stress, psi
k. = initial permeability, mD
k = effective permeability, mD
K, = Stress path
FZI = Flow zone indicator, mD

EFFECT ON RECOVERY FACTOR

Some basic equations for recovery factor [RF]
are as follows!'3!

1. Recovery Factor for Gas Drive Reservoir

0.1611 1, __g, 10-0979
RF=0.41815[——"’(1”SW)} + 10 Tk
HOB HOB
0.1741 7
#[5 03722 Py
pﬂ
2. Recovery Factor for Water Drive Reservoirs
0.0422 _ 0.0979
Boi HOI
(3)
BgenE o] B —0.2159
o S . g 21
5 101903 2|
Where:
¢ = Porosity;
k = Effective permeability
ki, = connate water viscosity at irreducible

water saturation level

Ko, = Fluid viscosity at bubble point condition

B,, = Formationvolume factor at initial reservoir
pressure P,

S, = Connate water saturation

P, = Bubble point pressure

P = Ambient pressure

d As can be observed from equations 7 and 8, any
increase in permeability can be said to normally lead
to a corresponding increase in recovery factor.
Therefore for situations where the increase in
effective stress leads to a corresponding increase in
permeability, there will be an increase in productivity
and recavery.

RESULTS

Figures 1, 2 and 3 show that whilst some
reservoirs, appear to indicate an increase in reservoir
flow efficiency and RF, others indicate no change
and sometime outright decrease in recovery factor.

Figure 1 indicates clearly that for FZI greater than
5 the flow efficiency appears to increase with
increase in the effective stress. This also leads, as
expected, to a corresponding increase in recovery
factor for the same FZI range, (Fig 2). This increase
in RF however appears to be more pronounced in
the low permeability sands than in the high
permeability ones, as shown in Figure 3. On the other
hand, the recovery factor appears to increase with
decrease in stress path especially for stress paths
less than 0.5.

These results appear to indicate therefore that
the level of effective stress or drawdown and
therefore the stress path will have an effect on
reservoir performance depending on the type of
reservoir, Therefore for sustainable improvement in
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Fig. 1. Effect of stress on permeability.



136 M. Babs Oyeneyin

Racovery Factor
e
g S
8

0104 a2
—B-FZl= 4
0102 —A-FZl =
-m-FZi=8
~8-FZ1 = 10)
2 ~8-FZ1=12
0.098 r .
] 1000 2000 3000 4000 500D G0CO 7000 8OO0 8000

Effective Stress (psi)

Fig. 2. Recovery factor as a function of effective stress.

035

034
- /—F‘__F_‘

Recovery Factor
s
2

——Hsp=1 \

~@-Hsp = 0.75
—h—Hsp = 0.50)

10
~@—Hsp = 0.2} \\
0.28

030

o 1000 2000 aooo 4000 5000 £000 7000 ancn
Effective Stress (psl)
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productivity, it may be logical to say that there must
be an optimum level of effective stress or drawdown
if productivity improvement is to be sustained over a
long period. The same can also be said for under-
balanced drilling condition where transient
depressurization appears to be taking place during
drilling!"®. The studies on UBD are still in their
preliminary stages and more extensive studies are
required to develop a comprehensive strategy for
under-balanced drilling.

CONCLUSIONS

In this paper attempts have been made to present
the effect of depressurization and corresponding
change in effective stress on recovery factor. The
main conclusions are:

1. Depressurization and therefore change in
effective stress has a mixed effect on recovery factor
depending on the RQI [and thus the type of reservoir],
the initial reservoir permeability, type of completion
and stress path.

2. Increase in effective stress leads to a higher
RF in low permeability reservoirs than it does in higher
permeability sands.

3. The increase in RF is limited to FZI greater
than 5 and stress path less than 0.5.

4.  For lower FZI and stress path higher than
0.5, the RF appears to decrease.

5. Effective reservoir characterization studies
are essential to a successful depressurization as an
effective IOR strategy
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Evaluation and Ranking of Scenarios for Redeveloping Mature Fields:
A Need for Improved Methodologies
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Abstract: This paper deals with new
methodologies and tools which appear necessary
to improve the evaluation of the potentials of
mature fields. By designing efficient ways for
reengineering, it becomes possible to increase
their recovery factor and thus maximize their
value.

Those methodologies are based on the
COUGAR™ technology developed at the IFP for
dealing with uncertainties associated with field
development strategy. This technology allows
enhancing the knowledge of a given reservoir at
the lowest cost, propose ways to minintize the
uncertainties of various origins, and thus improve
the sweeping strategy in order to maximize the
economics in a risk-prone enviromment. Principles

*# Institut Francais du Pétrole (IFP).

and applications of this technology to actual field
cases are presented in this paper.

These methodologies, along with a deep
understanding of the design of recovery processes
and well treatment strategies, offer new and
efficient ways of improving the oil and gas
recoveries from mature fields.

INTRODUCTION

According to the reference scenario retained by
the WETO European Commission (World Energy,
Technology and Climate Policy, Outlook 2030), the
world demand for energy should reach 17 Gtep in
2030 and possibly 30 Gtep in 2050 whereas today it
is only equal to 10 Gtep. In 2030, approximately two-
thirds of the energy demand will be provided by the
hydrocarbons. Still in 2050 and beyond, hydrocarbons
will constitute the main and easiest access to energy
for humanity.
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To sustain this rapid growth in demand
(approximately 1.8% per year), the hydrocarbon
reserves renewal through exploration alone will not
be sufficient. Another key source has to be “the
improvement in recovery factor” from mature
fields.

In a recent paper''!, the concept of Integrated
Reservoir Management (IRM) as a key issue to
enhance the production of existing reservoirs was
addressed. IRM consists not only of EOR
techniques such as chemical or gas flooding as
was the case in the seventies and early eighties.
[t includes, as well, strategies of field
redevelopment using field surveillance and
monitoring to locate by-passed oil zones, complex
well architectures to target those zones, well
productivity and injectivity enhancement,

Combination of all those methodologies and
techniques allows to optimize the development of the
fields, lower the cost of that development, extend
the life of the existing fields, and, hence, increase
the recovery factor and the value of those fields.

Discriminating among the different possible
scenarios, performing sensitivity analysis by
accounting for various technical and economic
constraints is, as quoted in reference 2 (Zekri and
Jerbi, 2002), “the ultimate goal of reservoir
engineering management”.

To reach that goal, compare and rank different
development strategies, the reservoir engineer has
to be provided with specific methodologies and tools.

This paper is addressing those issues in two
sections.

e The first section will present the COUGAR™
methodology, fully detailed in reference 3 (Zabalza-
Mezghani and et al.) which allows quantifying
uncertainties and provides a way to optimize the
economics in a risk prone environment. A field
application is presented.

e Inthe second section of this paper, the question
of ranking between several development strategies
is addressed. A field application is presented.

THE COUGAR METHODOLOGY
The Problematic

Information acquired while evaluating and
exploiting hydrocarbon reservoirs has increased and
improved during the last decade. Thanks to high
technology data acquisition programs, it is nowadays

possible to calibrate complex numerical models that
integrate all this information for generating detailed
geological and fluid flow modeling and optimizing
these models for maximizing oil recovery and
economics. Unfortunately, all these data are generally
associated with significant errors and uncertainties.
The main consequence is that the output of the
meodeling workflow, such as the production profiles,
final oil recovery and economic evaluation, will be
uncertain as well.

Uncertainties may be present at any stage of a
reservoir modeling workflow. They include:

e The Static Modeling: based on the main
structural and sedimentary geological features. A lot
of data are generally combined to build this static
model, starting from surface geology, outcrops,
regional studies, core and fluid properties, to well log
analysis and seismic acquisition. This means acquiring
and combining data from very different scales.

o The Scale-up: To limit the computation time,
up-scaling consists in converting a static model fine
grid to a coarser one. This can cause very significant
uncertainties, especially for highly heterogeneous
media.

o The Fluid Fiow Modeling: uncertainties
concern physical parameters, such as up-scaled Kr-
Pc curves, well architecture and productivity, as well
as other uncertainties such as the PVT modeling itself
or the numerical solver chosen for the simulations.

o The Integration of Production data: which
can be efficiently used to better inform the reservoir
model, though presenting uncertainties due to
acquisition errors or surface reallocation problems.
On top of that the history matching process itself
presents uncertainties because of the non uniqueness
of the solution, or the mathematically ill-posed problem
to be solved.

o The Production Scheme Development and
the Economic Evaluation: The maximization of the
net present value requires making choices regarding
the field production scheme based on technical and
economic criteria. This may include a decision on
the number of production wells, their location and
architecture, injection schemes, as well as surface
facilities.

The Experimental Design Methodology
Due to the variety of uncertainties occurring all

along the modeling workflow, an exhaustive sensitivity
analysis is excluded as it would require a too large
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number of numerical simulations. Moreover, if the
sensitivity analysis is conducted without any support
it will be hardly possible to evaluate the coupling
effects of various parameters as each parameter will
be varied successively. The COUGAR methodology
was developed at IFP to perform a comprehensive
sensitivity analysis at the lowest cost, both in terms
of CPU simulation time and result interpretation.

It consists in using an experimental design
technique~! to compute an approximation - or a
“proxy” model - of each output of the modeling
workflow. The experimental design technique enables
one to select, for a given cost, the minimum set of
numerical simulations required to accurately calibrate
these “proxy” models.

Any output of the modeling workflow (including
for instance volumes of fluid in place, production
profiles, additional recovery factor or field net present
value) can hence be linked to the influential
uncertainties through a specific “proxy” model. These
models running quasi instantaneously can then be used
for further analytical purposes, such as the
computation of probabilistic reserves or the
optimization of a redevelopment scheme scenario.

Engineers specify any output of the modeling
workflow, called response (cumulative oil production,
net present value, ...) and some input uncertain
parameters X, X,, ..., X called factors, that may
influence the response (petrophysics, field structural
map, well locations, redevelopment scenarios, ...).
The COUGAR™ methodology provides tools for
identifying the factors that are influential on the
response, and for building a proxy model linking the
response to the influential factors, such as illustrated
below:

Response = a +aX +aX, +.. + axXxX,
+ aIZXlXZ ot an-l,an-lxll (I)

+4,X?+a,X? + .48 X2
L A nn n

where a, a, ..., a_ are constant coefficients
obtained by fitting a set of numerical simulations.

The main advantage of this proxy model is its
negligible cost to estimate new values of the response
compared to full reservoir simulations. This regression
model can then be used to make safe predictions of
the process over the uncertain domain, to generate
probabilistic distribution of the response using Monte-
Carlo sampling technique and to optimize controllable
factors (such as development scenario parameters
on well location, well horizontal length and
orientation,...) to maximize the response.

The standard method described above applies for
deterministic uncertainties which are assumed to vary
continuously between a minimum and a maximum
value. Porosity and permeability mean facies values,
PVT data and well locations, are examples of such
parameters. The method has to be extended to tackle
the following uncertainties:

o “Discrete” Uncertainties which correspond
to a parameter that can take only a finite number of
discrete values, such as the depositional scenario, the
boolean behaviour of a fault which is conductive or
not, or the optimal number of new production infill
wells to be implemented. To take these parameters
into account, the COUGAR methodology proposes
to combine specific discrete experimental designs'®
with decision tree capability.

o “Stochastic” Uncertainties which do not
present a smooth behavior on production responses
(for instance a small increment of the parameter value
may lead to drastically different results in terms of
production profiles) or uncertainty that can take an
infinity of equi-probable discrete values (for instance
infinity of equi-probable structural maps, fracture
maps, geostatistical realizations, history-matched
models). To take into account these kind of
uncertainties, the COUGAR™ methodology suggests
to use the Joint Modeling method”*% which consists
in computing two statistical proxy models:

¢ One for the production response as a function
of deterministic uncertainty

e One for the variance of the production
response to represent the effect of the stochastic
uncertainty.

RISK ASSESSMENT OBJECTIVES

Once the uncertainties relative to a specific field
case have -been identified, risk assessment may
consist of various objectives:

s Assessing the relative impact of each
uncertainty on the production and determining the
influential ones.

e Quantifying the risk on field production
associated with those influential uncertainties.

¢ Optimizing all “controllable” uncertainties (such
as well locations).

e Reducingrisk by integrating any dynamic data
when available,

These risk assessment objectives can be tackled
using the experimental design methodology!'*"*! and
further detailed below.
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Assessing the Uncertainty Impact

For such an objective, a linear model {equation 1
is a first order polynomial function) is generally
sufficient. It involves a limited number of reservoir
simulations for a large number of uncertain
parameters.

The relative contribution of each uncertain
parameter on the response is then calculated and
illustrated using the so-called Pareto plot.
Uncertainties are ranked and a threshold below which
uncertainties are reputed negligible is defined.

Quantifying the Risk on Field Value

Having identified the influential uncertain
parameters, reservoir engineers would like to know
the resulting risk on the reservoir modeling workflow
outputs, for instance on incremental oil productions,
oil recovery factor or field net present value.

This resulting risk on field value is obtained using
a sampling method, such as Monte-Carlo technique,
using the fast proxy-model. The final result is a
probabilistic distribution and corresponding percentiles
of any reservoir modeling workflow outputs are
derived from probabilistic input parameters.

APPLICATION TO MATURE FIELDS

Due to their long history, mature fields have a
large amount of dynamic data. Reservoir engineers
systematically integrate these data to better calibrate
the reservoir model and, therefore, to reduce the
uncertainty range on each modeling workflow input,
hence on field production forecasts. This history
match process is, however, recognized as a
challenging issue, and in practice it is difficult to derive
a reservoir model that perfectly fits all the dynamic
data.

Many reservoir simulation models, which properly
match the dynamic data, can hence be obtained by
using either manual history-matching techniques or
assisted history matching with optimization methods.
All these reservoir models are equi-probable. The
main concern is to select the “right” matched model
for performing further production forecasts and
further production scheme optimization. To achieve
that purpose, the Joint-Modeling method, as stated
above, is used assuming that all the matched models
are considered as a unique stochastic uncertainty.
Using this method, it is then possible to quantify the

risk associated with the history-matching process
uncertainty itself (which actually can be very high)
and/or to optimize the future production scheme while
taking into account the dynamic data available. This
methodology has been fully validated on a synthetic
case!'” as well as on the PBR case!'" as summarized
here below.

Risk Assessment on a Mature Field Case - The
PBR field

We present here the JM method applied to a real
field located offshore Brazil (PBR field)!'®!, The
objective was to maximize the incremental production
of the reservoir through a redevelopment plan while
taking into account the uncertainty in history-matching
induced by the existence of infinite number of equi-
probable matched models. The study employed the
following two steps:

o History-matching: The geostatistical and flow
models were constrained to the production data.
Several equi-probable matches were obtained.

o Redevelopment Production Scheme
Optimization: The goal was to quantify the added
value of history-matching in terms of uncertainty
reduction on production forecast and the optimization
of new well location and rates taking into account
the remaining uncertainty after matching.

PBR Field Modeling Workflow

The PBR reservoir is developed with 34 oil
production wells and 13 water injection wells, such
as illustrated in Figure 1. The production started June
1979. During the first five years, the field was
produced by primary depletion. Water injection started
April 1984 for pressure maintenance,

/ Injector

-,
=-== Stratigraphiz closures %
igrap! @,

I (2
2 Fault i

Fig. 1. Well location map of the PBR field,
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Four facies were identified in the reservoir:
sandstone LT-1 and LT-2 facies have good reservoir
properties, whereas LT-3 and LT-4 (actually non-
reservoir zones) include clays and marls. The
workflow of the PBR reservoir model has been fully
integrated in the same simulation process, from the
construction of the geostatistical lithofacies model to
the fluid flow simulation.

History-matching Process

A main objective was the definition for the entire
simulation workflow to measure the mismatch
between the observed data (d*™) and the simulated
data (d™") using the weighted least square

1

OF = %z}{ W, (d,.”b" _ d,.s*im )2

2=

formulation: where w, are the weighting factors.

The production data available for the PBR field
were the oil flow rates at surface conditions, the water
cuts and the static pressures for all producers.

A preliminary sensitivity study was performed,
using the experimental design technique to select the
most influential inversion parameters among the
deterministic uncertain parameters of the simulation
workflow. In addition to these 8 deterministic
inversion parameters, the geostatistical realization
itself was considered unknown in the inversion
process. The spatial distribution of the facies model
was parameterized using the Gradual Deformation
Method!'"'#1,

The history-matching process was performed 5
times with different sets of initial deterministic
parameters and with different initial geostatistical
realizations. The initial sets were chosen within the
predefined uncertainty domain. These five matched
models led to the same quality of match (same order
of magnitude for the resulting objective function),
which was considered as satisfactory except in the
south-east region where some major geological
assumptions may have to be reviewed.

Re-development Scheme Optimisation

The objective was to maximize the reservoir
cumulative oil production after an additional period
of production of 10 years (COS-10y) by including
two new producers. A technical issue concerned the
choice of the matched model which was to be used
for this optimization process. In fact, the 5 history-
matched models were used through a unique

stochastic uncertainty on the matching process. The
production parameters to optimize were the locations
and production rates of the two infill production wells
(NW1, NW2), A preliminary sensitivity study has
shown that the Y locations of the wells were not
significantly influential on the production forecasts.
Finally, the JM method was used to model the
COS_10y response with respect to the following
production parameters: the X locations (X1, X2) and
the oil production rates (1, Q2) of the two infill
production wells (NW 1, NW2). Dispersion induced
by the history match uncertainty was considered
through the variance model.

The joint models obtained were used to optimize
the production scheme by maximizing the mean
model. This gave the optimal values for X1, X2, Q1
and Q2 parameters and the corresponding mean and
variance values of COS_10y response forecast,
summarized in Table 1. A 95% prediction interval
due to the uncertainty on the history match process
was deduced: from 53.68 MMm’ to 56.97 MMm® in
terms of final cumulative oil production.

Table 1. Optimisation of the production parameters using
the JM method.

Optimal Unit
X1 38 cell #
X2 47 cell #
01 852 m3/d
Q2 1500 m3/d
Mean COS_10y 55.32 MMm3
Variance 0.71 (MMm3)?
Standard deviation 0.84 MMm3
Min of 95% conf. Interval 53.68 MMm3
Max ol 95% conf. Interval 56.97 MMm3

In Figure 2, the cumulative oil production profile
intervals since the beginning of field production
without history match and after history match are
displayed:. As expected, the history matching

80 — Simulation results of the 5
matched models

(4]
o

£
o

Praduction
History Period

Reservolr COS (MMm3)
e n (A
f=) (=] (=]
\
O PO |,

(=]

] 2000 4000 6000 8000 10000,
Time (day}

Fig. 2. Uncertainty on the cumulative oil production.
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significantly reduces the uncertainty on prediction,
by 75%.

However, even when using very high technology
history match process such as constraining both the
geostatistical realizations and the dynamic parameters
as matching parameters, 25% of uncertainty remains
acceptable due to the history match process. The
Joint Modeling method has enabled a successful
quantification of the impact of the history match
process on further production forecast, and
consequently, redevelopment plan has been optimized
taking into account the associated risk.

CONCLUSIONS ON THE COUGAR™
METHODOLOGY

The COUGAR™ methodology was developed
within a Joint Industry Project (JIP) named
COUGAR, which was launched by IFP in March
2001 for two years and which is currently open to
new oil industry partners for a 3-year extension work
program. The main objective of this JIP is to develop
a prototype software based on statistical approaches,
such as experimental design methodology validated
through real field case studies provided by the
partners. All kind of uncertainties may be
simultaneously or separately investigated, from the
static model including the main geological
assumptions (structural, stratigraphic, ...), the
geostatistical parameters (seed, correlation length,
variograms, petrophysical properties, ...), the scale-
up model assumptions, the fluid flow simulation model
parameters (relative permeabilities, fluid properties,
well location and productivity, ...), up to the surface
facilities scenarios and economic uncertain
parameters (oil price, OPEX, CAPEX, ...). Any
outputs of the modeling workflow, including, for
instance, volume of fluids in place, production profiles
per well, field net present value, etc., can be computed
as a specific “proxy” model which represents the
impact of the main uncertainties on this output. These
proxy models can then be used to optimize for
instance a redevelopment plan (infill well location and
architecture, injection rates, plateau duration,...) while
taking into account all the inherent risk in the reservoir.

Using COUGAR™, petroleum engineers will be
able to propagate an uncertainty within their own
modeling workflow and to compare the uncertainty
impact on any output of the field evaluation, whether
technical or economic. Decisions at each phase of
the field life, from exploration, appraisal, development,

to final recovery, can hence be taken while quantifying
the risk associated with all the technical and economic
uncertainties that may affect this decision.

Ranking of Development Strategies

The advent of new techniques for better evaluating
reserves and developing continuously improving field
surveillance and monitoring strategies, leads the oil
industry to build evermore detailed static and dynamic
reservoir models,

As seen in the previous section, the COUGAR™
technology is designed to help in the decision making
process in all phases of field life starting from
exploration to late IOR development strategies.

To simplify even more the duty of the reservoir
engineers and assess a limited number of pre-select
development scenarios it can be worth considering
additional ingredients such as the combination of
“light” calculations and analysis techniques for
screening and optimization with computationally
intensive full physics simulation.

Figure 3 illustrates this workflow. The rectangular
boxes on the top indicate the elements of a
conventional reservoir modeling study. The rounded
boxes on the bottom represent new tools that would
need to be developed in order to assist the engineer
to (1) take coherent modeling decisions and (2) pre-
select potential redevelopment scenarios which will
be analyzed and ranked using our COUGAR™
technology.

This workflow consists of three different themes:
Data Analysis, IOR Screening and Drainage Pattern
Optimization. These themes are detailed in the next
sections.

Simulation model

Data base
static/dynamic

—p| Gealogical model -—-bl History malchl—b‘l Prediction scenaricsl

L / ﬁalysm If Y‘\/i I

T Conceplual I0R Paltem
[A‘ma.‘y e a(reservoirmadel) (screem’ng oplimisation,

Fig. 3. Work flow combining “light” analysis techniques with
detailed geological modelling and full physics simulation.

Data Analysis
Analysis
Besides elaborate static or dynamic reservoir

modeling, it is important to obtain the best possible
understanding of the reservoir architecture and the
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performance of the present recovery processes. This
understanding can be obtained from review of
previous reservoir studies (with risk of prejudice), as
well as from direct analysis of the field data. Analysis
of the production history serves to identify potential
alternative strategies to target remaining oil, as well
as possible inefficiencies in the current recovery
strategy (cross flow behind casing, scale formation,
gas cusping, thief zones). Analysis of the production
history can also help detail the appropriate reservoir
modeling approach: point out the key geological
features and flow processes that need to be captured
in the models,

Analysis of the production history of mature
reservoirs generally involves handling of large
volumes of data of varying quality. There may be
hundreds of wells, a long production history, a large
number of workovers, a multitude of SCAL data as
well as several subsequent recovery strategies
(natural depletion, water injection, gas injection, infill
drilling). Construction of a well-organized data base
(as complete and accurate as possible) is an essential
first step for efficient analysis of the recovery:history.

Data analysis can include material balance,
statistical analysis routines for production data and
assessment of main displacement characteristics
(gravity dominated, viscous dominated, thief zones).
A key element of the analysis is also the visualization
of the data; bubble plots of production, composite
plots showing production, static pressure, PLT and
RFT data, as well as perforation history. To this end,
the reservoir data base should be linked to a flexible
user interface allowing composite visualization of all
data, as well as the execution of (user defined)
analysis scripts and software (material balance).
Development of this type of flexible software is
currently being contemplated by the IFP.

The Conceptual Reservoir Model

Based on above analysis, a conceptual reservoir
model can be elaborated. This conceptual reservoir
model is a simplified description of the reservoir which
is representative of a volume fraction of the total
IESErvoir.

Depending on the process of interest (for example
well inflow performance modeling or sweep
efficiency analysis) a conceptual model can be a 2D
cross section, a single well in a radial geometry, a
symmetry element of a pattern (quarter five spot) or
a pattern with a limited number of wells. The
conceptual model should contain the key reservoir

heterogeneities. Although an exact history match is
not required, the model should capture the global
dynamic reservoir behavior. The model can have a
geostatistical basis, being constructed of rock types
with certain correlation lengths. The conceptual model
should be simple enough so that it can be changed
easily, and the turnaround time should be low (< 1
hour per run) so that many sensitivities can be
evaluated in a relatively short timeframe. If required,
several conceptual models can be constructed, each
of which being representative for a specific part of
the total reservoir volume.

In the analysis phase of the study, COUGAR™
type studies as presented in part-1 can be run on the
conceptual model to assess, in more detail, the effects
of different reservoir characteristics (heterogeneity,
vertical permeability, fluid properties, etc) on reservoir
performance under the current recovery
mechanisms. This work provides additional insight
into the reservoir performance, helps in defining an
appropriate modeling approach, helps to identify an
history matching strategy, and can also serve to
identify and evaluate IOR strategies.

IOR Screening

Screening for IOR redevelopment scenarios is
performed on different levels. A first step consists of
the use of basic screening parameters. For example,
many chemical processes can not be applied at high
reservoir temperature and salinity due to their rapid
degradation. In a second step, the additional recovery
of the pre-selected processes can be assessed using
either analytical models, or by running the pre-selected
processes on the conceptual reservoir model. Again,
the COUGAR™ approach can be applied to quantify
the uncertainties associated with the proposed IOR
processes (e.g. water shutoff, EOR, productivity/
injectivity enhancement).

IOR screening should take proper account of the
facilities aspects, and the present state of the wells
and completions. The TOR project should be
considered as an integrated project in which
geologists, production engineers and reservoir
engineers make their contribution.

Field example of Analysis and IOR Screening

A field example of the above IOR screening
process is an offshore carbonate reservoir located in
the Gulf of Oman. The reservoir is a multi layer
formation which has been on commingled injection
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and production for about 25 years. Characteristic of
the displacement process is the rapid water
breakthrough in thief zones. As a result of high water
cycling, pressure maintenance has not been fully
achieved, and the reservoir is below the bubble point
pressure. Analysis of the water flooding data indicated
four “types” of remaining oil (Fig. 4): (1) Oil
remaining in low permeability layers, (2) bypassed
oil in layers with a thief zone, (3) traditional residual
oil, and (4) remaining oil associated with areal sweep
(due to well pattern and sub-seismic faults).

Types of remalning olt:

0] Oi! remaining In a low parmeable layer

@ By-passed cit dua 1o the presence of thial zones
@ »ciaasic™ residual ol in zanes that are well fiooded
D remalining ofl associated wilh areal sweep

Fig. 4. Drainage pattern optimisation, workflow.

Preliminary screening revealed that specific
reservoir conditions (P, T, water chemistry,
heterogeneity) make it difficult to apply most
conventional EOR processes like chemical floods,
miscible or immiscible gas flooding gas flooding.

After reviewing the options, water alternating gas
injection (WAGQG) was identified to potentially target
“type” (2) and (3) remaining oil, while intelligent
completions were proposed for better distribution of
the injection water over the reservoir layers, targeting
type (1) remaining oil.

Conceptual reservoir models were constructed in
the form of high resolution cross section models to
quantify the EOR potential of WAG. Special emphasis
was put on the three-phase relative permeability and
capillary pressure description. COUGAR™ based
sensitivity analysis, focusing on the reservoir
heterogeneity and uncertainty in three-phase
petrophysical data, indicated a disappointing
incremental oil recovery of WAG of the order of 3%.
This incremental recovery was insufficient to justify
the required surface facilities modifications for WAG
injection in this mature offshore field. However,
review of existing surface facilities, showed that there
was a possibility to apply the existing gas lift system

for a SWAG (simultaneous water and gas injection)
scheme. Further simulation studies indicated that the
expected additional recovery of SWAG was of the
same order of magnitude as WAG. Economic analysis
of the SWAG process showed that this process, due
to its low cost, would be of significant economic value
as a breakeven additional recovery of less than 0.3%
was required.

Drainage Pattern Optimization

The third theme of the workflow presented at the
beginning of this section consists of drainage pattern
optimization (Fig. 5). Evaluation and optimization of
drainage pattern is a problem that can involve a large
number of variables: well positions, well architecture,
balance of injectors and producers, intelligent
completion technology, stimulation. Optimization of
all these options on the full field model would require
a two-stage approach starting with a simplified model.

The approach proposed would be to run the
development optimization studies on a simplified
model, which runs very rapidly. The optimization is
not performed on the actual parameter of interest
(recovery, Net Present Value), but on a parameter
which is equivalent to this parameter of interest. The
result of the optimization is validated in the full physics
reservoir simulator.

reservoir description
{static or dynamic)

streamlinelZ:) Pattern
mode! J(T | optimiser
optimised
scheme
[
validation
{conventional simulation)

Fig. 5. Drainage pattern optimization, workflow.

For the optimization, a streamline code would
bé used. These optimization runs are performed
in incompressible mode. Therefore, there are no
pressure transients (which can present some limits
for certain cases), only one pressure calculation
is required (o obtain the “steady state” plateau rate
for a given scenario. This allows very efficient
comparison of different competing strategies to
maximize production rate, like horizontal well
length, reduction of well spacing, stimulation, gas
lift, ESP.

For the optimization of the volumetric sweep
efficiency, the Time of Flight (TOF) data (weighted
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by the mobile o0il) and the drainage area data from
the simulator are used. The basic idea is illustrated
in Figure 6. The TOF approach allows rapid
optimization of the well locations to equilibrate the
TOF of the mobile oil from its present location to the
production well. Note that the optimizations of well
type, number of wells (injectors and producers) and
well location are performed simultaneously for all the
wells in the model.
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Fig. 6. Nlustration of the optimization of well location using
Time of Flight (TOF) information.

Field Example, Pattern Optimization Studies

The development studies on a giant field located
in Middle East form an illustration of the use of
streamline simulation to optimize drain length, drain
orientation and well architecture of the horizontal
development wells.

This field is divided into three increments (Fig.
7). Increment 2 was recently put on production, and
is the subject of this field example.

The increments are characterized by three main
features: the matrix, which has a good permeability
of up to 200 mD, thin super-K layers, with a typical
permeability of 2+ D, and high permeable fracture
swarms, Data analysis and simulation studies
indicated that fracture swarm is a main cause of
early water production.

Fig. 7. Structure map.

Figure 8 shows a map of the fracture distribution
in increment 2, as well as a contour pressure map
generated by high resolution streamline simulation.
TOF calculations corresponding to Figure 7 are shown
in Figure 9.

Fig. 8. Drainage pattern optimisation, workflow.

Based on the TOF plot in Figure 9, a Monte Carlo
approach was applied to determine the performance
of different well types (horizontal wells, multilateral
wells), well lengths and well orientations.

boundary, TOF calculation

=== Constant presaure productio

““i me== Constant prsssun{lnlin:llnn
n
haundary TOF cauculation

I748000

Fig. 9. TOF data for increment 2.

Figure 10 shows results, in terms of achieved PI
per invested dollar, for the single drain horizontal wells,
as a function of the well length and well orientation.
The optimum configuration was subsequently
validated in the finite difference simulation model. A
statistical survey of existing horizontal wells in the
area also confirmed the results of Figure 10.
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Combining Those Approaches: Towards
Integrated Reservoir Studies for Optimal
Development Scheme

We have clearly seen in the two previous sections
concerning the COUGAR™ methodology developed
for quantifying uncertainties and ranking development
strategies that a fast but rigorous diagnosis of each
possible development scheme has to be properly
accounted for, and would require, sometimes, to be
studied in a detailed way.

One concern is related to the fact that generally
the outcome of a development strategy can still be
uncertain. This demands the development of the
experimental design technique so as to deal with
specific decision tree where scenarios are of
probabilistic nature.

This is the goal of the follow-up of the development
of the TFP led COUGAR 1I joint industry funded
project. Such an issue is vital to be able to optimize
any petroleum production in the future.

CONCLUSIONS

Nowadays, due to the advent of the field
surveillance and field monitoring strategies, a large
amount of data is acquired and should allow the
improvement of the understanding of the reservoirs
and, hence, optimize their exploitation. This applies,
as first priority, to mature field production which needs
to be optimized to face the fast growing world energy
demand for the next 30 to 50 years.

Taking advantage of this huge amount of data,
and quantifying and reducing the uncertainties they
create in the field development process, is a main
objective of the comprehensive methodology based
on the COUGAR™ technology presented in this
paper. This methodology is employed to define a
simplified model (the proxy model) which will behave
as the true reservoir model but running much more
rapidly. This proxy model, which can be coupled to
some economic spread sheets can then be used to
malke production forecasts and optimize the recovery
factor as well as the net present value.

In order to perform a preliminary screening
analysis which can help to rapidly point out best
candidates among possible (re)development
strategies, the methodology can comprise specific
items including use of simplified simulations.

Those methodologies and tools are already
available as illustrated by the field cases presented

in this paper and are subject to continued
development and improvement at IFP. Those
developments are conducted under the form of joint
industry-funded projects and should contribute to
constitute in the coming years important components
of the new toolbox of the reservoir engineers.
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Consequences of Asphaltene Adsorption on Flow Phenomena
in Porous Media
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Abstract: The original water wetting of most agents or matter originally present in the crude
reservoir minerals can be altered by adsorption oil. These organic active agents include both a
of polar compounds or deposition of organic polar (hydrophillic) and non-polar (hydrophobic)

ends. The hydrophillic ends are adsorbed on the
suiface, exposing the hydrophobic ends leading
to oil-wet behavior.
*Petroleum Research Centre, Libya. S , bl : d “ d J 51l y
** Research Institute of Applied Chemistry, University of Miskolc, ince wettability is defined as the tendency
Hungary. of surfaces to preferentially wet by one fluid
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phase; Altering the wettability is, therefore,
considered to be a key factor in shifting the
petrophysical properties of the reservoir rock
(e.g. Pc, and krw/kro), the distribution of fluids
within the porous medium, relative permeability
characteristics, and consequently, the targer of
oil production by any improved oil recovery
(IOR) process.

Primary aims of the present investigations
were the wettability characterization of the
Sharara field and developmment of an innovative
chemical for protection and maintenance of
reservoirs.

Column saturation dynamic tests were
performed to investigate the adsorption of
asphaltenes separated from light Libyan oil,
medium and heavy Hungarian oils onto a crushed
formation rock obtained from Algvi field, The
effect of asphaltenes adsorption on wettability
was also studied. Initial results revealed that there
is no significant difference in the adsorption of
different asphaltenes. A well-defined correlation
was found between the mineral composition of
the adsorbent and the specific adsorption loss
when the rock was treated with a particular
percentage of calcite and clay. Stability of
microscopically thin layers of water distributed
along the surfaces of the pores was also
investigated. A correlation showing the effect of
residual water saturation on asphaltene
adsorption processes was presented.

The effect of asphaltene adsorption on
wettability  has  shown an  effective
hydrophobization on all rock samples. The final
conclusion of the research program suggests that
a solution of asphaltenes, distillation heavy cuts
and even crude oils with high asphaltene contents
can, equally be used as a treating media for
hydrophobization of porous media.

INTRODUCTION

Understanding the role of asphaltene in wettability
reversal will help in planning more efficient oil
recovery processes. In this context, this work has
two objectives:

= The wettability characterization of the Sharara
field (located in Libya)

= Development of an innovative chemical for
protection and improvement of the recovery at the
field scale.

The wettability characterization of the Sharara
field was performed using water contact angle
measurements as a function of time on carbonate
rock having homogenous and heterogeneous surface.
The reservoir wettability characteristics are often
attributed to adsorption of asphaltenes onto the
mineral surface of reservoir rock!"l. Therefore, the
effect of asphaltene adsorption on wettability was
evaluated by treating the rock plates with
asphaltenes-toluene solution, stock tank

oil-toluene solution and just stock tank oil. For
comparable conditions, three asphaltenes were
precipitated from three different oils: light (Sharara),
Medium (Algyd) and heavy (Nagylegyel).

Dynamic tests served for determination of specific
adsorption of asphaltenes from the three types of
oils were conducted. Reservoir rocks and natural
adsorbents having different mineral compositions
were used to compare the adsorbed amount under a
fixed flow conditions.

An asphaltene adsorption study was started on
asphaltene/rock system. This system consists of
adsorbent as a toluene suspension packed in a glass
column and a fixed stock asphaltene solution of
0.5g/1 concentration was flowed continuously onto
adsorbent.

All cumulative curves showed a definite maximum.
The value of the maximum and the corresponding
injected volume depend on both the asphaltene and
the adsorbent type. Asphaltene/rock/water system
was then investigated. Water is added in this system
to account for the effect of residual water saturation
on asphaltene adsorption processes.

The flow measurements were focused on the
effect of asphaltene adsorption on absolute, effective,
relative and normalized relative permeability of natural
formation cores in gas/water system. Similarly, the
impact of asphaltene treatment on capillary pressure
curvés and J functions were determined by
centrifugal method using the same formation
(sandstone) cores.

Literature Survey

Even though the main cause of asphaltene
deposition has not been well understood yet, and this
topic is far from being concluded™, many research
papers agreed on the fact that the efficiency of
recovery processes was affected by the amount of
asphaltene adsorption onto rock surface and
asphaltene deposition onto the production facilities.

Many factors like: the change in flow conditions,
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temperature, pressure, composition of crude oil, brine
chemistry, viscosity, capillary pressure, characteristics
of reservoir rock and, the wetting degree of the rock,
etc. were considered important in wettability alteration
due to the presence of crude oils, consequently, the
asphaltene adsorption on the rock surface. For
instance, it had been proved that one of the main
problems in miscible flooding processes was the
asphaltene precipitation accrued due to the change
of flow behaviour, phase equilibrium and rock
characteristics during the injection of miscible gas. It
is well known that a rich variety of wetting behaviours
can be induced in rocks by treatment with crude oils.
As with reservoir wettability, these changes are
commonly ascribed to adsorption of asphaltenes'.
It has also been confirmed that the physical adsorption
of polar compounds/organic materials that were
initially present in the reservoir crude oils has a great
effect on shifting the wet conditions from a water-
wet to oil-wet and vice versa. In this direction, Morrow
et al.P! screened several polar compounds present
in the crude oil that may be responsible for the change
in wettability. Ali er al.'” studied the effect of
asphaltene precipitation on carbonate rock
permeability. That had been done when the effluent
asphaltene concentration was compared to that at
the inlet, asphaltene deposition was noted in the pore
channels. They thought that two distinct mechanisms
were identified, deposition and adsorption. Deposition
could be explained in terms of trapping and mechanical
plugging. They concluded also that most of the
asphaltene deposition is likely to take place near the
well bore.

The deposition was found to be a function of
permeability, flow rate and concentration. On the
other hand, experimental results showed that
asphaltene deposition has an impact on reservoir
permeability and end-point saturations. That was
concluded by Kamath ef al.”! when a series of
dynamic displacement tests were conducted to
evaluate the effect of asphaltene deposition on water
flooding in both consolidated and unconsolidated sand
pack.

Glampietro er al.'" accomplished a series of
adsorption tests to determine the isotherms of
asphaltene on sandstone rock. They noted that the
asphaltene adsorption is a continuous phenomenon
and does not reach saturation similar to conventional
surface-active materials. Collins et al."”!, used in their
work, an asphaltene sample recovered from a deposit
on the tubing string of a producing well in Alberta,
Canada, light oil reservoir to study the adsorption of

asphaltenes and water on reservoir rock minerals.
One of their conclusions was that adsorption of
asphaltenes was reduced but not eliminated by the
presence of water.

Dubey and Waxman'" studied the asphaltene
adsorption and desorption on clay minerals, silica and
carbonates. The effect of adsorbed asphaltenes on
water-wet sandstone rock resulted in a partially water-
wet or neutral water-wet system. That was illustrated
by the United States Bureau of Mines Method
(USBM) wettability indices and oil saturation vs.
capillary number curves.

The asphaltene fractions of oil generally consist
of condensed aromatic and naphthenic molecules
with molecular weight in the range of several hundred
to several thousand grams per mole. “Heteroatoms
in asphaltene such as nitrogen, sulfur and oxygen
indicate the presence of polar groups. Such a
molecular structure has properties similar to that of
surfactant™"l. Surfactant injections are considered
to be one of the effective IOR methods.

Kim et al."" concluded that the role of
asphaltenes seems to be substantial in altering the
interfacial properties of water and oil systems. They
also added that the instability of interfacial tension
(IFT) is due to asphaltene characteristic of asphaltene
particles.

Yu Liu and Buckley!" conducted an experimental
work in which they stated that adsorption of crude
oil components on prewetted surface was strongly
time dependent and followed a two stage pattern:
initial fast adsorption followed by low rearrangement
of adsorbate. They also concluded that desorption of
crude oil components depends on both brine
composition and temperature.

Buckley er al."¥! summarised that the extent to
which wetting is altered in crude oil/brine/rock
(COBR) systems by adsorption of crude oil asphaltic
material, was affected by changes in oil solvent
properties, even in a mixture in which the asphaltenes
are stable with respect to precipitation.

Wettability of reservoir rock can cover a broad
spectrum of wetting conditions that range from very
strong water-wet (VSWW) to very strong oil-wet
(VSOW). Within this range, complex mixed
wettability conditions, given by combination of
preferentially water wet and oil wet surface, have
been identified. Consequently, wettability is
considered to be a significant issue in multiphase flow
problems ranging from oil migration from source rocks
to enhanced oil recovery processes as alkaline
flooding or alternate injection of CO_ and water'?.
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Laboratory displacement tests were used to
evaluate the effect of wettability on oil recovery.
Wettability of COBR systems is usually determined
by the Amott test or the USBM methods. Results
for (VSWW) conditions are commonly used as a
reference state. Reported changes in recovery as
systems become less water-wet range from being
much lower to being much higher than those given
by the originally VSWW conditions. Accordingly, the
goal of wettability studies was to provide consistent
explanation of these apparent inconsistencies and to
identify most favourable conditions for oil recovery.

Chang et al.l" studied the impact of wettability
and core heterogeneities on relative permeability.
Their numerical simulation runs on separately
characterized lithologies to describe the flow
mechanism in mixed-wet porous media showed that
an increase in oil wettability increases the water
relative permeability and decreases the oil relative
permeability. They also concluded that a decrease
of initial water saturation, produced an increase in
relative permeability hysteresis. Baldwin!™! stated
that the magnitude of the fluid surface interaction, as
measured by wettability affects the movement of
ultimate production of oil. He found that relative
permeability vary with the surface permeability, and
confirmed that relative oil permeability decreases as
the strength of oil interactions with the rock surface
(oil wettability) increased.

It is worth mentioning that relative permeability is
not only a single function of fluid saturation and
wettability of rock surface, but it is dependant on
saturation history as well. The saturation history
hysteresis is an outcome of the redistribution of two
or more immiscible phase saturation during drainage
and imbibition processes. That was confirmed by Jun-
Zhi and Lile!"¥ in their study of the influence of
wettability and saturation sequence on relative
permeability hysteresis in unconsolidated porous
media.

Desbrandes and Bassiouni!'” have conducted an
experimental study to investigate the effect of
wettability on formation pressure profile recorded at
the oil water contact with residual oil present in the
water zone. They observed that in a water-wet sand
pack, the pressure gradient changes quickly from oil
to water gradient at the movable oil level. This change
was located above the free water level. However, in
the oil-wet sand pack, the gradient also changes
quickly at the movable water level, and this change
was located below the free water level. Using the J-
function concept, they related the contact angle to

the water rise in the water-wet model or the oil fall
in the oil-wet model. Dixit et al.'8 have developed a
three dimensional (3D) network model to derive the
capillary pressure curves from a non uniform, mixed
and fractionally wet systems. Results indicated that
oil recovery via water imbibition in weakly water-
wet cores can often exceed that obtained from
strongly water-wet samples. McDougall and
Sorbie™ used network modelling to examine the
sensitivities of a given process to a variety of
phenomena. They investigated the very important
role played by wettability at the pore scale in both
fractionally and mixed wet media in order to explain
how wettability influences the resulting capillary
pressure, relative permeability and water flood
recovery efficiency. They found out that the simulated
capillary pressure data have demonstrated that
standard wettability tests (e.g., Amott-Harvey and
free imbibition) may give misleading results when the
sample is fractionally wet in nature.

Basu and Sharma® used the Atomic Force
Microscopic to record the force required to rupture
thin brine films on quartz surfaces in order to follow
the change in wetting properties of the reservoir rock.
They concluded that the film breaks when the
magnitude of capillary pressure exceeds the repulsive
surface force in the thin film. These thin film forces
are related in a complicated way to the brine
chemistry, oil composition and surface morphology.
They added that low values of critical capillary
pressure imply that large section of reservoir rocks
may be rendered mixed-wet as the brine film are
unstable. On the other hand, high critical pressure
values imply water-wet reservoir.

ADSORPTION STUDIES

In a recent paper, a detailed comparative study
of asphaltenes adsorption on reservoir rocks was
reported. The laboratory measurements were
extended to different n-pentane asphaltenes
precipitated from Hungarian and Libyan crude oils
(Table 1). A crushed reservoir rock (Algy6 field,
Hungary) in its original form and enriched then by

Table 1. Asphaltene content and viscosity of the tested
crude oils.

Oil Asphaltene Viscosity, mPa s
content, % (30 °C)

NL-119 (Hungarian) 19.04 380.00

Alg-541 (Hungarian) 2.21 4.27

A27 (Libyan) 0.56 3.14
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montmorillonite and calcite were used as basic
adsorbents. The adsorption tests were performed
under static (batch type) and dynamic (column
elution) conditions.

The amount of asphaltene adsorbed by the
formation rock was calculated by the following
equation:

F=(C—Ce)y

Where:

I' = the adsorption (mg/g of adsorbent).

C, =the initial concentration (mg/1).

C, = the effluent concentration (mg/1).

V =volume of solution (ml).

W = weight of adsorbent (g of dry core).

In the static tests, the dependence of the
adsorption loss on concentration was described by

the T6th’s isotherm:
S

s _ N 'Ce
= T
1/k +cg
n® =n}, if k<<c!
Where:

n* = Calculated adsorbed amount mg/g.

C, = Concentration of asphaltene mg/cm’.

t = Interaction parameter.

K = Constant.

It was concluded that there was no significant
differences in the adsorption of n-pentane
asphaltenes, but a well-defined correlation was found
between the mineral composition of the adsorbent
and the specific adsorption (retention) loss (Figs. 1
and 2).

The outermost layer of molecules dominates the
wetting properties of a solid. The water thin film
formed on the solid surface as result of spreading
the water was investigated experimentally (column
elution as well) to determine its effect on asphaltene
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Fig. 2. Dynamic adsorption of NI-119 asphaltene solution.

adsorption. That was done when different volumes
(0.1-1.0 ml.) of distillate water were added into the
dry formation rock. The VIS spectrophotometry
reading showed that there were no asphaltene
adsorbed when the sand pack was fully saturated
with water. The relation between the volumes of
water utilized to saturate the adsorbent and the
specific adsorption (retention) loss produced another
well-defined correlation (Fig. 3).

WETTABILITY STUDIES

The wettability of a smooth carbonate rock having
homogeneous and heterogeneous surface were used
as a model material for evaluation of the asphaltene
treatments. First, the contact angle of water on
carefully cleaned rock plates was determined as a
function of time. After this step, the same plates were
immersed into asphaltene toluene solution for 24 hrs.
The treated rock plates were then rinsed with solvent
and dried at 80° C in vacuum oven. In a parallel test,
the treatment was carried out with a solution that
contained not asphaltene, but the original oil in the
same concentration. In another test, the treatment
was carried out with the original oil only. Equilibrium

0.1
—=— no waler —a8—0.1ml.
0.09 |- 1 —&—0.25ml. —A—0.5ml. |
—o— 1.0 ml. —e— 100% saturaled
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0.04
0.03
0.02
0.01
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Fig. 3. Effect of water added on asphaltene adsorption.
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contact angle was set after 10 min. in all the cases.
Results of the wettability tests are shown in (Table
2). in which the contact angles measured on untreated

Table 2. Effect of asphaltene on wettability (contact angle).

Treatment Homogenous | Heterogeneous
No-treatment 85 54

NL-119 asphaltene in toluene | 124 115

A-27 asphaltene in toluene 121 120

NL-119 oil in toluene 120 110

A-27 oil in toluene 77 54

A-27 oil 107 113

surface serve as a basis of comparison. The presented
results confirmed that the contact angle on
homogeneous surfaces was always higher than those
measured on heterogeneous surfaces, except in the
case of treating with just original A-27 oil, the contact
angles were almost equal. The results showed also
that the asphaltenes from heavy and light oils were
equally effective in wettability alteration. When the
oil solution was used as a treating agent, only the
heavy oil proved to be effective. The Libyan oil was
also effective when it has been used alone as a
treating agent.

EFFECT OF ASPHALTENE ADSORFPTION
ON FLOW PROPERTIES

Asphaltene Solution and Reservoir Rock

Standard procedure was used to precipitate the
asphaltene by n-pentane. First, the light cut of the
oils was removed by atmospheric distillation up to
210°C. The solvent-residue ratio was 10:1, namely
15 ml of the light cut-free oil was mixed with 150 ml
solvent. After 24 hours, the mixture was filtered; the
solid asphaltene washed carefully and dried in vacuum
at 70°C. Diluted asphaltene solutions were used.
First, a stock solution with 0.5 g/l concentration was
prepared using toluene as a solvent. All tests were
performed with this stock solution. The analytical
(calibration) curve was practically linear in the
mentioned concentration range. The RSD of the
measurements was better than =5 %. The formation
rock sample was obtained from the Algy®d field (S-
Hungary). The data of the mineralogical composition
of the rock determined by X-ray diffraction were
listed in recent paper®'!. Prior to flow studies, the
cores were characterized by He and Hg porosimetry.
The geometry and porosity of these cores before and
after treatment with asphaltene solution are

summarized in Tables 3 and 4. It can be seen that
the effect of asphaltene treatment on porosity is
negligible.

Table 3. Geometry, pore volume and porosity of formation
cores.

Symbol | Length, | Cross- Voo | B - | Ry -
cm section, cm? | ¢m?

SB-1 6.961 4.691 6.422 1 0.2154 | 0.1956

SB-2 7.092 4.711 6.669 | 0.2147 | 0.1996

SB-3 7.137 4.707 7.286 | 0.2169 | 0.2046

SB-4 7.112 4714 7.517] 0.2242 | 0.2075

Symbol | &, , - ' BBt 1 P/ P -
SB-1 0.2212 0.1830 0.9738 1.0686
SB-2 0.2181 0.1909 0.9844 1.0454
5B-3 0.2201 0.1704 0.9855 1.0454
SB-4 0.2292 | 0.1777 (0.9782 1.0454

Permeability Measurements and Water
Saturation

The absolute, effective, relative and normalized
relative permeability of cores were determined with
the aim at characterizing the flow properties of water
and gas in the original and the asphaltene treated
cores. In the literature, numerous methods have been
proposed for the determination of the relative
permeability curves. The so-called “displacement”
type procedure developed by Téth et al.1** was
applied in this study. Four relatively similar cores
were selected for this study. Absolute and effective

permeability before treatment are listed in Table 5.

Table 5. Absolute and effective permeability of cores before
asphaltene treatment.

Symbol lc‘._h, mD bh“, - k“_h, mD
SB-1 37.36 0.2837 n.d.
SB-2 44.97 0.0731 25.34
SB-3 33.82 0.4312 19.08
SB-4 45.30 0.2128 25.12

b,” = Klinkenberg constant before treatment

The absolute permeability of cores was determined
by nitrogen using the Klinkenberg’s technique. The
protocol and sequence of relative permeability
measurements in gas/water system was described
in detail in a previous paper’®. Results of the
permeability measurements are summarized in Table
6 and (Figs 4-7). The normalized curves are also
presented in these figures. It can be seen that the
absolute gas permeability of cores decreased after
asphaltene treatments. Parallel with this change, the

Table 4. Effect of asphaltene treatment on porosity of cores.
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Table 6. Absolute and effective permeability of cores after
asphaltene treatment,

Symbol k _,mD b, - k_.mD
SB-1 27.56 0.9591 23.28
SB-2 38.33 0.6493 29.66
SB-3 30.10 0.8452 16.01
SB-4 39.51 0.5677 36.64

b,” = Klinkenberg constant after treatment
Klinkenberg constant multiplied and became more
uniform among the treated cores. On the basis of
these experimental findings, it may be concluded that
the smallest pores and capillaries were really blocked,
and as aresult, the tortuosity and the free tflow cross-
section decreased after asphaltene treatment. With
regards to the effective water permeability, the impact
of the asphaltene treatment was controversial and
the number of experiments is not enough to draw
statistically correct conclusion and unfortunately the
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Fig. 4. Effect of asphaltene treatment on relative relative
permeability (SB-1 core, drainage direction).

1000
O before o
100 + - - —i— after “ e Ch A 5:]
10 4
2
= ]
z u|
= 1
0.1 4
0.01 T T T T
0 0.2 0.4 0.6 0.8 1

Sw, -

Fig. 5. Effect of asphaltene treatment on relative permeability
(SB-2) core, drainage direction).
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Fig. 6. Effect of asphaltene treatment on normalized relative
permeability (SB-1 core, drainage direction).
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Fig. 7. Effect of asphaltene treatment on normalized relative
permeability (SB-2 core, drainage direction).

data for core SB-1 was missing. Evaluation of water
saturation data obtained before and after asphaltene
treatments clearly indicated a hydrophobization effect
in all cores (Table 7). In general, the residual
saturation measured after gas injection decreased by
4-6 %, except in the case of core SB-4, the change
is roughly 50 %. On the other hand, the residual gas
saturation or maximal water saturation at the end of
water injection increased a little. Thus, the asphaltene
treatment may have both positive and negative effect

Table 7. Effect of asphaltene treatment on water saturation
of cores.
Symbol | Before treatment

After treatment

wmin-h? wmax-h? wmin-a’ WX i

SB-1 0.4252 0.9730 0.3676 0.9710
SB-2 0.3723 0.9830 0.3357 0.9857
SB-3 0.2121 0.9128 0.1797 0.9383

SB-4 0.2012 0.8973 0.1038 0.9134
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on relative gas permeability depending on the core
structure and fluid saturation. That can be seen in
the relative permeability curves shown in Figures 4
and 5. The normalized relative permeability curves
shown in (Figs. 6 and 7) proved a similar behavior as
the original ones did. It has been noted that the curves
were not coinciding, that is to say, that the actual
flow path of gas and water in cores are different in
the original and the treated cores. Once again, the
reasons must be searched in the hydrophobization
and its consequences in porosity, tortuosity, capillary
forces, efc.

Capillary Pressure Measurements

Experimentally, both the diaphragm and the
centrifugal methods were routinely used. Two of the
serial measurements will be presented here which
well demonstrate the effect of asphaltene treatment
on capillary pressure curves. Basically, two methods
are used for fitting of laboratory data to reservoir
conditions. The so-called J-function uses the physical
properties of rock and fluid as a correcting term and
is expressed as:

15, )= PCLI;J”Z

Another proposed formula in literature is:

p Kk 1/2
J(Sw)= G)CS é(p)

=J(SW)a
ISy )p

Where:

o= Interfacial tension (dyane/cm).

Pc = Capillary pressure (dyne/cm?).

K = Permeability (cm?).

@ = porosity (%).

©= Contact angle (2%).

Supposing that the hydrophobization slightly
affects k, ® and ¢ the W value gives an indirect
information for wettability alteration at constant P,
Therefore, the second procedure was used in this
research program. The primary obtained capillary
pressure curves and the normalized J-functions as a
function of water saturation are shown in Figures 8
to 11. Meanwhile the data for water saturation and
threshold pressure are listed in Table 8.

Results reflected that both the normal and the
normalized J-function curves run below the original
ones after asphaltene treatment (Figs. 10-11). Atlow

water saturation, the curves may intersect each other,
however, they practically approach the same limiting
residual values. Effective hydrophobization could not
be predicted by the residual water saturation (Table
8) and this fact apparently contradicts to the
conclusions, which might be drawn by the
modification of capillary and threshold pressure data.
The phenomena are explained by the small size and
end effect of cores and the native properties of the
centrifugal technique. After asphaltene treatment, the
threshold pressure considerably decreased. These
experimental results definitely indicate a strong

Table 8. Effect of asphaltene treatment on residual water
saturation and threshold-pressure (P, data).

Symbol Before treatment After treatment
winin-h? Pl-h’ bar winin-a ~ Pl—:l’ bar
SB-6 0.2352 0.1402 0.2491 0.1304
SB-6
(normalized) | - 0.0885 - 0.0673
SB-10 0.2395 0.1168 0.2414 0.0985
SB-10 - 0.1077 - 0.0763
10

Pg, bar
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0.01 : r T
0] 0.2 0.4 0.6 0.8 1
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Fig. 8. Effect of asphaltene treatment on capillary pressure
curve (SB-6 core, centrifugal technigue).
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Fig. 10. Effect of asphaltene treatment on normalized capillary
pressure curve (SB-6 core, centrifugal technique).
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Fig. 11. Effect of asphaltene treatment on normalized capillary
pressure curve (SB-10 core, centrifugal technique).

hydrophobization after treatment not only in the initial
period of water drainage by gas, but through almost the
whole process (down to 30 % water saturation which
is close to the residual value). Although the curves in
(Figs. 8-11) fall very close to each other, the difference
of water saturation belonging to constant capillary
pressure and J values are remarkable. As shown in
Figures 12 and 13, that difference rapidly decreases
with the capillary pressure and reaches zero as the
drainage gets to the final stage. Anyhow, the asphaltene
adsorption resulted in an accelerated water displacement
in both cores, or in other words, identical water saturation
could be obtained at lower capillary pressure after
asphaltene treatment.

CONCLUSION

1. Langmuir and the Téth isotherm were used to
describe the static (batch or equilibrium type)
adsorption tests. However, in high asphaltene

0.5

0.4 1

0.1+

0.6

Pc, bar

Fig. 12. Difference of water saturation at constant capillary
pressure caused by asphaltene treatment.
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0.4 1

0.1 1

0.6
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Fig. 13. Difference of normalized water saturation at constant
T function caused by asphaltene treatment.

concentration, particularly in clay rich system, these
formulas cannot be applied for description of the
sorption phenomena.

2. The measured and calculated adsorbed
amounts of the static tests were in good agreement
with the dynamic adsorption loss determined by the
maximal values.

3. All asphaltenes (light, medium and heavy)
significantly influenced the wettability of carbonate
type formation rocks.

4. The Libyan oil, in its original form, caused
nearly the same wettability alteration on carbonate
rock surface as its asphaltenes in toluene solution did.
This result suggests that the sandstone Sharara field,
probably remained water-wet or intermediate after
contact with oil, but the native wettability of the
consolidating mineral components (carbonates,
dolomites) was substantially modified and became oil-
wet during the accumulation and entrapment process.

5. The effect of asphaltene adsorption on
wettability influencing the accessible pore volume,
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residual water saturation, threshold pressure, etc.,
clearly shows an effective hydrophobization on all
formation core samples.

6. Modification of the relative permeability and
capillary pressure curves suggests that the
spontaneous water imbibition might be drastically
restricted by asphaltene treatment.
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